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Introduction 

On December 20, 1993, Hazel R. O'Leary, Secretary of Energy, requested the 
National Petroleum Council (NPC) to examine and study the role of marginal 
wells in the nation's energy and economic future. The Secretary's letter specifi
cally requested that the NPC's study "should consider the cost and benefits of tax 
incentives for maintaining production for marginal and stripper wells." The 
Secretary also requested that "the Council undertake an analysis of economic and 1 

other challenges that domestic producers face in maintaining marginal produc
tion." As requested by the Secretary, the study also includes an assessment of 
informational resources and specific policy recommendations for preserving 
access to oil and natural gas reserves from marginal wells. It was requested that 
this study be performed within a six-month period to be finalized by June 1994. 
(See Appendix A for a copy of the Secretary's letter.) 

The Council established the Committee on Marginal Wells and appointed 
Victor G. Beghini, President, Marathon Oil Company, to chair the Committee. 
Reginald W. Spiller, Deputy Assistant Secretary, Fossil Energy, U.S. Department 
of Energy, served as Cochair. The Committee was assisted by a Subcommittee 
chaired by David C .  Gerard, Marathon Oil Company, and cochaired by Leonard L. 
Coburn and Sandra L. Waisley of the Department of Energy (see Appendix B for 
rosters of the Committee and Subcommittee). 

This report provides an historical overview of the domestic oil and gas in
dustry with highlights that focus on conditions that have caused a proliferation of 
marginal wells during recent history. The report examines both physical and 
economic characteristics of producing wells in the domestic petroleum industry. 

Understanding the historical background of the industry and the important 
role of marginal wells in the United States are key to the primary focus of this 
report. The report provides an evaluation of marginal well contributions to the 
national, state, and local economies, and to the domestic oil and gas industry. 
While the central theme of this report is maintaining marginal well production 
and the resource access these wells provide, it is . important that the industry 
strive to continually replace reserves in order to remain a viable industry. In that 
regard, this report does not address important aspects of the industry such as 
infill and development drilling, exploration, offshore, and Alaska operations . Due 
to the scope of the study request and short time frame for conducting an analysis, 
the report focuses only on lower-48 onshore wells. 

Further, the report provides an evaluation of various solutions to preserve 
marginal well production and proposed legislative/policy actions consistent with 
the evaluation. These proposed solutions are integral to the Secretary's request to 
"ensure that no potential contributor to our energy security and economic pros
perity is overlooked." 

This report relies heavily on the Energy Information Administration's 
(EIA) report entitled Economic Analysis of Domestic Oil Production . In addition 
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to utilization of the findings in the EIA's report, the analysis model created by the 
EIA was used in conjunction with an ICF Resources model to simulate the cost 
and benefit impact of various incentives on marginal well production. 

All of the production, well count, reserve values, etc. , published in this re
port were taken from public or commercially available sources, e.g. ,  API Statistics 
Book, DOE/EIA reports, Interstate Oil and Gas Compact Commission reports, 
Dwight's Energydata, Inc . ,  and Petroleum Information Corp. Data quality and 
availability, summarized in Appendix C, are addressed throughout the report. 
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Executive Summary 

WHY ARE MARGINAL WELLS IMPORTANT? 

Marginal wells are important contributors to the nation's energy supply 
and economic well-being. These wells help provide access to a known resource 
base of 350 billion barrels of oil, which is a target for recovery under an improved 
economic environment and enhanced oil recovery technology. 

Many domestic oil and gas businesses, both large and small, rely on these 
marginal wells as the backbone of their operations. These operations, comprised 
of many producing leases, should be viewed as a small business struggling to sur
vive in a global marketplace. However, as global market factors cause commodity 
prices to fluctuate, the economic viability of these wells is precarious. As a result, 
the backbone of these many businesses can collapse as decreasing oil prices de
stroy the contribution of marginal oil wells. 

There is a growing recognition of the importance of marginal wells. Some 
producing states have enacted measures to preserve marginal well contributions 
to their economies. In December 1993, the Secretary of Energy requested that the 
National Petroleum Council conduct this study on marginal wells. In February 
1994, a broad industry and bipartisan congressional coalition developed proposals 
aimed at preserving marginal wells. President Clinton, in a letter to Senator 
Boren on July 5, 1994, recognized the need " . . .  to identify policies that can extend the 
margin of economic production . . .  " which could include "provisions to extend the 
economic life of stripper wells onshore." 

WHAT IS AT RISK? 
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Marginal wells are by definition endangered. As domestic oil production 
declines, oil and gas industry jobs are lost, and the trade deficit increases as more 
crude oil is imported. There are hundreds of thousands of marginal wells, each of 
which is a tiny economic engine, providing jobs, energy security, and state and 
federal tax and royalty revenues.  It is important to recognize that :marginal wells 
almost always run out of money before they run out of oil and gas . The danger in 
losing these wells is embodied in their collective loss. This would cause the 
country to lose the opportunity to take advantage of new technology and improved 
prices which are crucial in recovering a portion of the 350 billion barrels of 
resource. 

WHAT MUST BE DONE TO PRESERVE MARGINAL WELL 
CONTRIBUTION? 

Preserving marginal wells is central to our energy security. Neither gov
ernment nor the industry can set the global market price of crude oil . Therefore, 
the nation's internal cost structure must be relied upon for preserving marginal 
well contributions. 

This report recommends four federal income tax incentives to help preserve 
the contribution of marginal wells to the domestic economy. In order for these 
incentives to be fully effective, all of the recommended tax credits and deductions 
should be applicable to both regular and alternative minimum tax liability. Addi
tionally, the marginal well credit should be transferable. 

• A marginal well credit to allow a tax credit for a specified amount of 
daily production from marginal wells. This credit is intended to be a 
safety net. It would be phased in as the average domestic wellhead 
crude oil price falls below a specific level. 

• An improved enhanced oil recovery credit to expand the current 15 per
cent tax credit for certain projects on marginal properties. 

• An inactive well incentive to provide a 15 percent tax credit for qualifying 
expenditures incurred in reactivating wells that have been inactive for 
two or more years. 

The following is an example of the range of costs and benefits over the next 
ten years of the above tax incentives. 
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Additional Production (MMBOE) 
Jobs Added (Labor Years) 
Additional State/Local Revenues ($MM) 
Reduction in Trade Deficit ($MM) 
GDP Added ($MM) 
Credit Cost ($MM) 

Other actions recommended include: 

300--500 
47,400--110,700 

300--900 
3, 700--7,500 

5, 700--13,400 
2, 700--2,400 

• Immediate expensing of all capital expenditures to encourage invest
ment in needed equipment on marginal properties. 

• Regulatory, royalty, and cost relief to help preserve the contribution of 
marginal wells by reducing the impact of increasing costs. 

Implementation of the above recommendations is an investment in the 
domestic oil and gas industry, yielding specific economic and social benefits . The 
various recommendations, when taken in aggregate, provide these benefits in a 
cost-effective manner. Since the economic benefit of these proposals will accrue to 
the nation, the costs should be borne by society at large. 
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Findings, Conclusions, and Recommendations 

FINDINGS 

As domestic oil prices fall, nearly 175,000 marginal oil wells and associated 
production could be lost through abandonments from 1995 through 2004. Provid
ing some of these wells with a safety net through federal tax credit mechanisms 
could result in 50,000 fewer abandonments, preservation of between 4 7 ,000 and 
110,000 labor years, and a reduction in the trade deficit by $3 . 7  to $7 .5  billion 
through avoided imports. 

Each of the 4 79,000 oil wells producing less than 15 barrels of oil equivalent 
per day and all heavy oil wells are at risk when oil prices decline. These wells 
provide access to part of a nationwide known resource base of 350 billion barrels of 
oil. As wells are abandoned, access to a piece of this national resource is lost. 

Each producing lease can be viewed as a small business ,  an economic 
engine, daily creating jobs, economic prosperity, and state and federal tax and 
royalty revenues. Ownership of these marginal well businesses is as diverse as 
society itself. Nearly 45,000 individuals are represented through the National 
Association of Royalty Owners and an additional 23,000 corporations including the 
small family run business to the large integrated company are integral to the 
domestic oil and gas producing industry. 

Crude oil and natural gas prices, which are subject to large, unpredictable 
changes, both upward and downward, are a primary determinant of the economic 
life of all wells. In order to preserve access to the resource base, encourage contin
ued production, and maintain industry jobs associated with domestic marginal 
properties, regardless of sudden price declines, incentives need to be provided to 
owners of marginal properties. This conclusion is based on the following findings: 

• The U.S.  domestic oil and gas industry is part of a global marketplace 
that must compete for capital investment to remain viable. 

• An important national resource, which contributes to national energy 
security and benefits the nation's economic well-being, is at risk when 
prices decline. 

• Marginal wells in the United States are at risk when price fluctuations 
result in negative cash flow at the wellhead. 

• All operators own marginal wells. 

• In 1992, there were approximately 500,000 marginal oil wells (defined 
below), which contributed about one-third of lower-48 onshore domestic 
production. 

• Premature abandonment of marginal wells permanently eliminates 
access to reserves and resource potential available under higher prices 
and enhanced recovery technology. 
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• Marginal economics impact natural gas operations; however, data are 
not readily available to perform a quantitative analysis of the production 
costs of marginal gas wells. 

• Marginal well policy deliberations should consider both oil and gas 
operations. 

• Producing state governments have recognized the value of the industry 
to their states and have enacted legislation to preserve both marginal oil 
and gas well operations. These states have recognized that the benefits 
of such incentives on state revenue and economic health extend beyond 
the annual budget planning cycle. 

• Environmental statutory and regulatory reform addressed jointly by 
industry and policymakers is needed to minimize the costs and optimize 
the results. 

It is important that all marginal wells capable of contributing to the na
tion's oil and gas needs receive the benefit of incentives, regardless of the type of 
entity owning the property. The incentive concepts proposed in this report are 
intended to preserve production from marginal properties, encourage further 
development of these properties, accelerate enhanced oil recovery, bring inactive 
wells back into production, and limit premature well abandonment. 

The national economy and the American people will be the primary bene
ficiaries of the incentive proposals set out in this report. The proposed solutions 
provide a safety net for marginal properties in periods of low prices and encour
age capital investment in such properties. An underlying principle of this report 
is that the beneficiaries of the proposed solutions should bear the cost of the in
centives when they are triggered by low price. No individual segment of society, 
industrial or commercial, should be singled out in order to offset the costs of these 
proposals . 

Because of the low level of production from marginal properties, price de
clines can cause negative cash flow from the operation of such properties. Fur
ther, low prices preclude the creation of sufficient cash flow for production and 
environmental enhancement of the properties . Incentives are also needed to 
encourage continued investment in marginal properties to maintain and improve 
production, and to mitigate increased reliance on crude oil imports. 

In order to ensure continued production from domestic marginal proper
ties and provide a more competitive capital investment environment, regardless of 
the level of prices, meaningful regulatory, royalty, and cost relief measures, com
bined with federal and state income tax and investment incentives, are needed. 
Investment incentives could also encourage improved operation, and increased 
development, of marginal properties. Since the categorization of a property as a 
marginal property does not depend in any way on the type of entity owning the 
property, the incentives should be available to the marginal property itself without 
regard to the nature of the entity owning the property. In addition, the incentives 
must be designed in such a manner as to allow the owner of the marginal prop
erty to realize economic benefit from the incentive without having to enter into 
disruptive and costly transactions. 
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DEFINITIONS 

Based on the analysis and review of marginal well characteristics during 
the preparation of this report, a well could be classified as marginal whenever 
estimated future revenues from the well are equal to or less than future antici
pated operating costs, environmental costs, litigation costs, federal and state tax 
liabilities; lease maintenance, recovery of capital expenditures,  and plugging 
and abandonment liability. Using this concept, a number of wells not normally 
considered marginal would be characterized as such. This subjective definition 
is difficult to utilize in practice, particularly for federal and state income tax 
purposes, but does provide a sound basis for understanding the true nature of a 
marginal well . Further, most legislative and administrative pronouncements 
regarding marginal production are based on "marginal properties,"  rather than 
"marginal wells," since most data are accumulated on a property basis (i .e. ,  all 
wells operating on a lease or other property unit) rather than on a well basis, 
and management is generally at the property, rather than the well, level. 
Further, current federal income tax incentives are applied at the property, 
rather than the well, level. Many of the investment analyses conducted during 
preparation of this report address marginal wells, but are equally applicable to 
marginal properties . Accordingly, the incentives recommended in this report 
apply to both marginal properties and marginal wells,  unless otherwise 
specified. 

Based on the findings in this report, the most convenient definition of a 
marginal property for purposes of applying legislative and administrative incen
tives is an oil or gas property with wells that average 15 barrel equivalents of pro
duction per day or less, or which produces heavy oil. While, as recognized above 
and discussed further in Chapter Five, wells with larger amounts of production 
may be categorized as marginal because of their particular economic and physi
cal characteristics, it is not practical to provide a legislative and administrative 
definition broad enough to cover every possible marginal property situation. 

The definition of "marginal property" in this report is the same as the 
definition in the Internal Revenue Code of 1986 (see Appendix D), modified to 
include high water cut properties and to include injector wells for purposes of 
computing average daily production. The following properties are marginal 
properties under the expanded definition: 

• Properties that have an average daily production of 15 barrel equiv
alents or less per well (injector wells being counted as wells on the 
property in calculating average daily production) . 

• Properties that have an average daily production of 25 barrel equiv
alents or less per well with produced water accounting for 95 percent 
or more of total production (injector wells being counted as wells on the 
property in calculating average daily production). 

• Properties that produce heavy oil with an API gravity less than 20 de
grees . 
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FEDERAL AND STATE INCOME TAX INCENTIVES 

In addition to regulatory, royalty, and cost relief to aid in creating, or im
proving, cash flow from marginal properties, federal and state income tax incen
tives should be made available to the working interest owners of marginal prop
erties in order to provide funds for continued operation, additional development, 
and improved operational and environmental efficiency of the properties. 

When reviewing the entire spectrum of marginal property owners, the di
verse nature of this population becomes apparent. Marginal properties are 
owned by the very largest integrated petroleum companies to the very smallest 
independent oil and gas producers. In addition, unique operating problems and 
costs exist in each distinct geographic area of the United States where oil and gas 
are produced from marginal properties, as discussed in Chapter Four. 
Accordingly, designing incentives that will be uniformly available to all 
marginal property owners is difficult, particularly since some producers may not 
be able to utilize tax incentives since they may not have taxable income during 
periods of low prices. The incentives recommended in this report are intended to 
be equally applicable to all owners of marginal properties, without regard to size 
of the owner and/or the geographic location of the property, and provide true 
economic assistance which encourages continued production from marginal 
properties across the industry. 

During the preparation of this report, the NPC noted a number of in
stances in which the tax credits made available to the oil and gas industry over 
the past several years, have not always been as effective as intended because such 
credits are not allowed to offset Alternative Minimum Tax (AMT) liability, as 
well as regular federal income tax liability. 

In 1990 and 1992, Congress provided AMT relief to oil and gas companies, 
which appears to have encouraged some increased domestic drilling activity. 
Even with these positive changes in the AMT, a number of oil and gas companies 
remain subject to it. 

The federal income tax incentives recommended for marginal properties 
in this report have two purposes. The first, in the form of a credit (which phases 
out based on price level), is to encourage continued production when prices are 
low. The second, in the form of credits and/or deductions, are to encourage 
investment and enhance production from marginal properties. In order for the 
credits to create the intended economic benefit, the credits must be allowable 
against both regular income tax and AMT liability. If the credits recommended 
in this report are not creditable against 100 percent of AMT liability, the 
incentives will not provide the full benefit to all owners of marginal properties. 

Since the recommended credits are available only during periods when 
prices are low and phase out as prices increase, allowing the credits to offset both 
federal income tax and AMT liability should allow many oil and gas producers to 
reduce the tax burden at a time when it is really needed.  As prices increase 
toward the phase-out level, the credit has a diminishing impact on both federal 
income tax and AMT liability until the maximum phase-out price is achieved, at 
which point there is no impact on either federal income tax or AMT liability. 
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Consideration should also be given to how producers without taxable in
come can benefit from a credit based on marginal production in periods of low 
prices, since the purpose of the incentive is to allow the owner of a marginal 
property to generate cash flow that will allow continued production. A mecha
nism has been included to allow benefit from the credit without undue admin
istrative and legal complexity. 

Based on the findings of this report, both tax incentives that apply only 
during periods of low prices and tax incentives that apply regardless of price 
levels should be available to owners of marginal properties. 

Recommended Federal Income Tax Incentives 

Set forth below are four federal income tax incentives for marginal proper
ties. The examples provided for each of the incentives are intended to illustrate 
the application of the concept generally. The actual impact of an incentive on a 
particular taxpayer can vary significantly depending on that taxpayer's partic
ular circumstances. 

Marginal Well Credit 

Description 

In order to encourage continued production from marginal properties in 
periods of low prices, a specific dollar per barrel Marginal Well Credit (MWC) for 
a specified number of barrel equivalents of production per day attributable to the 
working interest in each well in the property should be allowed for federal income 
tax purposes . The MWC would be phased out over a range of prices (based on 
annual average unregulated wellhead price per barrel and adjusted for inflation). 
The MWC would be fully allowable as a credit against both regular federal income 
tax liability and AMT liability. Unused MWC could be carried back three years (at 
the election of the taxpayer) and carried forward 15 years. 

Production qualifying for the Section 29 credit for nonconventional fuel 
would not also qualify for the MWC. A taxpayer could elect to utilize either, but 
not both, of the credits on marginal properties qualifying for both credits. 

In order to ensure that the MWC will create cash flow for an owner of a 
marginal property having no taxable income for the taxable year in which the 
MWC is earned, the owner could monetize the MWC earned in that taxable year 
by selling it to an unrelated taxpayer by the end of the taxable year following the 
taxable year in which the MWC is earned. The purchaser could utilize the full 
amount of the MWC acquired against its federal income tax or AMT liability for 
the taxable year in which the MWC is acquired, and could carry unused MWC 
forward for 15 years. The seller would realize taxable income in the taxable year 
the MWC is sold to the extent of the value of the consideration received.  The 
transaction would be evidenced by simple documentation as prescribed by the 
Internal Revenue Service. 

Examples 

(1) Assuming an MWC of $3 per barrel for the first three barrels of produc
tion in 1995, a producer owning a marginal property with five wells, each averag-
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ing 10 barrel equivalents of production per day would be entitled to MWC of $16,425 
(3 x 365 x $3 x 5 wells) from that property in 1995, which could be used to offset the 
producer's federal income tax or AMT liability. Unused MWC could be carried 
back to calendar year 1992 or forward to calendar year 2010. 

(2) If production from the marginal well averages only 2 barrel equivalents 
of production per day in 1995, the MWC would be $10,950 (2 x 365 x $3 x 5 wells). 

(3) If the producer had total MWC for calendar year 1995 of $50,000 and had 
no taxable income for that year, the producer could sell the $50,000 of MWC. If the 
producer sold its 1995 MWC for $40,000 in cash on December 31 ,  1996, the producer 
would have taxable income of $40,000 in calendar year 1996 and the buyer would be 
allowed to offset the full $50,000 of MWC against its federal income tax, or AMT, 
liability in 1996 (or carry the unused portion of the MWC forward for use in future 
years) .  

Economic Analysis 

A specific recommendation on an effective credit is not provided, although 
two economics scenarios for the $3 per barrel credit are illustrated in Table 1 .  
Additional examples and alternative credit scenarios are provided in Chapter 
Five of this report. The range of costs and benefits considers cash flow at both the 
well/ lease level and the corporate level (full cost). This analysis recognizes that 
not all of an operator's costs are always "pushed down" to the well/lease level. 

TABLE 1 

1 0-YEAR SUMMARY OF INCREMENTAL COSTS AND BENEFITS 
OF A MARGINAL WELL TAX INCENTIVE 

CYCLICAL PRICE ($8 TO $20 PER BARREL) TRACK CASE 

Costs and Benefits Case 1 Case 2 Case 3 

Average Wells Saved (# Wells) 32,066 33,571 1 9,339 

Wells Receiving Credit (# Wells) 263,535 1 66,446 1 92,998 

Additional Oil Produced (MMBOE) 205 285 1 37 

Jobs Added (Labor Years) 1 21 ,239 98,531 49,91 7 

State and Local Revenues ($MM) 482 61 5 256 

Imports Avoided ($MM) 2,574 3,481 1 ,688 

GOP Added ($MM) 4,21 4 6,398 2,727 

Credit Cost ($MM)  5,172 3,530 1 ,945 

Case 4 

20,752 

1 1 7,934 

1 67 

41 ,044 

325 

1 ,990 

3,653 

1 ,281 

Notes: Case 1 :  $3/BOE MWC, Lease/Well Level Cost Basis, $14-$20/BOE Phase-Out 
Case 2: $3/BOE MWC, Full Cost Basis, $14-$20/BOE Phase-Out 
Case 3: $3/BOE MWC, Lease/Well Level Cost Basis, $8-$16/BOE Phase-Out 
Case 4: $3/BOE MWC, Full Cost Basis, $8-$16/BOE Phase-Out 

More detail describing each of these and other cases is provided in Chapter Five and 
Appendix F, Section IV. These example cases are intended to provide a range of costs 
and benefits that could be realized from an MWC. 
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However, many operators make economic decisions based on full costs, not just 
the well/lease level costs. 

Improved EOR Credit 

Description 

The enhanced oil recovery (EOR) credit, which is currently equal to 15 per
cent of qualified domestic EOR costs paid or incurred during the taxable period, 
provides some incentive for undertaking EOR projects. The current EOR credit 
begins to phase out when the annual average unregulated wellhead price per bar
rel exceeds $28 (adjusted for inflation). 

In order to make the EOR credit available to a larger number of projects 
using current technology and encourage investment in marginal properties with 
reserve potential, the EOR credit should be expanded. The types of tertiary proj
ects qualifying for the EOR credit would be modified to include all forms of current 
tertiary technology, and the credit would be allowed on all tertiary costs incurred 
on all new or existing projects on marginal properties. 

Consideration should also be given to including new or substantially ex
panded secondary recovery projects on marginal properties as costs qualifying for 
the EOR credit. The process for qualifying a project for the EOR credit should also 
be simplified. For example, state certification of a project as a qualified EOR 
project should be an acceptable alternative means of qualifying a project for the 
federal EOR credit. 

The EOR credit would be allowable against both regular federal income tax 
liability and AMT liability in the same manner as the MWC. Excess EOR credit 
could be carried back three years and carried forward 15 years. The EOR credit 
would not be transferable. 

In any year, the producer may elect to claim either the EOR credit or the 
MWC for the qualifying property, but not both. 

Example 

If a producer owning a marginal property elects to undertake a new ter
tiary project (or continue an existing tertiary project) on a marginal property in 
calendar year 1995 and incurs $100,000 of qualifying EOR costs during the year, 
the taxpayer would be allowed an EOR credit of $15,000 ($100,000 x 15 percent). The 
tax basis or deductions resulting from the $100,000 of EOR expenditures would be 
reduced by the $15,000 EOR credit claimed. The $15,000 EOR credit would be allow
able against the taxpayer's federal income tax or AMT liability. Excess EOR cred
it could be carried back to calendar year 1992 or forward to calendar year 2010. 

Economic Analysis 

The estimated benefits of the EOR credit proposal are shown in Table 2. 
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TABLE 2 

1 0-YEAR SUMMARY OF INCREMENTAL COSTS AND BENEFITS 
OF AN EOR AND INFILL CREDIT 

$10 per Barrel $1 8 per Barrel 

Reserves Developed (MMBOE) 305 456 

Additional Oil Produced (MMBOE) 90 1 27 

Jobs Added (Labor Years) 1 4,461 34,700 

State and Local Revenues ($MM) 44 1 69 

Imports Avoided ($MM) 1 ,01 7 2,440 

GDP Added ($MM) 1 ,606 3,856 

Credit Cost ($MM) 392 903 

Assumption-operators with Taxable Income in AMT: 50 percent. 

Inactive Well Incentive 

Description 

If a well is returned to production after being inactive for at least two years 
(i.e . ,  the well has not produced oil or gas, or used as an injector, in more than one 
month in the two previous taxable years) or orphaned (i.e . ,  abandoned by an oper
ator and taken over by a state regulatory agency), certain costs incurred to reacti
vate those wells would also be eligible for a 15 percent credit similar to the EOR 
credit. Intangible drilling cost workovers, recompletions, horizontal extensions, 
and other capital costs on such properties would be subject to a 15 percent credit. 
The deductions or tax basis resulting from the expenditures qualifying for the 
credit would be reduced by the amount of the credit allowable with respect to the 
expenditures. This credit would phase out in the same manner as the EOR credit. 

Costs qualifying for the inactive or orphaned well credit could not also be 
qualifying EOR expenditures. If a property qualifies for the MWC after returning 
to production, both the MWC and the inactive or orphaned well credit could be 
claimed for such property. 

The inactive or orphaned well credit would be allowable against both regu
lar federal income tax and AMT liability in the same manner as the MWC. Any 
excess credit could be carried back three years and carried forward 15 years. The 
credit would not be transferable. 

This incentive, which is similar to the incentive allowed for inactive wells 
by several states, could be made available for a limited period, such as for wells 
returned to production in calendar years 1995 through 1997, to test its effective
ness. 

Example 

If a producer returned a well to production which had not produced in the 
previous two taxable years, and incurred $20,000 of intangible drilling cost work-
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over expense in reactivating the well, a credit of $3,000 (15 percent x $20,000) would 
be allowable against the taxpayer's federal income tax or AMT liability. Any ex
cess credit could be carried back to calendar year 1992 or carried forward to calen
dar year 2010. 

Economic Analysis 

Table 3 illustrates the benefits of the inactive well incentive . This table 
reflects benefits assuming two different rates for the wells returned to production. 
The high rate case assumes wells produce similar to wells reactivated in the 
Texas incentive program. The low rate case assumes typical reactivated wells 
will initially produce one quarter of the rate of Texas' reactivated wells .  

TABLE 3 

1 0-VEAR SUMMARY OF INCREMENTAL COSTS AND BENEFITS 
OF AN INACTIVE WELL INCENTIVE 

$1 0 per Barrel $ 1 8  per Barrel 

Additional Oil Produced (MMBOE) 53 1 07 

Jobs Added (Labor Years) 7,467 20,746 

State and Local Revenues ($MM) 33 1 78 

Imports Avoided ($MM) 598 2,050 

Credit Cost ($MM) 1 20 

Assumptions-operators with Taxable Income in AMT: 50 percent. 
Incremental initial production of 4 BOEID per well. 

Immediate Expensing of Capital Expenditures on 
Marginal Properties 

Description 

35 

The full cost of all capital expenditures on marginal properties would be 
deductible in the taxable year in which paid or incurred for both federal income 
tax and AMT purposes . As an alternative, the capital expenditures should be 
subject to recovery through accelerated depreciation (not subject to add back for 
AMT purposes) over three years or less. This provision should encourage the 
addition of appropriate equipment, including environmental equipment, to exist
ing marginal properties. 

Expenditures that also qualify for the EOR credit would not be subject to im
mediate expensing, unless the taxpayer elected to forego the EOR credit on those 
expenditures. 

Example 

If a producer pays $50,000 for new equipment on a marginal property in cal
endar year 1995, the producer could elect to expense the entire $50,000 in calendar 
year 1995 for federal income tax purposes, rather than depreciate the asset over its 
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useful life. If the equipment cost was also a qualifying EOR expenditure, the tax
payer could not immediately expense the equipment cost, unless the taxpayer 
elected to forego the EOR credit with respect to such cost. 

Economic Analysis 

No economic analysis has been done of this incentive because of a lack of 
readily available empirical data. Nevertheless, the incentive could create an in
creased investment in marginal properties at a rather small cost per barrel. 

Geological and Geophysical Costs 

The legislation currently being considered that would allow the immediate 
expensing of domestic geological and geophysical costs ( G&G) on all properties 
has some beneficial impact on marginal properties and should be enacted. Im
mediate expensing of all G&G would eliminate substantial complexity (including 
identifying G&G by properties) and reduce compliance cost for both taxpayers and 
the government. This incentive would also create capital for domestic exploration 
generally, as well as provide some encouragement for further development of 
marginal properties. However, G&G is a rather small incentive for marginal 
properties, and should be enacted as a marginal property incentive only if it is 
part of a larger group of incentives specifically focused on marginal properties. 

Percentage Depletion 

During the preparation of this report, the NPC gave serious consideration to 
including modifications in the existing percentage depletion rules to encourage 
continued production for marginal properties. Percentage depletion is an impor
tant federal income tax provision for a number of independent oil and gas produc
ers. On the other hand, major oil and gas companies do not receive the benefit of 
percentage depletion. Since percentage depletion is not available to all owners of 
marginal properties, modifications of percentage depletion were not included in 
the incentives recommended in this report. 

STATE TAX INCENTIVES 

State severance taxes are direct reductions of revenue from marginal prop
erties . A number of states have already provided significant severance tax relief 
for marginal properties. All producing states should review existing severance 
tax arrangements on marginal properties and provide tax relief as appropriate. 
In addition, severance tax reductions or exemptions should be provided for re
turning inactive or orphaned wells to beneficial production in a way similar to 
that being done by the Texas Railroad Commission. 

Producing states imposing an income tax on oil and gas companies should 
carefully review the federal income tax incentives being recommended in this 
report and adopt similar incentives as appropriate. For example, a state having a 
corporate tax rate of 10 percent could adopt an MWC equal to 30 percent of the 
amount allowed for federal income tax purposes. Such a state MWC would have 
approximately the same mathematical relationship to the federal MWC as a state 
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tax rate has to the federal tax rate. State income tax incentives can be as impor
tant as federal income tax incentives in encouraging continued production from, 
and further development of, marginal properties. 

REGULATORY, ROYALTY, AND COST RELIEF 

In addition to the tax incentives recommended above, various other meth
ods of maintaining marginal well profitability were considered. This section 
summarizes the recommendations relating to regulatory, royalty, and cost relief 
for marginal properties. 

Although several studies have analyzed the cost impact of current and 
future regulations on the industry, these analyses were region specific and did not 
provide adequate cost data for use in this report. Chapter Seven reviews several of 
these regulatory impact studies. The short time frame of this study precluded an 
evaluation of regulatory impacts which could be translated into dollars and lost 
barrels resulting from higher marginal well economic limits . Existing and 
future regulations have real cost impacts which affect marginal well profitability. 
Regulatory reform through joint industry and agency efforts can minimize these 
impacts. Following are specific recommendations regarding environmental and 
regulatory issues that will benefit marginal properties, the government, and the 
domestic oil and gas industry as a whole. 

Regulatory and Administrative Relief 

Streamline Regulatory Processes 

More intensive cooperation between industry and federal and state regula
tory agencies is needed to assess the effectiveness and cost/benefit of existing and 
future regulations and compliance efforts . To facilitate this "partnership," a 
federal agency should be given responsibility for initiating the discussion and 
bringing participants together. The partnership must incorporate the following 
processes: 

• The scope, purpose, and objective of the partnerships must be identified. 

• Procedural and organizational ground rules must be developed and 
agreed to by all participants, and working groups must be established. 

• Issues under discussion must be defined specifically enough to arrive at 
a consensus. 

• Resources necessary for solving any specific issue must be identified 
and mobilized. 

• A federal agency should facilitate the establishment of principles of 
"sound science" requirements, cost benefit analysis, and reasonable risk 
assessment for use in guiding and determining acceptable input from 
the participants. 
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Reduce Interagency Rule and Jurisdiction Conflicts 

State and federal regulatory decision making should be enhanced by mini
mizing interagency rule and jurisdiction conflicts, and incorporating balance be
tween regulatory impacts . Sound technical information regarding environmental 
risk associated with oil and gas operations, as well as the costs and benefits of 
alternative approaches, should be more readily available from government agen
cies. To initiate effective interagency cooperation to minimize regulatory overlap 
and duplication, we suggest the federal government implement immediate relief 
by establishing a moratorium on new federal regulations that raise costs on mar
ginal wells. Under the National Performance Review initiative, the Department of 
Interior is examining the efficiency of Interior's regulations and procedures that 
are currently in effect. Similar studies should be done on all existing and current
ly proposed regulations and programs that affect oil and gas. 

Increase Environmental Dialogue 

Dialogue and joint venture activities between industry, federal and state 
agencies, and other interested parties to address regional environmental compli
ance issues constraining oil and gas producers should be promoted. The Depart
ment of Energy should implement, make use of, and publicize government activi
ties to improve existing and developing technologies and work to develop general 
consensus on scientific "facts ."  They should also work to develop environmental 
and regulatory impact analysis based on scientific data that is acceptable to both 
industry and regulatory agencies. 

Quantify Current Regulatory Cost Burdens 

In order to quantify current regulatory impacts on oil and gas exploration, 
development, and production, a complete evaluation and analyses of current costs 
associated with regulation on a regional, and local, basis would be helpful. The 
results of this analysis should quantify the effect of regulatory overlap and ineffi
ciency. The analyses should also examine the feasibility of developing a methodol
ogy for identifying and tracking specific regulatory compliance costs in the indus
try. In addition, models to predict the impact of existing and future regulations 
should be developed. 

Royalty Relief 

Royalty relief has a significant and beneficial impact on marginal proper
ties because royalty payments are a direct reduction from gross revenues. Reduc
tions in royalty rate provide a direct cash flow improvement to owners of marginal 
properties . 

The existing federal lands (Bureau of Land Management [BLM] ) royalty 
reduction program has proved beneficial to marginal well operators and should 
be encouraged for use on state and other government lands. Under this program, 
royalty on wells producing less than 15 barrel equivalents per day are granted a 
reduction in the normal 12.5 percent royalty rate. A sliding scale is used to deter
mine the actual royalty rate as shown in Table 4. To date, the BLM has received 
4,900 applications for royalty reduction and has granted 4,500 approvals.  There 
are approximately 5 ,500 BLM leases or agreements that could ultimately request 
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TABLE 4 

SLIDING SCALE ROYAL TV RATES 
BASED ON PRODUCTION RATES 

Average Production 
(Barrel of Oil Equivalents Royalty Rate 

per Day) (Percentage) 

0 0.5 

2 2.1 

4 3.7 

6 5.3 

8 6.9 

1 0  8.5 

1 2  1 0. 1  

14  1 1 .7 

royalty reductions. The BLM is in the process of evaluating the benefits of this 
program. Additionally, the BLM has formulated a program for royalty relief on 
federal lands for wells producing 30° API or lower crude oil . This program in
volves a sliding scale royalty rate reduction as shown in Table 5 .  This program is 
expected to be approved before the end of 1994. 

The above programs will have a significant positive impact where they can 
be applied; unfortunately there are not large numbers of wells on federal lands. 
However, producing states should review royalty arrangements on state-owned 
marginal properties and follow the federal royalty procedure. 

TABLE 5 

SLIDING SCALE ROYALTY RATES 
BASED ON GRAVITY 

Gravity Royalty Rate 
(Degrees API) (Percentage) 

0 0.5 

5 2.5 

1 0  4.5 

1 5  6.5 

20 8.5 

25 1 0.5 

30 1 2.5 

OTHER MARGINAL PROPERTY INVESTMENT INCENTIVES 

Government-Industry Cost Sharing Programs 

While the Department of Energy and certain state agencies currently offer 
cost sharing opportunities in the areas of marginal production and EOR to oil and 
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gas producers, such as the DOE's Research, Development, and Demonstration 
Program, the process and procedures of entering into such transactions with a 
government agency is currently time consuming, administratively complex, bur
densome, and costly. As demonstrated recently with the Small Business Admin
istration and with certain of the state regulatory agencies, paperwork and burden
some procedures can be minimized thereby substantially increasing interest from 
prospective joint venture partners. 

Encouraging Marginal Property Transactions 

The life of many marginal properties can be extended if the properties can 
be transferred or sold. If impediments to these transfers exist, many properties 
will be prematurely abandoned. 

In order to facilitate financing for marginal property transactions, incen
tives should be made available which encourage loans for such transactions. 
Perhaps a simplified loan process through the Small Business Administration 
could be developed to meet this need. Also, a price-risk management program 
should be made available for financings of such transactions. 

Since companies may have a reluctance to sell properties considering the 
inability to transfer environmental liabilities, operators may plug and abandon 
wells as opposed to selling them. Even though a buyer and seller contractually 
agree that the seller will have no liability for future environmental costs, appli
cable law appears to require that the seller remain liable in many cases. Also, a 
financial institution providing financing for a property transaction may be treated 
as an owner of a property for future environmental liabilities . Appropriate and 
effective federal and state legislation is needed to correct these impediments to 
marginal property transactions. 

Removal of Artificial Market Constraints 

Artificial constraints on free market conditions that negatively affect crude 
oil prices should be eliminated. For example, the federal ban on exporting Alas
kan North Slope CANS) crude oil causes an oversupply of ANS oil on the California 
crude oil market, which tends to decrease all crude oil prices in California. This 
ban is further discussed in Chapter Four, and consideration should be given to its 
repeal. 

Other Considerations 

The NPC recognizes that the analysis and proposals set forth in this report 
do not cover the full spectrum of incentives/actions that could benefit marginal 
properties. Some of the areas not included are technology transfer, better access to 
petroleum futures markets for the small producers, and reductions in cost struc
ture. Steps that could reduce the cost structure include electricity/utility reform, 
insurance reduction on marginal properties, and incentive to reduce water han
dling costs. 
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Chapter One 

Historical Overview of Domestic Production 

OVERVIEW 

To understand the current state of the domestic oil and gas industry and 
the role of marginal wells in this industry, it is important to recognize the multi
tude of factors that have impacted the industry over the years and that continue to 
impact it today. Some of these factors stem from being part of a global market
place and are beyond the control of domestic producers. Other factors are unique 
to domestic producers and include certain physical, economic, and regulatory 
constraints that affect the competitiveness of domestic producers. For example, 
production rates and product prices fall while operating costs continue to increase 
with inflation. Understanding these many factors provides insight into forces 
that have influenced the evolution of marginal wells and enhances our knowledge 
of their current and future role in the nation. 

While the remainder of this chapter and a majority of the report focuses on 
the oil segment of the domestic industry, many similar factors affect natural gas 
producers. A discussion of the natural gas segment and its importance to the 
nation and industry can be found in Chapter Two. Although a majority of this re
port addresses marginal oil wells, natural gas operations are vital to the nation's 
energy security and must be given an equal consideration in energy policy deci
siOns . 

Domestic Oil Production in the Global Marketplace 

The price received for domestic and imported crude oil is primarily influ
enced by the global marketplace. A variety of national and international events 
have a day-to-day impact on the price of crude oil. Over the longer term, it is the 
world supply and demand and related events that contribute to the volatile 
commodity pricing and the "ripple" effects these price swings have on domestic 
petroleum industry activities . Several examples of how price influences certain 
activities are provided later in this chapter. 

The U.S.  domestic oil and gas industry has reached a state of maturity 
much sooner than the industry throughout most of the remainder of the world. 
This is in part due to the relatively early industrialization, based on crude oil, that 
has continued to today. As can be seen in Figure 1-1 ,  this crude oil demand 
continues to outpace the internal supply (production) which continues to decline. 
This results in ever increasing levels of crude oil imports and a greater reliance 
on world markets for supplying the country's crude oil demand. Although 
numerous wells provide access to a significant resource base, reserve depletion 
continues and a decline in significant U.S.  oil discoveries contribute to the 
growing reliance on foreign oil. 

As domestic crude oil production falls further below the U.S .  crude oil 
demand, there will be a continued and increasing reliance on foreign oil . As oil 
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Figure 1-1. U.S. Production of Petroleum Energy versus 
U.S. Consumption of Petroleum Energy. 
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imports increase, the U.S .  trade deficit grows and petroleum industry activity 
outside the United States increases to meet the additional demand. This activity 
may be replacing growth which could occur if the U.S. domestic oil and gas indus
try is provided with an adequately competitive investment environment. · Factors 
that reduce the U.S.  oil and gas industry competitiveness in the world market 
include the relatively fixed royalty and taxation schemes, regulatory and environ
mental requirements, and the great number of low rate and marginal producing 
oil wells. The growing differential between crude oil supply and demand, petro
leum industry growth abroad, and the trade deficit effects related to oil imports 
will continue as long as factors affecting the trends remain unchanged.  

Energy Security 

The National Petroleum Council has determined that the Secretary's re
quest to consider the nation's energy security relates to these supply and demand 
trends. Energy security can be defined as the ability to internally supply sufficient 
energy to meet internal demands with minimal energy imports. These trends 
indicate that the nation can currently supply less than 50 percent of crude oil 
demands. Figure 1-2 shows EIA data comparing U.S.  crude oil production and 
consumption in 1980 and 1990 with projections into the future for the years 2000 
and 2010. Also shown on this graph are actual and projected growth of consump
tion in East Asia. This graph indicates that U.S.  consumption will continue to 
grow and imports will increase. There is also likely to be increased competition 
for world oil in the future, as energy needs increase for developing countries. 

Marginal production is important for the U.S. economy. For instance, 
replacing marginal oil production with imported crude oil would increase the 
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Figure 1-2. Future Competition for Petroleum Resources. 

U.S. trade deficit, further weaken a declining and vulnerable U.S.  dollar, exacer
bate inflation, lead to an increase in interest rates, jeopardize global stock and 
bond markets, and undermine the U.S. economic recovery. To illustrate with 1992 
data, if the United States had to replace marginal oil production with imports, 
then crude oil imports would have been up by $12.75 billion, or 33 percent. This 
increase in oil imports would have raised the total U.S. current account deficit by 
almost 20 percent. Such a change would undoubtedly put downward pressure on 
the dollar, leading to the series of debilitating effects upon the economy described 
above. In particular, the United States would lose the jobs associated with the 
shutdown of the marginal production and the jobs associated with a slowdown in 
economic activity due to higher interest rates and the decline in global capital 
markets. 

The NPC marginal well study has identified several areas where changes 
in national policies/approaches can improve the nation's energy security and 
reduce imports. A reduction in crude oil cost structure (e.g. ,  reducing environ
mental and regulatory costs) and the preservation of marginally producing oil 
wells are all positive steps toward reducing imports and improving our nation's 
energy security. Additionally, promoting domestic natural gas as an alternative 
to imported crude oil, encouraging exploration and infill/development drilling, 
and improving land access for exploration are recognized as means to improve 
energy security. 

The U.S. domestic oil and gas industry has a significant impact on oil and 
gas related activities throughout the world, since many of the companies that are 
based in the United States also have significant foreign oil and gas operations 
outside the United States. Many of the technologies used throughout the world to 
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explore, drill, and produce oil and gas were developed in the United States. The 
United States is home to many world class scientists and research facilities 
dedicated exclusively to the advancement of new technologies in the industry. 
This position of technical leadership has arisen from and been influenced by the 
number of producing wells and the resource access these wells provide. The 
United States holds nearly two-thirds of the world's oil producing wells and yet 
produces only 12 percent of the world's oil. It is the advancement of technology 
that has allowed the petroleum industry in the United States to remain viable 
under external crude oil price and cost increasing forces. In recent years, how
ever, these forces have caused the loss of hundreds of thousands of jobs, and an 
increase in the number of marginal wells and well abandonments.  

Recently, many large U.S.  oil and gas companies have mounted significant 
efforts in realigning their cost structure and asset base in response to these exter
nal forces. These changes have created a petroleum industry in the United States 
that is different in many aspects from the industry elsewhere in the world. In 
many countries, particularly where there is an abundance of crude oil, it is the 
nation's government that owns all rights to the minerals and that has established 
large national oil companies to exploit and operate their oil and gas resources. In 
the United States, private land ownership and relatively free access to oil and gas 
minerals have created a large number of diverse mineral owners . It is this pri
vate mineral ownership, unique to the United States, that has allowed individual 
leases in the United States to be developed and produced as small businesses, and 
provided a major contribution to the rapid development of the industry in the last 
half of this century. 

In order for the United States to maintain its world-class technical leader
ship in the oil and gas industry, it is important that industry, large corporations, 
small business and government alike, be able to successfully compete against the 
challenges of the global marketplace. In the next sections of this chapter, several 
of the technical and economic challenges the industry faces are described. Inte
gral to these challenges is the issue of maintaining economic production from 
marginal wells and the access these wells provide to a large and important na
tional resource base. 

PHYSICAL CHARACTERISTICS 

The physical characteristics that are discussed below include oil and gas 
production rate, oil gravity, number of producing wells, reserves, reserve life, well 
abandonments, and new well drilling. The following discussion will primarily 
focus on oil production, wells, and reserves. Characteristics associated with natu
ral gas wells are addressed in Chapter Two. 

Production and Wells 

Figures 1-3, 1-4, and 1-5 illustrate annual crude oil production (including 
lease condensate), well count, and production per well from 1970 to 1991 .  In 1970, 
annual domestic crude oil production was 3.5 billion barrels or 9.6 million barrels 
of oil per day from 525,000 producing oil wells, or approximately 18 barrels per day 
per well. Data on stripper wells (defined as wells producing less than 10 barrels of 
oil per day) and production are shown to demonstrate its significance .  Of the 

24 



4 

3 
Cl) _J 
w 
a: 
a: 

� 2 
z 
0 
:J _J 
CD 

1 

0 

LEGEND Stripper Oil Production (1 0 80/D per Well or Less) 

Total Crude Oil 

1 970 1 974 1 978 1 982 1 986 1 990 

Source: National Stripper Well Association; National Stripper Well Survey; Energy Information Administration 
Petroleum Supply Annual. 

Figure 1-3. U.S. Stripper Production versus Total U.S. Oil Production. 
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Figure 1-4. U.S. Stripper Well Count versus Total Oil Well Count. 
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Figure 1-5. U.S. Str�pper Production versus Total U.S. Oil Production. 

525,000 producing oil wells in 1970, approximately 360,000 were classified as strip
per wells. By 1992, total production had declined by 26 percent to an annual rate of 
2.6 billion barrels, or 7.2 million barrels of oil per day, while the number of produc
ing wells had grown by 14 percent to slightly less than 600,000 wells or 12 barrels 
of oil per day. Based on extrapolation from an Interstate Oil and Gas Compact 
Commission (IOGCC) study sponsored by DOE, entitled Marginal Oil: Fuel for 
Economic Growth, 1992 total crude oil production had an economic impact of 
nearly $72 billion and accounted for more than 430,000 jobs throughout society. 

The industry has attempted to offset declining oil rates through use of 
advanced technology, exploration drilling, and development programs. Although 
new production has been added each year as a result of these activities, it has not 
been sufficient to offset production declines from older, more mature fields. How
ever, during periods of increased crude oil price such as occurred during the late 
1970s through 1985, the industry did successfully halt production decline and 
slightly improve production by approximately 400,000 barrels of oil per day. It is 
obvious from these figures that the number of stripper wells and stripper produc
tion are becoming an increasingly dominant factor in the domestic industry. In 
the United States, the industry has been challenged with the development of tech
nology aimed at maintaining production from low rate wells and minimizing 
production costs. 

A comparison of daily average oil production rate per well between the 
United States and several other countries illustrates that the industry in the 
United States has been successful in maintaining global competitiveness with low 
average well producing rates compared to the more prolific producing provinces 
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and higher average well rates that are found within other countries of the world. 
In part, this is also influenced by the maturity of the domestic oil and gas produc
tion in the United States, where production was first recorded in 1859. In other 
countries, first production was generally recorded from the early 1900s to the 
1960s. During the years 1970 through 1980, Middle East countries' production 
averaged more than 10,000 barrels per day per well. Most recently, this average 
has fallen within the range of 2,000 to 6,000 barrels of oil per day per well, which is 
still significantly more than the 12 barrels of oil per day per well average for the 
United States . Other significant oil-producing countries such as Mexico and 
Indonesia currently have average well rates of 600 and 200 barrels of oil per day 
per well, respectively. 

A further illustration of the unique challenges facing producers in the 
United States, compared to the international oil and gas industry, can be seen in 
Figure 1-6. In 1970, outside of the United States, daily average oil production was 
approximately 525 barrels per day per well. When production from wells in the 
United States are included in this average, the world total average drops to just 
under 80 barrels of oil per day per well in 1970. In 1980, the world average rose to 
750 barrels per day per well when the United States is excluded and is approxi
mately 100 barrels per day per well when the United States is included. In 1991,  
the world average fell to 170 barrels per day per well, excluding the United States, 
and is approximately 65 barrels per day per well when production from the United 
States is included. Although the domestic industry is addressing the challenges 
of low producing rates per well, there is an incentive to direct efforts overseas 
where oil wells produce, on average, ten times that of a domestic oil well . 
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Figure 1-6. World Daily Average Oil Production Per Well. 
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In Figure 1-7, the number of wells drilled annually in the U.S . ,  non-OPEC, 
and OPEC countries is shown. From 1970 through 1985, the United States out
paced the combined drilling efforts of OPEC and non-OPEC countries by a factor of 
between three and four. Only during the past four years has drilling in non-OPEC 
countries approached that of the United States. As stated previously, the produc
tion benefits of this drilling activity resulted in a 400,000 barrels of oil per day 
increase above level production between 1979 and 1985. Figure 1-8 illustrates the 
cumulative number of new wells drilled by the U.S . ,  non-OPEC, and OPEC coun
tries during 1970-1991 .  By 1991, the United States outdrilled OPEC countries by a 
factor of 20 and non-OPEC countries by a factor of nearly three. The decline in 
average oil rate per well for the world during the last 20 years is impacted more by 
the increasing number of wells in the United States and decreasing average rate 
per well than any foreign country's production or well count; a significant indi
cator of the domestic industry's activity in a mature, well-developed environment. 

Reserves 

Although there have been far more wells drilled in the United States than 
in other countries, excluding the Commonwealth of Independent States, the 
United States' share of proved world crude oil reserves has continued to decline. 
However, these numerous wells provide access to proved reserves of 24 billion 
barrels and a known remaining resource base of 350 billion barrels . This re
source base, although only partially producible with today's technology, provides a 
large target for future activity. The next series of figures indicates the history of
the United States' share of proved world crude oil reserves and provides, for 
comparison, an illustration of the United States' remaining resource potential. 

At the end of the year, in 1940, the United States held essentially 100 percent 
of the reported known proved world crude oil reserves of 19 billion barrels of oil . By 
1960, the United States' reserve dropped to 12 percent of the world total although 
reserves increased from 19 billion barrels to 31 .6 billion barrels (Figure 1-9). By 
1980, the United States' share of proved world crude oil reserves fell to 4 percent or 
29.9 billion barrels (Figure 1-10). This reserve decline occurred even though a 
significant number of wells were drilled throughout the 1970s and the use of 
advanced recovery technologies became more prevalent. A continued decline in 
reserves has occurred through the end of 1993, at which time the United States 
held 2 percent of the world's proved crude oil reserves with 23.7 billion barrels 
(Figure 1-11) .  However, the United States still retains a significant known re
source base of more than 350 billion barrels (approximately 66 percent of 533 bil
lion barrels of original oil in place) that remains as a target for advanced recovery 
technology (Figure 1-12). 

Another significant attribute that demonstrates the continuing challenges 
faced by the domestic industry is the relationship between reserves and produc
tion expressed as the ratio of reserves to production (RIP) ratio. For a mature 
producing area, the RIP ratio tends to be reasonably stable, so that the proved 
reserves at the end of a year serve as a rough indicator of the production level that 
can be maintained during the following year. RIP ratios are an indication of the 
state of development in an area and, over a period of time, the ratios change. The 
U.S. RIP ratio went from roughly 11-to-1 to 9-to-1 between 1977 and 1982, as 
Alaskan North Slope production reached high levels. The Appalachian area of 
the country, which has been drilled since Drake's 1859 well came in, has many 
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Figure 1-7. Wells Drilled-U.S. versus All Other Countries 
(Excludes CIS Wells). 
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Figure 1-8. Cumulative Wells Drilled-U.S. versus All Other Countries 
(Excludes CIS Wells). 
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Figure 1-9. Proved World Crude Oil Reserves 
(266.3 Billion Barrels as of 12131/60). 
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Figure 1-10. Proved World Crude Oil Reserves 
(658.6 Billion Barrels as of 12131/80). 
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Figure 1-11. Proved World Crude Oil Reserves 
(999.1 Billion Barrels as of 12/31/93). 
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Figure 1-12. Domestic U.S. Oil Production, Reserves, 
and Known Remaining Resource. 
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marginal oil wells that have an RIP ratio below the current national average of 9 .7 
to 1 .  Figure 1-13 illustrates the downward trend of this ratio as the U.S. industry 
is unable to overcome the physical and economic forces to build the reserve base at 
a pace that exceeds production. Many of the newer technologies, such as horizon
tal drilling and enhanced oil recovery can breathe new life into an area and result 
in significantly increased RIP ratios. 

Although other countries have also experienced a decline in RIP ratio from 
1970 through 1978, many of these countries have been able to reverse or flatten the 
declining trend throughout the 1980s. A comparison of the U.S. RIP ratio with the 
world RIP ratios is shown in Figure 1-14. The world RIP ratio, including the 
United States, is almost 5 times that of the United States alone, reflecting the 
relative maturity of the United States. The world total also shows an increasing 
RIP ratio trend since 1979. 

Land seismic crew activity in the United States, another important indi
cator of industry's efforts to offset reserve depletion and declining production, 
equaled or exceeded the number of crews in the remainder of the world from 1976 
to 1984, as shown in Figure 1-15. Throughout- the latter half of the 1980s, U.S. land 
crews were only about 50 percent of the level in the rest of the world. While the 
decline in reserves and RIP ratio has not gone without a diligent effort on the 
domestic industry's part, the results of the efforts have not allowed the United 
States to maintain the pace of the rest of the world. 
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Figure 1-13. Reserves to Production Ratios (U.S.). 
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Figure 1-15. World Land Seismic Crew Count 
(U.S. versus All Other Countries). 
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ECONOMIC DISCUSSION 

In addition to the physical factors described above, economic and regulatory 
pressures challenge the industry's effort to halt production decline, increase RIP 
ratio, and maintain marginal well production. In a commodities market such as 
crude oil and natural gas, activities are significantly influenced by product prices. 
As can be seen in Figures 1-16 through 1-18, oil price directly influences the 
number of wells drilled, exploratory seismic activity, and upstream employment 
levels .  With the dramatic swings and overall decrease in commodity price seen 
during the past ten years, in conjunction with the declining physical attributes 
(i .e. ,  production, average well rates, and reserves) of a maturing domestic indus
try, it is clear that survival is precarious in an environment where costs are 
driven by inflation, taxation, and regulatory burdens. 

Operating costs directly influence the economic limit or lowest production 
rate from a well at which a profit margin can be maintained. Operating costs 
include labor, regulatory compliance, chemicals, and other supplies and services 
necessary to maintain well production, transportation for labor and equipment 
used on wells, and fuel, power, and water associated with fluid handling. Main
tenance and repair costs for surface and subsurface equipment are incurred as 
required. As oil prices decline, minimizing operating costs pose a· significant 
challenge for producers, because these costs typically escalate with inflation and 
are not directly linked to oil price. Therefore, as prices decline, all producers from 
the smallest to the largest have greatly reduced opportunity for profit and they 
must operate more and more marginal wells; and as environmental regulations 
have been imposed on the domestic industry, costs associated with compliance of 
these regulations have greatly increased the normal daily operating costs and the 

-
Cl) 
Cl 
z 
<( 
Cl) 
� 
0 
I 
I--
I-
z 
� 
0 
() 
_J _J w 
� 

1 00 
LEGEND 

m u.s. 
80 _ IZZJ Non-oPEC Countries 

- OPEC 

• • U.S. Domestic Price in 
Constant 1 993$ 

60 - - U.S. Domestic Price in 
Current$ 

40 - -

20 

""""" � 
fl. 0 

1 970 

1. n r1 n_ a. t 
1 974 

• 

' 
� � 1 .. 

� 
i l 

1 978 

� 

I \ 
I. " • � 

I " 

� 

� � -

• I I 
1 982 

' 
I• 
I\ 

......_ ,, i� ... 
, ·; � ,.r � � 

ill 
1 986 1 990 

50 

40 _J w a: a: 
30 � 

a: w a.. 
20 � 

::s _J 
0 

1 0  Cl 

0 

Sources: Gulf Publishing Co., World Oil; PennWell Publishing Co., International Petroleum Encyclopedia; PennWell 
Publishing Co., International Energy Statistics Sourcebook 1991; Independent Petroleum Association of America. 

Figure 1-16. Wells Drilled (U.S. versus All Other Countries). 
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Figure 1-17. Total Land and Marine Seismic Crew Count 
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Figure 1-18. Industry Employment. 
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equipment repair and maintenance costs. Chapter Seven has a more detailed dis
cussion of environmental and regulatory issues. 

CONCLUSIONS 

Domestic crude oil production is facing significant challenges and pres
sures imposed by detrimental physical and economic factors. The global com
modities market causes volatility in U.S. crude oil prices as ·world oil supply and 
demand, and events influencing supply and demand, affect oil prices. Low well 
production rates continually challenge the industry to apply new, more efficient, 
and lower cost techniques to competitively find and produce additional oil re
serves. The United States still has a remaining resource base of 350 billion barrels 
of oil (66 percent of the original oil in place), some of which can be recovered 
through existing wells with the application of enhanced recovery technology. This 
resource base is at risk of loss when oil prices decline and well abandonments 
increase resulting in loss of access through existing wells to the resource. If the 
industry receives relief from some of the pressures driving abandonments, signif
icant new life can be breathed into the industry and the nation's economy. Unique 
to the U.S. industry, each oil and gas producing lease in the United States can be 
viewed as a small business attempting to recover a piece of this resource base. 
Economic challenges faced by each of these small businesses and the industry as 
a whole include maintaining profitability from low rate wells as inflation and 
regulatory pressures increase operating costs. Protecting marginal wells from 
the full impact of these economic pressures is vital to maintaining the viability of 
the domestic industry, reducing oil imports, and preserving jobs. 
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Chapter Two 

Natural Gas 

In the past, natural gas has been the "other" hydrocarbon, neglected in 
many cases as an unwelcome and troublesome byproduct associated with oil . 
Unable to be stored on location, and not easily transported, its value was so low it 
was often flared or burned at the well. This scenario has changed dramatically 
and natural gas is now a major force in the industry as an energy source and in 
the economic picture of the United States. 

The United States has a vast and diverse natural gas resource base. In its 
1992 study entitled The Potential for Natural Gas in the United States , the NPC 
concluded that the technically recoverable natural gas resource base is 1 ,295 tril
lion cubic feet (TCF) for the lower-48 states. Of this amount, 600 TCF is thought to 
be recoverable in the future at a wellhead price of $2.50 per million BTU ( 1990$). 
Continued advancement of technology and a balanced legislative and regulatory 
process are essential if the natural gas resources are to be developed in a timely 
and cost-effective manner. 

The nation's inventory of proved gas reserves, which is defined as the vol
ume of gas that geological and engineering data demonstrate with reasonable 
certainty to be recoverable in future years from known reservoirs under existing 
economic and operating conditions, for the 1974-1992 period, is shown in Figure 
2-1. Proved natural gas reserves have trended downward from 237. 1  TCF in 1974, 
to the 165.0 TCF level during the 1988-1992 period. 

Natural gas accounts for one-third of the energy produced in the United 
States from all sources. It is a relatively clean-burning fuel, meeting a variety of 
environmental requirements . It is a secure, abundant, and primarily domestic 
source of energy. From a national energy security perspective, natural gas repre
sents a far more secure energy supply than does crude oil. Currently, over 50 per
cent of U.S. crude oil needs are being supplied from foreign sources. In contrast, 
only about 10 percent of U.S. natural gas consumption is being imported. Canada 
supplies the vast majority of current imported natural gas, with a minor amount 
coming from Mexico. Another aspect of energy security is that domestic natural 
gas prices are not directly influenced by significant changes in the global market
place, which immediately impact domestic crude oil prices. 

MARKETING OF NATURAL GAS 

The markets for natural gas are highly diverse, ranging from individual 
home owners to large industrial facilities and power generation installations . 
The four primary markets for natural gas during the 1974-1992 period are shown 
in Figure 2-2 . Over the entire period, the industrial sector accounted for nearly 
one-half of the total, while the residential sector represented nearly one-fourth of 
the total. The commercial and electric power generation markets accounted for 
the remainder. 
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Figure 2-1. U.S. Proved Natural Gas Reserves (Dry Gas)-1974-1992. 
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Figure 2-2. U.S. Consumption of Natural Gas-1974-1992. 
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Most natural gas markets are located at great distances from the gas 
source points, so natural gas pipeline companies developed gas storage fields near 
local distribution companies to handle greater than normal gas requirements 
during peak demand periods, insuring a reliable and steady supply. Consumer 
demand for gas varies widely and is contingent on any number of factors beyond 
the gas purchasers ability to predict. 

The natural gas industry has experienced more changes in the past decade 
than in the previous 50 years. Prior to the 1986 partial deregulation, interstate 
natural gas pipeline companies controlled the natural gas from the wellhead 
point of purchase to delivery at the local distribution company. Natural gas pro
ducers signed long-term contracts and pipeline planners told the producers when 
and how much gas to deliver at each point along the pipeline. 

Today, because of changes brought about by the Federal Energy Regulatory 
Commission (FERC),  environmental concerns, and market access,  interstate 
pipelines now serve mainly as transporters of natural gas. Currently, producers, 
brokers, and in some cases, pipeline marketing affiliates acting on behalf of pro
ducers, market directly to end users . Local distribution companies, along with 
producers and other marketers, may selectively purchase desired services that 
the pipelines previously included in their regulated gas sales price. Pipelines now 
essentially perform a transportation function rather than contractually owning 
and marketing the natural gas in its system. Consequently, gas producers, gas 
brokers, local distribution companies, and large commercial natural gas users 
manage their own gas supplies, and find access · to transportation markets and 
appropriate gas storage facilities . For gas producers the transportation, storage, 
and administrative costs associated with this process, previously reflected in the 
netback price, now show up as cost of purchasing services. 

PRODUCTION OF NATURAL GAS 

Natural gas is produced in large quantities from several regions of the 
United States . These regions, in descending order, are the Gulf of Mexico, Mid
continent, Gulf Coast, Permian Basin, Rocky Mountains, Eastern United States, 
and West Coast (see Figure 2-3). 

Since 197 4, natural gas has provided approximately one-third of the overall 
production of energy in the United States, as seen in Figure 2-4. Petroleum, coal, 
nuclear, and hydroelectric account for the other two-thirds. 

The number of producing gas wells in the United States since 1974 are 
shown in Figure 2-5. Starting at 126,997 in 1974, the number of producing gas 
wells increased to 280,899 by the end of 1992. 

MARGINAL WELLS 

Before its repeal, the Natural Gas Policy Act of 1978 (NGPA) defined a 
"stripper" gas well as one producing 60 thousand cubic feet per day (MCF/D) or 
less of non-associated natural gas. This equates to 10 barrels per day or less. 
Currently, Section 613A(c)(6)(E) of the Internal Revenue Code defines "stripper" 
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Figure 2-3. Location of Key Natural Gas Producing Areas 
(Lower-48 States). 
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Figure 2-4. U.S. Energy Production-1974-1992. 
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Figure 2-5. U.S. Producing Gas Wells--1974-1992. 

wells as wells which produce 15 barrels of oil equivalent per day or less .  (This 
equates to about 90 MCF/D.) Such definitions recognize and imply that a well that 
produces such a small volume provides a relatively small margin of profit or, in 
many cases, does not cover the cost to operate the well. This is generally true, but 
it should be pointed out that there are wells with intermediate to high producing 
rates that can also be marginally profitable due to low price and/or an unusually 
high operating cost environment; e.g., in coastal wetlands, extreme depths, remote 
and isolated locations, etc. 

In an effort to quantify the number of marginal producing gas wells in the 
United States, a review of available information on the 280,899 producing gas wells 
reported by the EIA for 1992 was undertaken. Income and operating expense by 
individual gas well were not available. Based on a commercial well data firm, 
however, individual gas well production rates were found for 139,276 producing 
gas wells located in 17 states. The data collected are based primarily on state 
required well information filings . 

The states included were Alabama, Arkansas, California, Colorado, 
Kansas, Louisiana, Mississippi, Montana, Nebraska, New Mexico, North Dakota, 
Oklahoma, Oregon, South Dakota, Texas, Utah, and Wyoming. Using commercial 
data sources, relatively little information has been collected on the other 128,568 
producing gas wells located in 15 other states, primarily Kentucky, Ohio, Pennsyl
vania, and West Virginia, commonly referred to as Appalachia. The breakdown 
of the data collected thus far is shown in Table 2-1 .  Alaska and the federal off
shore was not included. Gas produced from oil wells (casinghead gas) is also not 
included.  
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1 7  States 

Other States 

TABLE 2-1 

GAS WELL STATISTICS 
U.S. LOWER-48 ONSHORE 

1 992 

·Annual 
Production Percent of 

(TCF) Production 

1 0.9 94.0 

0.7 6.0 

Total U.S. Lower-48 Onshore 1 1 .6 1 00.0 

Source: E IA and Dwight's Energydata, Inc. 

Number of Percent of 
Wells Wells 

1 39,276 52.0 

1 28,568 48.0 

267,844 1 00.0 

Using production information from the 17 states that account for about one
half of the gas wells and 94 percent of the U.S. lower-48 onshore natural gas pro
duction from gas wells, it is possible to categorize the producing gas wells by pro
duction rate bracket. The first production rate bracket sel�cted was 0-60 MCF/D 
and was based on the former NGPA definition of "stripper" gas well . The break
down from the states collected thus far indicates that gas wells producing less 
than 60 MCF/D represent 50.1 percent of the producing gas wells in the 17 state 
group and 4.9 percent of the production as shown in Table 2-2. However, it should 
be pointed out that if the uncollected gas well data on the 128,568 gas wells in the 
Appalachia area were added to Table 2-2, the number of marginal gas wells and 
the percentage of U.S .  production from these wells would increase significantly, 
since the average gas well rate from the uncollected data is 15 MCF/D. 

Production 
Rate Bracket 

(MCF/D) 

0 - 60 

60 -90 

90 - 300 

> 300 

Total 

TABLE 2-2 

DISTRIBUTION OF GAS WELLS BY PRODUCTION RATE 
1 7  STATE GROUP 

U.S. LOWER-48 ONSHORE 

Average Annual 
Annual Production Rate 

Number of Production Percent of Percent of per Well 
Wells (BCF) Wells Production (MCF/D) 

69,728 531 50. 1 4.9 ' 20.8 

1 3,843 364 9.9 3.3 72.7 

35,590 2,081 25.6 1 9.2 1 88.8 

20, 1 1 5  7,91 5 1 4.4 72.6 1 ,075.2 

1 39,276 1 0,91 1 1 00.0 1 00.0 21 7.0 

Source: EIA and Dwight's Energydata, Inc. 

The number of gas wells producing less than 90 MCF/D (equivalent to 
15 barrels per day) increased to 83,571 or 60 percent of the producing gas wells in 
the 17 states, and accounted for 8.2 percent of natural gas production from those 
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states. There are 35,590 gas wells producing an average of 90-300 MCF/D, which 
account for 25.6 percent of the wells reported and 19.2 percent of production 
reported. The higher rate gas wells, which produce in excess of an average of 
300 MCF/D, only represent 14.4 percent of the wells but account for 72.6 percent of 
total U.S. lower-48 onshore natural gas production from the 17 states. 

PREMATURE ABANDONMENT OF GAS WELLS 

There are three primary factors that influence a producing gas well's eco
nomic condition: wellhead price, operating cost, and the rate of production. The 
price natural gas commands in the marketplace is of particular importance. The 
average wellhead price of natural gas in the United States since 1974 is shown in 
Figure 2-6. For comparison, prices are displayed on current and constant 1993$ 
bases. The wellhead price on a current basis trended upward to a high of $2.66 per 
MCF during the 1974-1984 period, and has declined to the $1 .60-$1 .80 per MCF 
level over the last eight years. A similar trend can be seen using constant 1993$. 
In the past, domestic gas prices have equated to approximately 40 percent of do
mestic crude oil price on an equivalent BTU basis. 

Various factors contribute to an increase in a gas well's operating cost 
and/or a decrease in the well's gas production rate often leading to a premature 
abandonment of the gas well and the loss of the natural gas resource. One of the 
more common is the mechanical failure of casing, tubing, or other downhole 
equipment requiring a repair expenditure that can't be economically justified. 
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Similarly, a workover attempt may fail and the well must be abandoned. Another 
common occurrence is when large amounts of water enter the well bore, requiring 
purchase and installation of expensive pumping equipment and associated high 
disposal costs. Frequently, gas wells reach the point where equipment such as 
pumping units, separators, compressors, etc. ,  can be put to better or more prof
itable use on a different well. 

Gas stream contamination may exist where hydrogen sulfide, carbon diox
ide, or other impurities may have to be removed prior to pipeline acceptance. This 
requires additional surface equipment and increases both operating and process
ing costs. A low pressure gas well may need compression to get into a high pres
sure pipeline. Poor economics may not justify the expenditure for a compressor. 
One or more isolated marginal wells may be too far from other wells to be prof
itably operated, due to increased costs associated with the additional distance and 
labor costs required to monitor and make repairs. Environmental concerns such 
as ground water, surface runoff, noise, odors, etc . ,  and the associated regulatory 
and compliance costs may cause a marginal well to become uneconomical, result
ing in abandonment of the well. 

IDLE GAS WELLS 

The Interstate Oil and Gas Compact Commission (IOGCC) completed an 
analysis of idle wells in 1992 and determined there are approximately 215,000 idle 
or shut-in oil, gas, and injection wells in the United States. These wells provide 
the reservoir access through which the remaining potential oil and gas reserves 
can be tapped. 

Although the IOGCC's 1992 analysis was unable to develop a breakdown 
between oil, gas, and injection wells, it is believed that perhaps one-half of the 
wells may be gas and injection wells . Some are idle gas wells temporarily aban
doned, waiting on pipeline connections. A large portion of these gas wells, how
ever, are idle because they are uneconomical to produce generally as a result of 
low producing rates,  low prices, and/or high operating costs . If these wells are 
abandoned, the potential gas reserves that could be accessed in the future are lost 
forever. 

In the case of crude oil, the DOE developed an estimate of the remaining 
crude oil resources that could be accessible through both conventional and cur
rent enhanced recovery techniques for the 215,000 idle or shut-in wells collected in 
the IOGCC analysis. Their analysis indicated this could be as high as 3 . 1  billion 
barrels of oil at a domestic oil price of $20 per barrel. The DOE was unable to per
form a similar analysis of gas resource potential, because many states surveyed 
were unable to provide the required information. 

CONCLUSIONS 

Various problems were encountered in attempting to assess the cost and 
benefits of preserving production from marginal gas wells. First, production 
information has not been collected on a large segment of producing gas wells in 
the United States. A total of 128,568 producing gas wells fit into this category and 
are located in 15 states, primarily Kentucky, Ohio, Pennsylvania, and West Vir-
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ginia. These wells represent nearly one-half of the total producing gas wells and 
6 percent of the total marketed production of natural gas in the onshore lower-48 
states. Since it appears that a substantial portion of these wells are low rate (less 
than 60 MCF/D), they should be included in any analysis of marginal gas wells. 

The most significant problem encountered in analyzing marginal gas 
wells, however, was the absence of a gas well economic model that describes with 
reasonable accuracy the interrelationship between gas well producing rates , 
operating costs, and wellhead prices. The analysis of marginal wells utilized an 
oil well economic model, which is described in greater detail in Chapter Five. The 
development of the oil well economic model, along with the industry survey and 
calibration process, took a major portion of the EIA and NPC's time over the rela
tively short study period. Consequently, there was insufficient time to undertake 
the development of a gas well economic model. 

To adequately perform an analysis of marginal gas wells would require a 
substantial amount of time, the development of a reasonably comprehensive gas 
well database, and the design and development of a detailed integrated gas well 
economic model. The analysis would be complicated by the fact that the cost for 
treating and delivering natural gas generally has a significant impact on gas well 
economics . In addition, as part of the operations involved with the delivery of 
natural gas, well pressure data would be required to determine compression 
requirements and well abandonment timing. 

Coalbed methane and gas from tight formations could require special con
siderations due to the different producing characteristics and current tax incen
tive structure. Particular attention would need to be directed to developing a solid 
understanding of gas well operating costs and practices in the Appalachian area. 
A careful assessment and calibration would have to be undertaken of any result
ing economic analyses. 

In conclusion, the overall cost and benefits of such a complex and timely 
joint industry and government study needs to be examined thoroughly. However, 
it is clear that whatever combination of price and cost factors currently define the 
economic limit of a marginal gas well, production based incentives (on BTU equiv
alents) will improve gas well economics and extend the life of otherwise margin
ally uneconomic gas wells.  Since premature abandonment of marginal wells 
results in the loss of domestic resources, marginal oil and gas well incentives are 
a means to maintain the economic viability of the production and resources that 
these wells represent. 
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Chapter Three 

Stripper and Heavy Oil Well Contribution 

OVERVIEW OF STRIPPER WELL CONTRIBUTION 

This chapter illustrates the significance of stripper (wells producing 10 bar
rels of oil per day or less) and heavy oil production. Stripper oil production is dis
cussed since production records, historical well counts, and several studies are 
available for analyses. Heavy oil, oil with 20° API gravity or less, is also discussed 
because of the many wells and significant production associated with heavy oil, 
especially in California. 

Stripper wells are not typically thought to be significant contributors in 
terms of production, reserves,  or revenues .  However, an average well in the 
United States produces only 12 barrels of oil per day, and stripper wells comprise a 
significant part of the more than 590,000 total lower-48,  onshore producing wells 
and 7,200,000 barrels of oil that these wells produce daily. In an effort to quantify 
the number of stripper wells and production from these wells, the Interstate Oil 
and Gas Compact Commission (IOGCC) published the most recent National 
Stripper Well Survey in January 1993. For the purposes of IOGCC's survey, 
stripper wells were defined as wells that produce 10 or less barrels of oil per day. 
The survey indicates that, in 1992, 453,277 stripper wells out of a total of 594,189 
wells (76 percent of all U.S. wells) produced slightly over 1 ,000,000 barrels of oil per 
day ( 14 percent of the U.S. total). Note that approximately 4 percent of the stripper 
wells and 11  percent of stripper production are heavy oil wells and heavy oil pro
duction, which are discussed later in this chapter . . Figure 3-1 reflects the distri
bution of stripper wells and production. During 1992, this stripper production 
component had an estimated total economic impact of $9.9 billion. 

IMPORTANCE OF STRIPPER WELLS TO STATES 

Figure 3-2 illustrates the importance of stripper wells and production to 
eleven producing states.  These states are the largest in terms of the number of 
stripper wells. In all of these states, stripper wells account for more than 50 per
cent of the total producing wells and in the case of five states, stripper wells ac
count for nearly 100 percent of the total producing wells. While the percent of pro
duction from stripper wells varies widely from less than 5 percent to 100 percent, 
seven of the eleven states have more than 50 percent of total production classified 
as stripper. Several of the major producing states have recognized the important 
contribution and resource access that stripper and marginal wells provide, and 
have enacted incentive programs to preserve this resource. Louisiana, for exam
ple, collects 12.5 percent tax on the gross revenue from many wells, and 6.25 per
cent tax from oil wells producing 10 to 25 barrels of oil per day if the wells produce 
more than 50 percent water. Louisiana recently suspended the 3 . 125 percent tax 
on wells producing less than 10 barrels of oil per day when the domestic price of 
oil falls below $20 per barrel. This incentive program is discussed further in 
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Figure 3-1. Distribution of Stripper Wells and Production. 
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Figure 3-2. Stripper Wells and Production in Eleven Producing States. 
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Chapter Six. As production naturally declines over time, the percentage of strip
per wells in all states will increase as long as they generate a positive cash flow. 
In some situations, operators will delay abandonment and continue to produce 
wells in a negative cash flow status in order to preserve leaseholds and invest
ments. This is discussed in greater detail in Chapter Five. During periods of low 
oil price, wells can fall into a negative cash flow situation before declining to the 
stripper well rate of 10 barrels per day, therefore discussion of marginal wells 
after this chapter will not be limited to the stripper well classification. 

STRIPPER WELLS' ECONOMIC CONTRIBU'I:ION 

In February 1994, the IOGCC published a report entitled Fuel for Economic 
Growth , which addressed the value of production and total economic impact 
generated by stripper wells. Their analyses indicated the value of stripper well 
production in 1992 exceeded $6.5 billion and had a total economic i:mpact of over 
$9.9 billion. Including jobs directly dependent on production from stripper wells 
and jobs outside the oil and gas industry, approximately 59,000 jobs can be attrib
uted to the 453,000 stripper wells and the 1,000,000 barrels of oil produced daily 
from these wells. 

STRIPPER WELL ABANDONMENTS AND JOBS 

A further demonstration of the economic impact of stripper wells is illus
trated through an analysis of the relationship of stripper well abandonments and 
upstream employment trends. Figure 3-3 shows the close correlation of these two 
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Figure 3-3. Industry Employment. 
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factors, underscoring the importance of the number of active wells on employ
ment levels .  As abandonments fell to approximately 7,000 wells in 1981 and 1982, 
employment peaked at just over 700,000. This supports the conclusion that to 
maintain production from a well requires a certain level of employment, regard
less of the amount of oil being produced from the well. 

OVERVIEW OF HEAVY OIL WELL CONTRIBUTION 

While exact figures on heavy oil production are difficult to obtain, the ap
proximate breakdown of domestic heavy oil production from the onshore lower-48 
states is shown in Table 3-1 .  Heavy oil represents about 15 percent of "lower-48" oil 
production and about 10 percent of total U.S .  production. The vast majority of 
domestically produced heavy oil occurs in California, with small amounts pro
duced in several states, most notably Texas and Wyoming. Therefore, while heavy 
oil production is somewhat significant vis a vis total domestic production, heavy 
oil production is very significant in California where it represents about two out of 
every three barrels produced. 

TABLE 3-1 

1 993 DISTRIBUTION OF HEAVY OIL PRODUCTION 
ONSHORE LOWER-48 STATES 
(Thousands of Barrels per Day) 

Heavy Oil Total Oil 
State Production Production % Heavy Oil 

California 592 803 737 

Texas 25 1 ,696 1 .5 

Wyoming 23 240 9.6 

Oklahoma 8 265 3.0 

M ississippi 6 62 9.7 

New Mexico 1 1 87 0.5 

Colorado 1 81 1 .2 

Other 0 967 0 

Total All States 656 4,301 1 5.3 

IMPORTANCE OF HEAVY OIL WELLS TO CALIFORNIA 

California's oil production is unique among the states because of the very 
high percentage of heavy oil produced. 

Figure 3-4 shows the production history for California's heavy and light oil 
production. During recent years, about two out of every three barrels produced 
was heavy oil . The percentage of heavy oil increased during the 1960s and, as 
shown in the figure, continued to increase in the 1970s and 1980s. This increase 
was the result of many thermal enhanced oil recovery (EOR) development projects 
during this period. In the last few years, this heavy oil/light oil percentage mix 
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Figure 3-4. California Oil Production. 

has remained relatively steady due to a reduction in capital intensive thermal de
velopment projects caused by the crude oil price collapse in 1986. Figure 3-5 pro
vides a history of the number of California oil wells drilled broken down by heavy 
and light wells. The number of new wells provides an indication of the capital 
development expenditures associated with heavy and light oil development proj
ects. As can be clearly seen, the 1986 crude oil price decline reduced the number 
of wells drilled, which resulted in a very significant reduction in the capital ex
penditures by the industry in California. This has had a significant impact on 
employment by the industry in California and the latest employment figures 
available (first half of 1993) indicate a 36 percent reduction in direct and indirect 
upstream industry employees from 1985 employment. This represents a loss of 
over 32,000 jobs during this period. 

In addition to a significant employment job loss, state and local revenues 
from upstream activities fell from $1 .1  billion in 1985 to $0.4 billion in 1992. This 
reduction has contributed to the general economic recession that currently exists 
in California. Because of the distribution of oil production within California, this 
loss of jobs and revenue impacts certain areas more heavily than others. In Kern 
County, where over 60 percent of California's oil production is located, ad valorem 
taxes from oil properties, measured as a percentage of total property assessment, 
has fallen from 55 percent in 1985 to just over 30 percent currently. 

OWNERSHIP OF WELLS BY SOCIETY 

In addition to the employment supported by wells, wells in the United States 
have an ownership chain that is unlike any other in the world. This ownership 
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chain can involve state or federal government, small independent operators 
(ranging in size from a family run operation to the small company with 10 to 100 
employees), individual land and mineral royalty owners, and large integrated 
companies. General statements about operatorship of wells in various producing 
rate classifications can be made based on work completed by the Energy Informa
tion Administration. This work indicates that the very low rate wells, 0 to 3 bar
rels of oil equivalent per day (BOE/D), are typically operated by the small inde
pendent operators. Once above the 3 BOE/D rate, wells are operated by both large 
companies and the small independents . The Texas Railroad Commission states 
that "Texas has over 7,000 companies with active oil wells. Some 3,300 of these 
companies ( 4 7 percent) produce less than one barrel a day from each well. These 
small producers are vital to Texas. Of the state's 184,000 producing oil wells, over 
130,000 produce less than 10 barrels of oil a day." 

Royalty mineral owners cover the complete spectrum of demographics. The 
National Association of Royalty Owners membership is composed of nearly 5,000 
individual members and represents an additional 38,500 mineral owners belong
ing to regional and county affiliations. One of the major oil companies participat
ing in this study stated that it sends over 80,000 royalty checks monthly. Although 
some operators are also mineral owners, there are nearly 23,000 additional corpo
rations involved in the domestic gas and oil industry. All 50 states have royalty 
owner representation, demonstrating the influence and variety of ownership of 
gas and oil wells throughout society. The above numbers refer primarily to the 
upstream or producing segment of the industry and does not consider the signif
icant downstream, refining, and end product beneficiaries. 
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. In light of the diverse and numerous ownership of wells and leases consid-
enng each lease to be a small business is much more appropriate than th� stereo
typical view of a large oil company. 

WELL ABANDONMENTS, IDLE WELLS, AND LOSS OF 
RESOURCE ACCESS 

The previously referenced IOGCC stripper well survey also addresses strip
per well abandonments and indicates that 16,211 wells were abandoned during 
1992 . The abandonment of wells, which contribute less than 2 barrels of oil per 
day per well, is significant not only in terms of economic impact and employment, 
but also because once these wells are abandoned, access to the resource base 
tapped by these wells is gone forever. Many of the advanced recovery technologies 
employed in the U.S.  industry today rely on access to existing resources through 
these wells. Without this existing access, many technologies are not economically 
viable because of the high cost to replace the wells. In a separate IOGCC study 
sponsored by the U.S. Department of Energy, entitled A Study of Idle Oil and Gas 
Wells in the United States, an estimate was made of the resource potential asso
ciated with idle wells. Idle wells are wells that are not producing-in most cases 
because of low oil prices, the high cost to lift fluids, and/or the high cost to repair 
the wells and return them to productive status. Extrapolating idle well resource 
potential to abandoned wells indicates that during 1992 well abandonments elim
inated access to nearly 500,000,000 barrels of potential oil reserves that might have 
been recovered through the application of conventional and enhanced recovery 
techniques . 

This same study indicates that approximately 215,000 oil, gas, and injection 
wells are estimated to be idle in the United States, including approximately 103,000 
idle oil wells. The study defined an idle well as a well that has been drilled since a 
state's regulatory program was established and is not producing oil or gas or 
being used to inject fluids . AE mentioned earlier, a significant number of these 
wells are idle due to low production rates, high operating cost, and/or low crude 
oil prices. These factors have resulted in many wells being unable to produce a 
positive cash flow, the need for more efficient recovery techniques, and a growing 
number of operators in financial trouble or who have been forced to go out of 
business. The study estimates that the 103,000 idle oil wells could contribute in the 
range of 174,000 to 257,000 barrels of oil per day, representing an economic impact 
of $2.5 billion (at a domestic oil price of $20 per barrel) and nearly 15,000 jobs using 
the methodology in the IOGCC report Marginal Oil: Fuel for Economic Growth . If 
brought back on production, the well bores, reserve potential, and the 257,000 bar
rels of oil per day could be important in reducing the trade deficit and maintain
ing jobs in the United States. The DOE has estimated that these idle wells could 
provide as much as 2.6 billion barrels of oil using conventional recovery technol
ogy if the average domestic oil price was approximately $20 per barrel. An addi
tional 500,000,000 barrels of potential reserves could result from the application of 
enhanced recovery techniques which would utilize these same wellbores. The 
report indicates that these estimates could be optimistic due to the methodology 
utilized by the DOE, but the potential is not insignificant under any methodology. 

The idle well study also addressed environmental issues associated with 
these wells.  The report states that the idle wells do not represent an environ-
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mental threat; however, these wells do represent a financial liability. At some 
point in time, the owner of the well will be required to expend funds for abandon
ment of these wells. The report states that of the total estimated 215,000 idle wells, 
approximately 50,000 have no identifiable operator. Abandonment of these wells 
may ultimately be the burden of state governments. Efforts to preserve these wells 
and the access to potential reserves may provide partial abandonment funding for 
the future, but this is by no means certain. The Idle Well Report indicates that 
over $43 million of state-controlled funds have been used to abandon 8 ,  700 wells. 
An additional 21,000 wells have been identified as abandonment candidates. 

Under the current oil price environment, it is expected that significantly 
more well abandonments will occur as operators find that their wells generate 
insufficient revenues to offset operating expenses or fall into a negative cash flow 
situation. With the increase in well abandonments that has occurred since the 
early 1980s, a large reserve potential will continue to be lost as will the opportunity 
to further develop the resource tapped by these wells under new technology and/or 
higher oil prices. Figure 3-6 illustrates the relationship between oil price and well 
abandonments. At price levels around $15 per barrel, abandonments are expected 
to approach 20,000 wells per year. 
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Figure 3-6. Well Abandonments versus Crude Oil Price. 
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duction and account for 79 percent of the nation's wells. More than half of the oil 
production from seven producing states is derived from stripper wells. More than 
two-thirds of California's production is heavy oil. Stripper wells have been esti
mated to contribute $9.9 billion annually in economic benefit to the nation and 
provide approximately 59,000 jobs. As oil price falls, stripper and heavy oil wells 
generate negative cash flow and are idled and many are abandoned. Provided the 
proper economic incentives, these idled and abandoned wells could provide access 
to billions of barrels of oil resource that could be produced in an improved econom
ic environment or under advanced recovery technology. 
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Chapter Four 

Marginal Oil Well Characteristics 

DEFINITION 

An appropriate definition for a marginal oil well or property is the produc
tion rate where the future revenue is equal to or less than the future costs. Mar
ginal wells and properties have normal operating costs relatively close to the rev
enue generated. The production, reserves, jobs, and other resources are at risk if 
oil prices decline or operating costs increase. Oil price and operating costs are in
fluenced by many factors, which vary significantly from region to region. There
fore, the price and rate defining the initiation of marginal status will vary from 
property to property. 

Generally, there are three distinct categories of marginal properties: those 
with continuous operations (Class 1), those with intermittent operations (Class 2), 
and heavy oil (Class 3). Within the Class 1 and Class 2 categories, production 
methods include primary, secondary, enhanced oil recovery (EOR), and fully ma
tured operations . Primary production involves operations where no extraneous 
energy has been provided to the reservoir and the natural reservoir drive mecha
nism prevails . In secondary recovery operations, an extraneous energy source is 
provided through injection of fluids into the reservoir that improve oil recovery, 
primarily by improving oil displacement (sweep efficiency) and pressure mainte
nance, but does not affect immobile hydrocarbon saturations. Enhanced oil recov
ery operations involve injection of an extraneous energy source such as steam, 
gases, or chemicals, which can reduce immobile hydrocarbon saturations. These 
operations are prevalent in Class 3 properties. The fully matured properties are 
those that have previously been produced under one or more of the aforemen
tioned operations. As a result of production decline, increased costs, or a decrease 
in oil price, the operation (primary, secondary, or enhanced oil recovery) is no 
longer economically viable and the properties are being "milked" of the last drops 
of oil production. Typically, smaller operators have acquired these properties 
from the larger companies and have developed very efficient methods to profitably 
operate properties producing very low oil volumes. 

Continuous Operations 

The continuously operating property (Class 1) has specific characteristics 
commonly found in water drive reservoirs. The most significant of these charac
teristics is that extended periods of downtime appreciably reduce recoverable 
reserves .  In active waterfloods, downtime of both injection and producing wells 
will cause oil to be bypassed and reserves lost. Intermittent operation (Class 2) is 
impractical for waterfloods and active water drive reservoirs . Because of the scale 
of the operation and the issue of lost reserves, these properties may operate in an 
uneconomic mode for more than one year when unexpected drops in oil price 
occur. Additional discussion of properties operating below an economic limit is 
provided in Chapter Five. Another trait common to the Class 1 wells is the rela
tively high daily operating cost (not necessarily high cost per barrel of oil) asso-
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ciated with the production and disposal of substantial volumes of water . . These 
costs can, however, vary significantly from field to field. As Class 1 properti�s be
come marginal, ownership may transfer to smaller operators who can efficiently 
operate the property in a Class 2 mode. 

Since the Class 1 wells are produced continuously and operations are 
generally initiated by the larger producing companies, it is easier �o estiJ;nate the 
impact of low oil prices, declining production, increased costs, and Incentives that 
could help sustain the operation. Most of the known EOR reserves recoverable by 
miscible and chemical methods are located in fields with Class 1 wells. Develop
ment of new EOR technology, under higher oil price scenarios, will likely occur in 
these fields since there is a well-developed base production level which can better 
absorb additional costs. 

Intermittent Operations 

The intermittently operated (Class 2) marginal wells generally represent a 
class of wells producing smaller volumes of oil and water. This class of wells may 
be produced only a few days every month or may operate on time clocks that allow 
the wells to run for short periods of time each day. The majority of these wells 
may be produced intermittently without significant loss of reserves. Continuously 
operated properties producing small volumes of oil with low water handling costs 
(or other operating characteristics that differentiate the cost structure from Class 
1 and Class 3 wells) may also be considered part of this class. Since Class 2 wells 
require very efficient low cost operations, they are not amenable to harsh condi
tions such as corrosive fluids, high fluid volumes, or other situations that would 
preclude maintaining low operating costs (not necessarily low cost per barrel of 
oil produced). 

· 

All producers have Class 2 properties, but they are most often owned by 
small operators. In 1992, 193,172, or 33 percent, of the wells in the lower-48 on
shore states averaged less then one barrel per day of oil production, yet intermit
tent production operations can perpetuate the life of these wells for many years. It 
is difficult, however, to evaluate the economics of this type of marginal production 
since most public production records do not contain the well information neces
sary to determine the number of producing days and the corresponding product 
price received during each month. A small change in producing rate or any 
incremental cost can significantly influence the cost per barrel of oil production 
for this class of wells. An example of this is provided in the economics discussion 
in Chapter Five. The analysis of the Class 2 wells undertaken in this study is 
based on the assumption that most were economic in 1993. Generally, Class 2 
wells cannot operate as long as Class 1 wells when unexpected drops in the oil 
price cause them to become uneconomic. The upcoming discussion of marginal 
wells in the Eastern United States is particularly pertinent to Class 2 wells. 

Heavy Oil 

The heavy oil (Class 3) marginal wells represent a separate and diverse 
class of wells. As discussed in the previous chapter, most heavy oil producers are 
located in California. Thermal enhanced recovery (primarily steam injection) 
technology is utilized in many of the wells. A number of distinct features qualify 

58 



heavy oil as marginal production. Each characteristic is generally unique when 
compared to other oil operations . It is this distinctiveness that lead to the inclu
sion of heavy oil as part of the existing marginal well definition in the federal tax 
code. 

Heavy oil operations are discussed in greater detail as part of the report on 
marginal well characteristics in the California region. Additional information 
regarding California production and heavy oil is available in Appendix E .  

REGIONAL FACTORS 

The following sections describe the special production, reservoir, and mar
ket factors contributing to the marginality of wells and the acceleration of their 
abandonment in the Eastern United States, Gulf Coast, Permian Basin, Midcon
tinent, Rocky Mountains, and California regions. Essentially all of the factors 
mentioned are present, to a certain extent, in each region; however, the upcoming 
regional discussion attempts to focus on those that are found to be most prevalent 
within a particular area. 

At the beginning of each section discussing regional factors, a map outline 
of the region is shown with a barrel that compares the first half 1994 average 
domestic oil price to the first half 1994 regional oil price. Also shown is the 
percentage distribution of well ownership by operator class size for various 
production rate categories . Operator size is based on annual domestic BOE's 
produced during 1993 . For example, the operators producing the most BOE's 
would be in the 1 to 20 class . The operators producing the fewest BOE's would be 
in the greater than 500 class. The total lower-48 onshore states well ownership 
distribution in shown below. 
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Eastern United States 
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Average Oil Price 

This is the most mature producing region in the United States. If there is 
an outstanding characteristic that typifies the marginal nature of the wells in this 
region, it is the low production rate. The wells average less than one barrel of oil 
per day. In three states, the average is about one-third of a barrel of oil per day. 
The region contains approximately 133,000 active oil wells, of which 84,995 produce 
one barrel or less of oil each day. Class 2 wells are predominant in the region as 
is evidenced by the fact that over 90 percent of the wells produce less than three 
barrels of oil per day. 

It is hard to imagine how a company could make money operating wells 
producing less than a barrel of oil per day, but the operators in this region are very 
proficient at getting every drop of oil out of a well at the lowest possible cost. There 
are two fundamental groups of marginal wells in the region, those in fields cur
rently being waterflooded (this includes enhanced recovery operations) and those 
producing on a primary basis or in a fully mature operation. Following is a de
scription of the producing characteristics of both classes of wells that distinguish 
them from other wells throughout the country and cause them to be marginal. 
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Waterflood Operations 

Production Factors 

• Power Costs - Most fields lack an abundant supply of lease gas . This 
requires the operator to buy gas or purchase electricity, many times 
from expensive rural electric cooperatives, to run the equipment nec
essary to operate the property. This is a considerable problem for wells 
under active waterflood since a substantial amount of energy is needed 
to produce and inject the large volumes of water associated with this 
type of operation. In some instances, the electric bill can run as much 
as 30 to 40 percent of a property's direct operating cost. 

• Age of Production Equipment - It is not uncommon for equipment on the 
leases and in the wells to be at least 40 to 50 years old. The same equip
ment continues to be utilized since the low production rates will not sup
port the installation of new equipment. The wear and tear of waterflood
ing is exceedingly difficult on the older equipment, making failures and 
costly repairs a common occurrence. 

Reservoir Factors 

• High Volume Water Production - Some of the more mature water in
jection projects in the Eastern U.S. produce 25,000 or more barrels of 
water each day. Oil production, as a percentage of total fluid production 
(oil cut) during the later stages of waterflood operations, most often is 
less than five (in some cases less than one) percent. The corrosive ten
dencies of the water produced out of and injected into the reservoirs are 
not as extreme as in some regions; still, it must be chemically treated to 
prevent corrosion and the formation of scale. The water also must be 
treated and filtered prior to injection in order to achieve the quality 
needed to maintain the desired injection pressures and rates. If pro
duced water is not reinjected as part of the effort to sustain reservoir 
pressure, it is usually injected into nonproductive formations approved 
(by the appropriate regulatory authority) for water disposal. 

• Commingled Producing Horizons - The lack of prolific production from 
individual reservoirs compels operators to produce from multiple zones 
in a wellbore simultaneously. This increases daily production, but also 
creates the potential for damage to the wellbore. The damage is brought 
about by a reaction from the mixing of different reservoir fluids . The 
result is usually the formation of scales such as iron sulfide and barium 
sulfate, which must be removed or inhibited with the use of high-cost 
chemical treatments. This practice also makes it difficult to maintain 
good water quality for injection into the various producing horizons and 
to monitor the effectiveness of the water injection profile. 

Market Factors 

• Limited Access to Crude Oil Markets - In many parts of the region, 
there are few alternatives for operators to market their oil. There are 
only a small number of buyers and access to common carrier pipelines 
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is limited. Therefore, the producer receives a lower oil price than would 
be realized in a more competitive market such as the Gulf Coast region. 
A small producer's market options are even more restricted in that they 
are not able to achieve the economy of supply (large production volumes) 
needed to command a more favorable price from oil buyers. The lack of 
production volume also makes it difficult for them to individually utilize 
the commodity futures markets in order to minimize downside price 
risk by "locking in" an acceptable future oil price. 

Primary Production Operations 

The problems created by old equipment, commingled zones, and power costs 
are the same for primary wells as described previously with regard to waterflood
ed wells. They are not as extreme in nature, but since the primary wells produce 
such small volumes of oil, the problems still are capable of threatening a well's 
economic viability. The market factors discussed in the preceding paragraph 
dealing with waterflood operations also are applicable to primary operations in 
the region. The operating characteristics attributable specifically to primary pro
duction operations are stated below. 

Production Factors 

• Water Disposal - Unlike waterflood operations, many of the wells in the 
region are located on isolated leases and are unable to access field-wide 
water disposal systems. Produced water usually must be trucked from 
the lease and injected in commercial disposal wells at a cost that can be 
as high as $1 .80 per barrel of water. The economic viability of these wells 
is extremely sensitive to the amount of water produced. The example 
below shows the difference in the cost per barrel of oil related to water 
disposal for a one barrel of oil per day (BOlD) well making one, five, and 
ten barrels of water (assuming that the cost to dispose of the water is 
$1.80 per barrel of water). 

Barrels of Oil Barrels of Water Disposal Cost 
per Day per Day $/BO/D 

1 1 1 .80 
1 5 9 .00 
1 1 0  1 8.00 

• Hostile Environment - Many wells are located in hilly and mountainous 
regions. The wells can be inaccessible for several months each year due 
to the severity of the weather in the winter and early spring and due to a 
lack of good roads. Excessive downtime on such low volume wells se
verely impacts their economic status. 

Reservoir Factors 

• Nature of the Reservoirs - In some areas, the reservoirs are highly 
fractured and can be restricted in size. If these conditions exist, or if the 
reservoir matrix is poor (low porosity and permeability), waterflooding 
and currently known enhanced recovery operations are impractical. 
Therefore, the reserves must be recovered by primary production over a 
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prolonged period of time. The wells in this type of reservoir are most 
often Class 2. 

• Paraffin Formation - The combination of small amounts of produced 
water, certain components of crude oil, and temperature can cause 
paraffin to form in the wellbore and gathering lines. This inhibits the 
already precariously low production rate of the well. It is difficult and 
very costly to chemically prevent paraffin development, so the problem 
must be dealt with symptomatically with solvent soaks and hot oil 
treatments. 

Gulf Coast 
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Average Oil Price 

Wells in the Gulf Coast region cover the entire spectrum of production 
depths, rates, and reservoir types.  The region contains over 86,000 producing oil 
wells, including 34,625 that produce one barrel or less of oil per day. Most of the 
wells producing less than one barrel of oil per day are considered to be in the 
Class 2 category. Secondary and enhanced recovery projects are common in the 
region, and many of the marginal wells are produced on a primary basis. Gulf 
Coast marginal well characteristics in both onshore and inland water operations 
are discussed in the following paragraphs. 
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Onshore Operations 

Production Factors 

• Corrosion - Many areas produce highly corrosive waters and gases. 
This usually results from the presence of H2S (hydrogen sulfide), C02 
(carbon dioxide), or oxidation. This creates an environment that is very 
hard on production equipment. Expensive chemicals are needed to min
imize damage, but even with the use of chemicals and other preventative 
measures (i.e. ,  coated rods and fiberglass tubing), the cost and frequency 
of equipment repairs and replacement is much higher where corrosion 
is prevalent. 

• Wellbore Damage - Wells that produce large amounts of water are prone 
to the accumulation of calcium carbonate, iron sulfide, and barium sul
fate scales throughout the wellbore and production equipment. The 
presence of these scale deposits further reduces the ability of marginal 
wells to produce. The cost associated with the removal of scales can be 
prohibitive since it may require expensive acid jobs or mechanical re
moval by a workover rig. 

• Naturally Occurring Radioactive Materials (NORM) Contamination -
NORM is a natural byproduct of hydrocarbon production and occurs 
when radium is coprecipitated from produced water with barium and 
strontium based scales, and when radon gas is produced with natural 
gas. This leads to contamination of produced scales, sludge byproducts, 
and production equipment. NORM contamination exists, to some de
gree, at many production facilities in the region. Potential health haz
ards are mitigated through the use of prudent safety procedures . The 
cost of dealing with and disposing of NORM waste is considerable. A 
typical charge to dispose of one barrel of NORM contaminated waste at a 
licensed disposal site is $400 to $600. 

• Major Equipment Failures - Many of the problems discussed in this sec
tion ultimately result in major equipment failures. These are repairs 
requiring a workover rig and would involve something more severe than 
parted rods, pump repairs, or tubing leaks. Screen failures (many wells 
have unconsolidated reservoir rocks and must be equipped with gravel 
pack screens) and casing leaks are the most common. In many low rate 
wells it is difficult to economically justify the expenditure required to 
complete this kind of repair. 

Reservoir Factors 

• Sand Control - Many of the reservoirs are comprised of unconsolidated 
sandstones, which create a need for sand control in both the completion 
and production phases of operations . This has a material impact on 
operating costs due to the necessity of installing and sometimes replac
ing downhole screens and liners. The unconsolidated nature of the 
reservoir sands also causes additional wear and tear on subsurface and 
surface equipment when loose sand works its way into the production 
stream. 
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• High Volume Water Production - A great number of the Gulf Coast 
reservoirs produce by either a full or partial water drive. These wells 
will produce significant amounts of water in the later stages of their 
productive history. It is not uncommon for wells in fully matured 
reservoirs to produce several hundred or even thousands of barrels of 
water each day for a few barrels of oil . The cost associated with water 
disposal can be considerable because of the initial capital required to 
install and operate disposal facilities plus the cost of maintaining com
pliance with environmental regulations regarding water disposal. The 
power cost associated with high water production is sizable since it takes 
power to pump the water out of the ground and then additional power to 
pump it back into the ground. 

• Well Depth - Many of the productive horizons in the region exceed 5 ,000 
feet in depth. Some reservoirs are, in fact, greater than 15,000 feet deep. 
The cost of operating the wells increases with the depth of the well even 
if production volumes are constant. The cost to bring fluid to the surface 
is greater, and it takes more expensive equipment to run and to repair 
the wells. In addition, the deeper reservoirs in the region can be abnor
mally pressured. Costly precautionary measures must be taken to safely 
operate these high pressure wells. 

Market Factors 

• Crude Oil Quality - In some areas, particularly on top of salt domes, the 
quality of the crude oil significantly affects the wellhead price. The grav
ity is low and in some cases the oil may be considered sour (high sulfur 
content). It is not uncommon to have oil with an API gravity of 25 de
grees or less. The resulting reduction in the wellhead price can be as 
much as $2.00 to $3.00 per barrel. For example, on February 16, 1994, 
Scurlock Permian's South Louisiana posted price for a barrel of 25 de
gree gravity sour crude oil was $9.40 .  Their posted price on that same 
day for a barrel of 40 degree gravity West Texas intermediate crude oil 
was $12.25. 

Inland Water Operations 

All of the characteristics and problems related to marginal onshore wells 
in the Gulf Coast region are also applicable to inland water operations. The dif
ficulties are magnified, however, by some of the factors discussed below which are 
unique to inland water operations. 

Production Factors 

• Logistics - Operating costs are higher because all materials, labor, and 
services must be delivered by boat. This means that goods and services 
are generally more expensive and it takes more man and equipment 
hours to complete a project in inland waters than it would if the same 
project was onshore. 
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• Artificial Lift Mechanism - Almost all marginal wells require some 
kind of artificial lift. Gas lift is usually the most economically viable 
artificial lift method for inland water operations since the cost of in
stalling and maintaining rod pumps (the primary onshore method) is 
prohibitive. Multiple well gas lift systems are complex and can also be 
very expensive and difficult to maintain. Rising natural gas prices can 
increase the cost of gas lift operations, since many of the fields, most 
notably marginal ones, do not have enough produced gas to supply the 
gas lift system. Additional gas must then be purchased, if it is available, 
to replace gas consumed in operations. 

• Regulatory Compliance - Inland water operators must deal with a large 
number of regulatory agencies at the federal, state, and local levels of 
government. The cost of keeping up with the reporting requirements 
and paying the assorted fees is high and can impact the commercial 
viability of marginal wells .  Listed below are some of the agencies a 
typical inland water operator in Louisiana has to deal with. 

Regulatory Agency 
Department of Natural Resources 
Department of Environmental Quality 
Department of Wildlife and Fisheries 
Louisiana State Mineral Board 
U.S. Corps of Engineers 
Local Levee Districts 
Environmental Protection Agency 
U.S. Coast Guard 
Department of Energy 
Occupational Safety and Health 

Administration 
Bureau of Land Management 
Various Other Local Governmental Bodies 

Level of Government 
State 
State 

Federal 
State 

Federal 
Local 

Federal 
Federal 
Federal 
Federal 

Federal 
Local 

• Corrosion of Surface Equipment - The corrosive environment caused by 
damp salty air and bay water increases the cost of maintaining surface 
equipment. Frequent cleaning and painting are required to prevent 
corrosion. Special equipment and divers are often needed to complete 
repairs and maintenance below the surface of the water. 

• Insurance Cost - The potential liability associated with operating a well 
on water requires a higher premium to be paid than if the same well 
was located on land. 

Market Factors 

• Oil Transportation Fees - Crude oil purchasers and transporters typi
cally charge more to transport oil from inland water locations than on 
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land. This is particularly true if the oil is transported by barge. The 
transportation fee is usually $.50 to $1.00 per barrel. 
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The Permian Basin contains approximately 115 ,000 active oil wells, includ
ing 16,273 that produce one barrel or less of oil per day. There are more miscible 
(C02) enhanced oil recovery projects in the Permian Basin than anywhere else in 
the world. A 1993 IOGCC report estimated the Permian Basin EOR reserves to be 
in excess of 3 billion barrels at a price of $20 per barrel. 

There are a number of factors, both operational and otherwise, that acceler
ate the abandonment of marginal wells in the region. The permanent abandon
ment of wells in the Permian Basin has a greater negative impact on the U.S. EOR 
reserves than any other geologic province. The factors contributing to the well 
abandonments are stated below. 
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Production Factors 

• Power Costs - Secondary and enhanced recovery operations consume 
large amounts of power as part of their daily operations . Many times, 
producers are faced with meeting their power needs through the pur
chase of electricity from higher cost suppliers such as rural electric 
cooperatives. The current structure of regulations, particularly those 
dealing with the certification of service areas, limit the ability of the 
operators to lower per unit power costs . This could be accomplished 
through the negotiation of volume discounts or purchasing electricity for 
less cost and transporting it to the property through the existing power 
grid system much in the same way natural gas is transported to end 
users via common carrier pipelines. 

• Water Supply Availability - During the past 20 to 30 years, competition 
has grown between the oil and agricultural industries for the region's 
fresh water supply. The water available in the deeper fresh water aqui
fers works very well when used as a supplemental water source for in
jection into both secondary and enhanced recovery projects. Since this 
water is also needed for irrigation, operators are now utilizing other, 
more expensive, water supplies, such as produced water from extra
neous reservoirs and non-potable water found in shallower aquifers . 
The incompatibility of the commingled waters can significantly increase 
the cost of chemically treating and filtering the water prior to injection. 

• Naturally Occurring Radioactive Materials (NORM) Contamination -
The composition of the reservoir fluids combined with the large amounts 
of produced water can cause NORM contamination to occur in the pro
duction and surface equipment. As discussed previously in the study, 
the cost of disposing of these materials and complying with the associ
ated regulations adversely affects marginal well economics. 

• Mature Province - Many of the fields in the region have been in pro
duction for over 50 years. During that period, the methodology used to 
complete, operate, and abandon wells has improved substantially. The 
operators of fields with long production histories must, in many cases, 
expend funds to reclaim areas utilized as part of the previous operation. 
This is particularly a problem since the older fields typically have the 
lower rate wells and are least able to bear the burden of any additional 
costs . The need for maintenance and workovers in the more mature 
fields is high due primarily to the age of the equipment in the wells and 
past completion practices. 

Reservoir Factors 

• Nature of the Reservoirs - A large number of the reservoirs in the Per
mian Basin are carbonates and produce fluids with components of H2S 
and C02. These fluids are excessively corrosive and also have calcium 
carbonate and other scale-forming tendencies. Expensive chemical 
treatments are necessary to mitigate the problems which ultimately will 
lead to costly workovers and equipment failures. 
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treatments are necessary to mitigate the problems which ultimately will 
lead to costly workovers and equipment failures. 

• High Volume Water Production - Most reservoirs are under waterflood 
and produce large amounts of water. In many instances, the reservoirs 
can produce thousands of barrels of fluid each day with only a one to five 
percent oil cut. The wells in these fields are expensive to operate pri
marily because of the costs (such as electricity) associated with handling 
the large volumes of water. 

• Well Depth - Most of the productive horizons are at least 4,000 feet in 
depth and many are 8,000 to 10,000 feet deep. The combination of the 
depth and the large fluid volumes puts a great deal of stress on the pro
duction equipment. In order to prevent excessive downtime, a higher 
grade of equipment must be utilized in these wells, which increases both 
the initial installation and subsequent repair cost. 

Market Factors 

• Crude Oil Quality - Much of the crude oil production in the region has a 
high enough sulfur content to be classified as sour. The market penalty 
for sour crude oil customarily runs $2.00 to $3.00 per barrel .  For exam
ple, on February 16, 1994, Koch Oil Company's posted price for West 
Texas/New Mexico sour oil (40 degree gravity) was $10 .00 per barrel, 
whereas the posted price for West Texas/New Mexico sweet oil ( 40 degree 
gravity) was $12.25 per barrel. 
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The Midcontinent region contains approximately 174,000 producing oil 
wells. Most of the 48,522 wells that produce one barrel or less of oil each day are 
included in the Class 2 category. The region also has a number of Class 3 wells. 
Many of the major reservoirs are candidates for the application of enhanced oil 
recovery technology. However, there are only a few currently active EOR projects. 

Sandstone reservoirs are more typical in the Midcontinent states. The cor
rosion and sour crude oil problems created by the carbonate reservoirs in West 
Texas and New Mexico tend to be less severe in this region. Nonetheless, margi
nal wells in this locale are faced with various operational factors that can hasten 
abandonment. 

69 



MIDCONTINENT 
Well  Percentage by Operator Size and Production Category 

0 to 1 0 to 3 

lll 1 -20 

Production Factors 

0 to 5 0 to 1 0 0 to 1 5  

Well Category (BOE/0) 

� 21-1 oo D 1 01 -500 ijj >500 

All Wells 

• Power Costs - The power costs in the Midcontinent area are a problem 
for marginal well operators. Costs can be as much as 30 percent higher 
than other regions. The primary reason is that the Midcontinent power 
grid system has a large component of nuclear power plant cost. Another 
contributing factor is that many of the marginal well properties are in 
remote locations and are serviced by the more expensive rural electric 
cooperatives. 

• Mature Province - There are many older fields in the Midcontinent re
gion. Some of the fields are 60 to 80 years old and have a long production 
history. Present day operators often find it necessary to expend funds to 
take care of problems that were the result of early day operational prac
tices. In some cases, operators must reenter and plug a previously im
properly plugged wellbore. Surface remediation of pits, utilized histori
cally for the storage of produced fluids, is also a problem faced by opera
tors of the older fields. 

• Age of the Production Equipment - The advanced age of fields in the 
region brings with it the same problems experienced by the other older 
producing provinces throughout the country. The older the equipment, 
the more difficult and costly it is to maintain. The problem for marginal 
wells is made worse by the fact that the least profitable wells tend to be 
the older wells with the older equipment. The difficulty of economically 
justifying the repair or replacement of the equipment on a marginal 
well can lead to abandonment. 

• Logistics - A great number of the wells in this region are located in high 
use agricultural areas. Producers must take precautions to minimize 
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the chance of interfering with farming and ranching operations. This 
adds to the cost of operations, particularly during the months when the 
crops are in the field and access to property is limited. The cost of ease
ments or surface leases needed to lay pipelines, build roads, and con
struct facilities can be prohibitive since the farm land is so valuable that 
it is desirable to keep as much of it in agricultural production as 
possible. 

• Hostile Environment - The cost of operation in all the areas of the Mid
continent increases in the winter months. This is especially true in the 
high plains area of Kansas and Nebraska and in the panhandle area of 
Oklahoma and Texas. Costs of repairs and maintenance rise signifi
cantly during the winter because of the extremely harsh weather expe
rienced regularly in these parts of the region. Even with precautionary 
measures taken to insulate the production equipment, the severe cold 
can freeze water-handling facilities and rupture flow lines and surface 
vessels . 

Reservoir Factors 

• Nature of the Reservoirs - There are an abundance of reservoirs in the 
Midcontinent area that lack continuity. Typically, they are stream 
channel and sand bar deposits that have a high content of silt and clay. 
The length of time needed to extract the recoverable reserves, in these 
heterogeneous reservoirs, is extended significantly since their nature 
limits the sweep efficiency of waterflood operations . A more homoge
nous, similarly sized reservoir (such as those found in the Gulf Coast 
region) would recover the same amount of oil in a much shorter period 
of time. 

• Low Production Rates - The shallower reservoirs in some areas of the 
region have very low reservoir pressures. This is a major contributing 
factor to the low oil production rates (less than one barrel per day) of this 
group of marginal wells. Small changes in the oil price and operating 
costs can significantly impair the profitability of these wells. 

Market Factors 

• Limited Access to Markets - Small operators of marginal wells in cer
tain areas suffer from a scarcity of competition for their oil. They lack 
an economy of supply and experience problems similar to those de
scribed in the discussion of market limitations realized by marginal well 
operators in the Eastern U.S. region. Most of the oil from the low produc
tion properties must be trucked since the small volumes will not justify 
the cost of a pipeline connection. This problem not only increases oper
ating costs but can actually lower the oil price in areas where there are a 
preponderance of low volume properties. This is true in southeastern 
Kansas as evidenced by the fact that Koch Oil Company's February 1994 
average posted price for Southeastern Kansas 40 degree gravity crude oil 
was $11.85 per barrel versus the $12.60 per barrel posting for 40 degree 
gravity West Texas Intermediate crude oil. 
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Approximately 32,000 active oil wells can be found in the Rocky Mountain 
region. Class 1 ,  Class 2, and Class 3 operation are present. Most of the Class 2 
wells are included in the 4,292 wells that produce one barrel of oil or less each day. 
Many of the reservoirs have active water drive mechanisms and are sandstone. 

There are several major miscible (C02) EOR projects currently underway 
in the region. In a 1993 IOGCC report, it was estimated that approximately 
500 million barrels of EOR reserves are recoverable with existing technology. 
Marginal wells in the Rocky Mountains are faced with several unique challenges 
in addition to those commonly experienced in other regions. 
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• Federal Leasehold Interests - The cost of operating wells on publicly 
held lands can be higher due primarily to additional reporting require
ments, regulatory overlap, delays in the permit approval process, and 
excessive public intervention. 
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• Hostile Environment - The severe winter weather combined with the 
remote location of the fields and difficult terrain increases the cost of 
operations. It is sometimes difficult to gain access to wells when repairs 
are needed. The long winter increases costs because of additional ex
penses incurred treating the oil in preparation for sale when the tem
perature is below freezing. It is also necessary to take steps to protect the 
production equipment from the severe cold and to keep the produced 
water from freezing. Downtime can be excessive since weeks may pass 
before wells with mechanical problems can be repaired and returned to 
production. 

• Logistics - Most of this region suffers from the lack of a good rural road 
system. This is partly due to the rough terrain. However, road construc
tion is also restricted by the Bureau of Land Management and the Forest 
Service's common desire to limit the number of roads built on public 
lands. This lack of roads affects costs in much the same way as they are 
increased by logistical problems in the inland water properties. In the 
Rocky Mountains, goods and services must be delivered, to what are in 
many cases remote locations, by truck. The rough terrain and lack of 
good roads drive up costs of projects since the time required to deliver 
goods and services is much higher than if the property was in a more 
easily accessible location. 

Reservoir Factors 

• High Volume Water Production - A number of fields in parts of the 
Rocky Mountain region produce vast amounts of water with oil account
ing for, in some cases, less than one percent of the total fluid produced. 
Fields in this region can produce in excess of 100,000 barrels of water 
each day. Water handling systems must be extremely cost-effective for 
these fields to be produced profitably. Because of the high volume of 
produced water, property economics are extremely sensitive to changes 
in water handling cost. For example, in a field producing 500 barrels of 
oil per day and 100,000 barrels of water per day (99.5 percent water cut), a 
one cent change in the cost of handling one barrel of water increases the 
total operating cost per barrel of oil by $2.00. 

• Nature of the Reservoir - The region contains many reservoirs that are 
highly faulted, fractured, or have a great deal of lenticular porosity. The 
reservoirs also can have low permeability, which means that in most 
cases the amount of the reservoir that can be drained by one well is rela
tively small. Costs, in fields consisting of these types of reservoirs, tend 
to be higher since the nature of these reservoirs require the operation of 
more wells and an extended period of time to recover reserves.  

• Nature of the Crude Oil - In some areas, particularly parts of Utah, 
Montana, and Nevada, the crude oil has a very high paraffin content. It 
creates a number of problems since it is very difficult to keep the paraffin 
from forming in the production stream. Production equipment must be 
heated during the winter months to keep the waxy substance from 
plugging up the equipment and to allow for the sale of the oil. 
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• Well Depth - Most of the marginal production in the Rocky Mount�in 
region comes from formations that are 4,000 to 10,000 feet deep. The high 
cost of maintenance and repairs at these depths can lead to the prema
ture abandonment of low-rate wells. 

Market Factors 

• Crude Oil Quality - A large percentage of the crude oil is sour and of 
lower gravity. As in other areas, the market price for this type of crude 
oil often is $2.00 to $3 .00 per barrel less than the West Texas Intermediate 
posted price. On February 16, 1994, Scurlock Permian's posted price for 
Wyoming general sour crude (40 degree gravity) was $8.75 per barrel. 
The posted price for Wyoming sweet crude (40 degree gravity) on that 
same day was $11.75 per barrel. 

• Limited Access to Crude Oil Markets - There are fewer pipelines, refin
eries, and market opportunities in the Rocky Mountain area than found 
in most other regions. This restriction of markets often results (with the 
exception of a few high quality crude oil types) in a price of $0.50 to $1.00 
per barrel less than other areas. Koch Oil company's February 1994 av
erage posted price for West Texas Intermediate 40 degree gravity sweet 
crude was $13 .10 per barrel. Their average posted price for Wyoming 
40 degree gravity sweet crude oil was $12.60 per barrel. 
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California, not including the federal OCS, produces about 850,000 barrels of 
oil per day, which amounts to 12 percent of the U.S. domestic production. About 
two out of every three of these California barrels is heavy crude oil, most of which 
is less than 16 degrees API. The majority of the producing fields in California 
were discovered in the first half of the century and enjoyed a revitalization in the 
1970s and early 1980s as secondary and enhanced recovery methods were econom
ically justified by relatively high and stable crude oil prices. However, continued 
development of California's significant known reserves has slowed to a standstill 
in recent years due to the poor economics resulting from the following unique set 
of factors affecting California's predominantly heavy crude oil producing sector. 
These factors have contributed to the transformation of California's heavy oil in
dustry from a robust, expanding industry that was actively developing reserves to 
more of a stripper well operation with most of the attention directed towards re
ducing operating costs so that revenues would at least cover direct field operating 
costs and production could continue. 
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• High Energy Requirements/Costs - The common method of EOR 
associated with California's heavy crude oil involves injecting large 
quantities of steam into the reservoir to reduce the high viscosity of the 
heavy oil so that it flows more easily and rapidly to the wellbore. Gen
erally three to four barrels of steam are injected for every barrel of oil 
produced. Most of this steam is produced in large boilers that have been 
largely converted from burning crude oil to natural gas due to the in
creasingly stringent air emission regulations . The injected steam is 
eventually recovered as produced water, which needs to be treated to the 
high standards required for heating and injection as steam. It takes 
considerable initial steam injection to begin this recovery process and, 
once started, the steam injection must be continued or significant 
injected steam value/heat will be lost to the surrounding formations. 

Because of the high total cost of the steam generation and injection pro
cess (commonly about $4 per barrel of oil produced), significant attention 
has been directed towards the facilities in order to reduce the overall cost 
of the steam. One relatively new method of reducing steam costs has 
been the installation of significant electrical/steam cogeneration capac
ity in the oil fields. The waste exhaust heat is used to generate steam, 
while the electrical output is either used to displace purchased electric
ity or sold to the local utility. In Kern County, where 60 percent of Cali
fornia's oil is produced, over 1,500 megawatts of cogenerated power has 
been installed in oil fields during the past ten years. 

• High Capital Development Costs - The cost of drilling a single typical 
heavy oil well is relatively low. However, the cost of drilling the many 
wells required to develop a heavy oil field and the cost of associated facil-
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ities required to treat the large amounts of produced water (water cuts of 
90 percent are normal) to boiler standard, to heat the water, and to dis
tribute the steam are significant. While most of the capital expense is 
required by the water/steam operation, the facilities to treat, store, and 
pump the heavy viscous crude oil are also significant and costly. 

• Stringent/Costly Environmental Requirements - California continues to 
develop some of the most stringent environmental regulations. These 
regulations have increased the complexity and cost of producing oil in 
California, especially in the more sensitive coastal or urban areas . In 
addition, oil field abandonment requirements/costs are increasing and, 
while this does not affect the field operating costs, this does affect an 
operator's ability and/or willingness to sell/develop oil field properties. 

Reservoir Factors 

• High Reserve/Production Ratio - Reserves in heavy oil fields are recov
ered over an unusually long period of time (usually several decades) due 
to the low production rates caused by the very viscous crude oil. This 
additional time required to produce the oil in place contributes to higher 
operating and capital costs as well as results in a delayed return on 
investment capital. In addition, as a result of this protracted productive 
life, heavy oil price fluctuations cause an increased risk in regard to 
capital recovery and adequate return on investment. 

Market Factors 

• Low Crude Oil Prices - Historically, California's 13 degree heavy crude 
oil has sold for about 60 to 70 percent of a West Texas 40 degree crude oil 
(the average price for Kern River crude oil in February 1994 was $9.25 
per barrel compared to $13.00 for West Texas Intermediate).  This lower 
value is primarily based on the poorer crude oil quality, which results in 
a lower valued refined products mix from each barrel due to the limited 
refinery conversion capacity in California. California's refineries pro
duced about 270,000 barrels per day of low value #6 fuel oil in 1993, most 
of which can be attributed to California's heavy oil. 

The California crude oil market is also affected negatively by the large 
volume of Alaskan crude oil that is "dumped" on the West Coast due to 
the federal ban on exporting Alaskan North Slope CANS) crude oil. Cur
rently about half of the approximately 1. 7 million barrels per day of ANS 
production is landed and stays in California due to the high cost of mov
ing this crude oil to other non-Pacific coast domestic markets. Since a 
natural market for this ANS crude oil is the Far East, critics of this ban 
argue that this export ban forces an unnatural crude oil market to exist 
in California which lowers California crude oil prices and thereby hurts 
the California production industry. While it is difficult to determine 
because of the many complex market issues, it is expected that the price 
of California crude oil would increase if this ANS crude oil export ban is 
repealed. 
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CONCLUSIONS 

A variety and number of operating factors drive wells to become marginal. 
The factors are not the same for all regions and in some cases the factors differ 
within the same region. Marginal wells are operated by all producers, regardless 
of size. This makes it difficult to pinpoint a definition for marginal wells. None
theless, they do share a common attribute, in that, their continued existence 
under a high operating cost/low oil price environment is threatened. Each dollar 
decline, each new regulation, and each increase in costs will eliminate another 
portion of marginal well production and resource availability as more wells are 
abandoned. 
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Chapter Five 

Economic Analyses 

OVERVIEW AND DISCUSSION 

In order to adequately analyze marginal wells, the NPC determined that an 
economic . evaluatio?- conside:ing cash flow is required to assess the marginality 
of producing wells In the Umted States. All wells operate with varying cash flow 
mar�ns; however, as described in the previous chapter, many wells provide in
sufficient cash flow to cover current and future costs. Determining the number of 
wells unable to meet lease level operating costs at various prices is the first step in 
understanding marginality of producing wells . Continued production from un
economic wells is discussed later in this chapter. The increase in the number of 
wells not meeting lease operating costs at decreasing prices will provide insight 
into the population of marginal wells and the role of policy initiatives to maintain 
production from these wells. The economics evaluation was conducted in two 
interrelated stages-first, the cash flow from all producing wells before federal 
income taxes was estimated, and second, cash flow after federal income tax con
siderations was estimated. It is important to note that in these first stages of 
economic evaluation, individual well/lease and company operations cash flow 
were the primary evaluation parameters and not typical project type economics 
where return on investment is calculated. 

The first step of the economic evaluation does not address many non-well
specific costs in the same manner as well/lease costs; however, these are real 
cash costs that every company incurs, and they will be considered as an addition 
to well/lease level costs. Included in this additional cost category are items such 
as administrative and management costs, accounting and finance costs, research 
and development, product marketing, government and public affairs, environ
mental and regulatory affairs , insurance, health and safety, and debt repayment 
-just to mention a few of the costs that are not captured at or pushed down to the 
individual well or lease level. 

The discussion concerning well economics will focus initially on individual 
well cash flow and not the company level cash flow. In this study, individual well 
cash flow was evaluated since much of the available production data are reported 
on a well or lease level and an operator's decisions to produce or to shut in wells 
generally are based on each well's ability to generate a positive cash flow. How
ever, production accounting and tax calculations are generally performed at a 
lease or property level as opposed to the well level. In the Findings, Conclusions, 
and Recommendations section of this report, the discussion more appropriately 
deals with properties for accounting and tax reasons. Total cash flow from do
mestic oil and gas company operations have not been rigorously quantified in this 
study since debt, capital recovery, overhead, and other costs mentioned above are 
not readily accessible for use in the evaluation; however, the NPC developed a 
sound methodology to demonstrate the range of impact of these costs. Many com
panies do not allocate or burden individual leases or wells with these costs, but 
retain them at a higher organizational level for ease of administration. 

79 



The Energy Information Administration's model titled "Economics Evalua
tion Model" was used for the calculations of the before federal income tax (BFIT) 
cash flow of individual wells. ICF Resources, a management consulting firm, 
provided the modeling to evaluate after federal income �ax (�IT) cas� flow and 
the tax implications and federal costs and benefits of the Incentives considered. 

ECONOMIC DATA REQUIREMENTS 

Overview 

The EIA Economic Evaluation Model contains 4 major input parameters. 
First and foremost are the individual well production rate data for each state . 
Detailed data on 20 producing states for the year 1992 is available from Dwight's 
Energydata, Inc. ,  and Petroleum Information Corp. For all oil wells in these 
states, production rate data on a barrel of oil equivalent basis were generated by 
converting associated gas using a 6,000 standard cubic foot (6 MSCF) per barrel 
ratio. Detailed well production data are not commercially available for 10 states. 
In addition to the barrels of oil equivalent (BOE) production data, water cut and 
depth information on individual oil producing wells were used in generating the 
operating costs based on explicit costing algorithms. 

Second, royalty and state and local production (severance and ad valorem) 
tax data are required in order to quantify the net revenue realized after deductions 
for these items. A simplified approach was used for these calculations and was 
subsequently verified through a survey of producing companies that participated 
in the marginal well study. 

Individual well operating expenses are the third significant input to the 
economic evaluation performed by the Energy Information Administration (EIA) 
model. The EIA has constructed cost algorithms that have been calibrated using 
industry survey data for use in the model. 

Fourth, using 7 domestic oil prices of $8, $10, $12, $14, $16, $18,  and $20 per 
barrel of oil, before-tax cash flow for all wells in the lower-48 states was calculated. 
The average domestic wellhead price is a volume weighted average for all of the 
U.S. crude oil production. 

Each of the model input parameters is discussed in more detail in the 
following sections. 

Production Data 

Detailed production data are available for 20 producing states representing 
452,990 (77 percent) of the total 586,058 producing oil wells and 1,991,182,551 (97 per
cent) annual barrels of oil equivalent (BOE) production out of the total 2,045, 729,772 
annual BOE production from all wells in the lower-48 onshore states that pro
duced in 1992. For these 20 states, Table 5-1 illustrates the distribution of oil wells 
and BOE production by production rate bracket. In 10 states where detailed pro
duction rate data were not available, a production rate distribution function and 
mean production rate were used to construct the well distribution and BOE pro
duction, shown in Table 5-2. Table 5-3 shows the distribution of oil wells and BOE 
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TABLE 5-1 

DISTRIBUTION OF OIL WELLS AND BOE PRODUCTION 
BY PRODUCTION RATE BRACKET 

FOR TOTAL ONSHORE U.S. EXCLUDING EASTERN STATES, 1 992 

Production Rate 
B racket 

(BOE/Day) 

0-1 
1 -2 
2-3 
3-4 
4-5 
5-6 
6-7 
7-8 
8-9 

9-1 0  
Subtotal 0-1 0  

1 0-1 1 
1 1 - 1 2  
1 2-1 3 
1 3-1 4 
1 4-1 5 

Subtotal 0-1 5 
1 5-20 
20-25 
25-30 
30-35 
35-40 
40-45 
45-50 
>50 

Total 

Wells 

1 08, 1 76 
50,401 
35,490 
26,750 
21 ,088 
1 8,743 
1 4,670 
1 2,349 
1 0,91 1 
1 1 ,371 

309,949 
8,685 
7,802 
6,668 
6,270 
6,400 

345,774 
21 ,604 
1 7,776 
1 3,039 

9,096 
5,296 
4, 1 81 
3,273 

32,951 
452,990 

Annual 
Production 

(BOE) 

1 5, 100, 1 74 
25,408,71 3 
29,470,550 
31 ,002,696 
31 ,1 93,731 
33,995,480 
31 ,594,936 
30,451 ,760 
30,475,461 
36,445,032 

295,1 38,533 
30,532,817 
29,508,41 7 
27,377,249 
28,275,1 23 
30,71 5,314 

441 ,547,453 
1 22,31 3,885 
1 30,505,329 
1 1 9,022,650 

92,024,375 
62,241 ,382 
53,1 63,757 
49, 1 54, 1 65 

921 ,209,556 
1 ,991 '1 82,552 

Percentage 
of 

Wells 

23.88 
1 1 . 1 3  

7.83 
5.91 
4.66 
4. 1 4  
3.24 
2.73 
2.41 
2.51 

68.42 
1 .92 
1 .72 
1 .47 
1 .38 
1 .41 

76.33 
4.77 
3.92 
2.88 
2.01 
1 . 1 7  
0.92 
0.72 
7.27 

1 00.00 

Percentage 
of 

Production 

0.76 
1 .28 
1 .48 
1 .56 
1 .57 
1 .71 
1 .59 
1 .53 
1 .53 
1 .83 

1 4.82 
1 .53 
1 .48 
1 .37 
1 .42 
1 .54 

22.1 8 
6. 1 4  
6.55 
5.98 
4.62 
3.1 3  
2.67 
2.47 

46.26 
1 00.00 

Average 
Annual 

Production 
Rate 

Per Well  
(BOE/Day) 

0.38 
1 .38 
2.28 
3. 1 8  
4.05 
4.97 
5.90 
6.76 
7.65 
8.78 
2.61 
9.63 

1 0.36 
1 1 .25 
1 2.36 
1 3. 1 5  

3.50 
1 5.51 
20. 1 1 
25.01 
27.72 
32.20 
34.84 
41 . 1 5  
76.59 
1 2.04 

Note 1 :  For determining Production Rate Brackets, a well's production rate is its annual production 
divided by the number of days the well produced during the year. A well that averaged 9.5 barrels 
per day for half of the year and nothing for the other half would be in the 9 to 1 0  bracket, not the 
4 to 5 bracket. 

Note 2: For Average Annual Production Rate, the total annual production of all the wells in a Production 
Rate Bracket were divided by all the wells that produced for some period during the year. 

Note 3: The oil production data in this table do not include lease condensate from gas wells. The official 
Energy Information Administration production data for crude oil production (including lease conden
sate) in 1 992 is published in the Petroleum Supply Annual 1 992, DOE/EIA-0340(92). 

Source: Energy Information Administration, Office of Oil and Gas; and Dwight's Energydata, Inc. 
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TABLE 5-2 

DISTRIBUTION OF OIL WELLS AND BOE PRODUCTION 
BY PRODUCTION RATE BRACKET FOR EASTERN STATES, 1 992 

Average 
Annual 

Production 
Production Rate Annual Percentage Percentage Rate 

B racket Production of of Per Well 
(BOE/Day) Wells (BOE) Wells Production (BOE/Day) 

0-1 84,996 1 1 ,754,680 63.87 21 .55 0.38 

1 -2 26, 1 42 1 2,597,820 1 9.65 23. 1 0  1 .32 

2-3 1 0,352 8,631 ,746 7.78 1 5.82 2.28 

3-4 4,822 5,684,521 3.62 1 0.42 3.22 

4-5 2,5 1 5  3,841 ,878 1 .89 7.04 4.1 7 

5-6 1 ,427 2,679,663 1 .07 4.91 5.1 3 

6-7 863 1 ,885,134 0.65 3.46 5.97 

7-8 550 1 ,41 3,054 0.41 2.59 7.02 

8-9 365 1 ,033,21 1 0.27 1 .89 7.73 

9-1 0 251 81 8,683 0. 1 9  1 .50 8.91 

Subtotal 0-1 0 1 32,283 50,340,390 99.41 92.29 1 .04 

1 0-1 1 1 78 642,369 0.1 3 1 . 1 8  9.87 

1 1 - 1 2  1 29 506,390 0. 1 0  0.93 1 0.72 

1 2-1 3 96 41 1 ,550 0.07 0.75 1 1 .75 

1 3- 1 4  72 338,558 0.05 0.62 1 2.79 
1 4-1 5 56 278,460 0.04 0.51 1 3.69 

Subtotal 0-1 5 1 32,814 52,517,71 7 99.81 96.28 1 .08 
1 5-20 1 45 864,952 0. 1 1  1 .59 1 6.27 
20-25 54 41 4,996 0.04 0.76 21 . 1 3  
25-30 24 225,549 0.02 0.41 25.82 
30-35 1 2  1 32,61 3 0.01 0.24 30.08 
35-40 7 85,959 0.01 0. 1 6  35.23 
40-45 4 59,034 0.00 0.1 1 40.76 
45-50 2 40,671 0.00 0.07 44.78 

>50 6 205,728 0.00 0.38 92.33 
Total 1 33,068 54,547,21 9 1 00.00 1 00.00 1 .1 2  

Note 1 :  For determining Production Rate Brackets, a well's production rate is its annual production 
divided by the number of days the well produced during the year. A well that averaged 9.5 barrels 
per day for half of the year and nothing for the other half would be in the 9 to 1 0  bracket, not the 
4 to 5 bracket. 

Note 2: For Average Annual Production Rate, the total annual production of all the wells in a Production 
Rate Bracket were divided by all the wells that produced for some period during the year. 

Note 3: The oil production data in this table do not include lease condensate from gas wells. The official 
Energy Information Administration production data for crude oil production (including lease conden
sate) in 1 992 is published in the Petroleum Supply Annual 1 992, DOE/EIA-0340(92). 

Note 4: The 1 0 states are constructed from a production rate distribution function and a mean 
production rate. These 1 0  states are: Illinois, Indiana, Kentucky, Missouri, Ohio, Pennsylvania, 
Tennessee, Virginia, and West, Virginia. 

Source: Energy Information Administration, Office of Oil and Gas; and Dwight's Energydata, Inc. 
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TABLE 5-3 

DISTRIBUTION OF OIL WELLS AND BOE PRODUCTION 
BY PRODUCTION RATE BRACKET 

Production Rate 
B racket 

(BOE/Day) 

0-1 
1 -2 
2-3 
3-4 
4-5 
5-6 
6-7 
7-8 
8-9 

9-1 0 
Subtotal 0-1 0 

1 0-1 1 
1 1 -1 2  
1 2-1 3 
1 3- 14  
1 4- 1 5  

Subtotal 0-1 5 
1 5-20 
20-25 
25-30 
30-35 
35-40 
40-45 
45-50 
>50 

Total 

FOR LOWER-48 STATES ONSHORE, 1 992 

Wells 

1 93, 1 72 
76,543 
45,842 
31 ,572 
23,603 
20, 1 70 
1 5,533 
1 2,899 
1 1 ,276 
1 1 ,622 

442,232 
8,863 
7,931 
6,764 
6,342 
6,456 

478,588 
21 ,749 
1 7,830 
1 3,063 

9 , 108 
5,303 
4, 1 85 
3,275 

32,957 
586,058 

Annual 
Production 

(BOE) 

26,854,854 
38,006,533 
38, 1 02,296 
36,687,21 7  
35,035,609 
36,675,143 
33,480,070 
31 ,864,814 
31 ,508,672 
37,263,71 5 

345,478,923 
31 , 175, 1 86 
30,014,807 
27,788,799 
28,61 3,681 
30,993,774 

494,065,1 70 
1 23,1 78,837 
1 30,920,325 
1 1 9,248,1 99 

92, 1 56,988 
62,327,341 
53,222,791 
49, 1 94,836 

921 ,41 5,284 
2,045,729, n1 

Percentage 
of 

Wells 

32.96 
1 3.06 

7.82 
5.39 
4.03 
3.44 
2.65 
2.20 
1 .92 
1 .98 

75.46 
1 .51 
1 .35 
1 . 1 5  
1 .08 
1 . 1 0  

81 .66 
3.71 
3.04 
2.23 
1 .55 
0.90 
0.71 
0.56 
5.62 

1 00.00 

Percentage 
of 

Production 

1 .31 
1 .86 
1 .86 
1 .79 
1 .71 
1 .79 
1 .64 
1 .56 
1 .54 
1 .82 

1 6.89 
1 .52 
1 .47 
1 .36 
1 .40 
1 .52 

24.15  
6.02 
6.40 
5.83 
4.50 
3.05 
2.60 
2.40 

45.04 
1 00.00 

Average 
Annual 

Production 
Rate 

Per Well 
(BOE/Day) 

0.38 
1 .36 
2.27 
3. 1 7  
4.06 
4.97 
5.89 
6.75 
7.63 
8.76 
2.1 3 
9.61 

1 0.34 
1 1 .22 
1 2.33 
1 3. 1 2  

2.82 
1 5.47 
20.06 
24.94 
27.65 
32. 1 1  
34.75 
41 .04 
76.39 

9.54 

Note 1 :  For determining Production Rate Brackets, a well's production rate is its annual production 
divided by the number of days the well produced during the year. A well that averaged 9.5 barrels 
per day for half of the year and nothing for the other half would be in the 9 to 1 0 bracket, not the 
4 to 5 bracket. 

Note 2: For Average Annual Production Rate, the total annual production of all the wells in a Production 
Rate Bracket were divided by all the wells that produced for some period during the year. 

Note 3: The oil production data in this table do not include lease condensate from gas wells. The official 
Energy Information Administration production data for crude oil production (including lease conden
sate) in 1 992 is published in the Petroleum Supply Annual 1 992, DOE/EIA-0340(92). _ 

Source: Energy Information Administration, Office of Oil and Gas; and Dwight's Energydata, Inc. 
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production by production rate bra�ket for a!l 30 of the lower-48 �:ms�or� producing 
states. Figures 5-1 and 5-2 graphically dep1ct the rate bracket d1stnbut10n of wells 
and production. Detailed production data tables for each of the six regions are 
provided in Appendix F, Section I. 

It is important to realize that the individual well production rate informa
tion is not as precise as the tables may indicate. This stems from the fact that 
there are a number of differences in data reporting requirements from state to 
state. Many states do not require individual well information, but require that 
production data be reported at the lease level. There are also a number of states 
that do not require the reporting of produced water. Where individual well data 
were not available, the lease level data were used in conjunction with well counts 
to estimate individual well producing rates. Also, where water cuts could not be 
calculated at the well level, average water cut data from field, reservoir, or state 
information were used to estimate individual well water production rates. Since 
average annual well counts were used, the impact of a well being shut in or aban
doned after a partial year of production will not be accurately represented within 
the well production data base. Only wells classified as oil producers were consid
ered in this evaluation. However, there are differences from state to state in the 
gas:oil ratio limitation utilized to classify wells as oil wells and the exact time that 
a well is no longer counted as a producing well. 

Royalty and Taxes 

In order to estimate a royalty and state/local tax rate, the NPC collected 
survey data which indicated that utilizing a 12.5 percent royalty and a 10 percent 
tax rate adequately represents an average for all wells in the United States. Data 
gathered in the survey of nine companies indicated average royalty values rang
ing from a low of 9.2 percent to a high of 20 percent. The combination of severance, 
ad valorem, and local taxes ranged from a low of 2.3 percent to a high of 11 .2  per
cent. Average values from the survey were calculated to be 13.5 percent royalty, 
4.9 percent severance tax, and 3.6 percent ad valorem tax. This translates to a 
20.85 percent [1 - (86.5% x 91.5%)] revenue deduction compared to the 21 .25 percent 
[1 - (87.5% x 90.0%)] assumed in the EIA Economic Model. 

The royalty burden assumed in the EIA Economic Model may slightly un
derstate the burden on marginal wells, since many marginal wells have gone 
through multiple ownerships where fractional royalties were retained by each of 
the former owners, resulting in a higher royalty burden for the current owner. 
Using the value of 12.5 percent royalty in the EIA Economic Model will closely 
approximate the average royalty burden for all wells. However, the higher royalty 
burden on the smaller operators will adversely impact their economics of 
operation. 

Operating Costs 

One of the most significant input parameters in the economics calculation 
is operating cost data for the individual wells. As discussed in Chapter Four, 
there are many factors that contribute to the total operating costs of wells. The 
costs for many of the factors vary from well to well and area to area. The EIA has 
gathered cost data and reported these data in its Costs and Indices for Domestic 
Oil and Gas Field Equipment and Production Operations reports. These data 
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Figure 5-1. Statistics of Oil Wells by Rate Bracket

Onshore Lower-48 States, 1992. 
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Onshore Lower-48 States, 1992. 
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account for differences in operating costs by geographic area, well depth, and oil 
producing rate. Data from the latest Costs and Indices report were used to gen
erate cost algorithms as an input parameter for the economics model. A calibra
tion of the EIA cost algorithms was undertaken as part of this study. It was de
termined that the calibrated algorithms provide a reasonable approximation of 
actual wellllease level operating costs. Appendix F, Section II, discusses the cali
bration of the cost algorithms in more detail. 

It should be noted that while these algorithms closely represent the average 
operating cost of producing wells in the lower-48 onshore states, there are many 
situations that can cause a well's actual operating cost to fall above or below the 
cost generated by the algorithms. Therefore, the algorithms should not be used to 
estimate an individual well or a small group of wells' operating cost. Unantici
pated well maintenance, repairs, environmental costs or other operational factors 
may cause a two or three fold increase in per barrel operating expenses when 
comparing individual wells. Also, it is important to note that at low rates, less 
than one barrel of oil equivalent per day (BOE/D), very small changes in oil rate 
such as one-tenth of a BOE/D or a similar small change in cost will cause a 
significant variation in the cost per barrel of oil equivalent to produce that well. 
Even more significant is the cash flow margin generated from these low rate 
wells when a small increase in cost or decrease in rate occurs. This is demon
strated in the following example. 

Severance & 
Ad Valorem Operating Operating Cash Flow 

BOE/D Oil Price Royalty Taxes Costs/Day Costs/BOE Margin/BOE 

0.50 $1 0.00 1 2.5% ($1 .25} 1 0% ($0.88) $3.50 $7.00 $0.88 
0.45 $1 0.00 1 2.5% ($1 .25) 1 0% ($0.88) $3.50 $7.78 $0. 1 0  

In the above example, a similar reduction in cash flow/BOE occurs when oil 
prices are decreased to $9.00 per barrel of oil as shown below. 

BOEID Oil Price 

0.50 $9.00 

Royalty 

1 2.5% ($1 . 1 3) 

Severance & 
Ad Valorem 

Taxes 

1 0% ($0.79) 

Calibration of Cost Algorithms 

Operating Operating Cash Flow 
Costs/Day Costs/BOE Margin/BOE 

$3.50 $7.00 $0.09 

The EIA cost algorithms address normal daily expense (which includes 
lease level overhead and supervision), water disposal costs, lifting costs, and 
surface and subsurface repair and maintenance. In addition to the data from the 
Cost and Indices report, the EIA in conjunction with industry input generated a 
water disposal cost curve, since water disposal costs can be a significant or even a 
dominant part of a well's operating expense. The water disposal cost curve indi
cates that as larger volumes of water are produced from a well, lease, or field, 
there are economies of scale that can be achieved for more efficient water disposal 
or injection operations. Figure 5-3 illustrates the cost components mentioned 
above. 
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Item/Description 

1 .  Distribution of oil wells 
by production rate 
bracket for select 
wel l depths and 
geographic areas 

2. Well Lifting Cost 
(less water disposal 
cost) 

3. Well Water Disposal 
Cost 

4. Wel l Surface and 
Subsurface 
Maintainance Cost 

5. Normal Daily Expense 
(Including Well/Lease 
Level , Labor, 
Overhead, and 
Supervision) 

Curve 

oil rate (BOEID) 

$/Day/ I � 
Well -� 

liquid rate (BUD) 

1 00,000 
�<:ts-

0 50 1 ,000 1 
water rate (BW/D) 

$/Day/ I � 
Well -� 

liquid rate (BUD) 

$/Day/ 7

0 

�---
Well lL! 

1 0  oil rate (B/D) 

Source 

Dwight's and EIA. 
In some cases, well production 
rates are based on lease/ 
field averages. 

EIA "Cost and Indices 
Report." 

Developed by EIA. 
Calibrated by NPC. 

E IA "Cost and Indices 
Report ." 

EIA "Cost and Indices 
Report . " Costs are based 
on "typical" 1 0 well oil lease 
producing 1 00 8/D/well of 
fluid. 

Figure 5-3. EIA Economic Model Operating Cost Components. 
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Results of the calibration efforts indicated that water handling (injection 
and disposal) costs vary significantly from area to area and, in some cases, 
from well to well within an area and make it impossible to precisely estimate 
each well's operating costs. The water handling information utilized in the 
cost curves represents an average and provides a relatively accurate cost over a 
broad spectrum of wells. 

The cost algorithm used to determine normal daily expense (including 
lease level overhead and supervision) was adjusted to decrease costs for the 
lower rate wells, as shown in Figure 5-3 . For example, the normal daily 
expense for a 1 barrel of oil per day (BOlD) well was estimated to be 10 percent 
($0.72 per day) of a 10 BOlD well ($7.20 per day). The adjusted algorithm likely 
understates the cost of operating the very low volume wells (particularly those 
producing 1 BOlD or less), which, in turn, will understate the number of these 
wells that are unable to meet lease level costs at low oil prices. Very few cost 
data were provided by survey participants on wells with rates less than one 
barrel of oil equivalent per day-a majority of which are probably Class 2 
intermittent producers. The small operators owning these very low rate wells 
have developed unique operating practices to maintain their production. When 
prices fall, these operating practices may deviate substantially from what 
optimum operations would normally include. For example, maintenance may 
be performed less frequently than normal. These conditions make considering 
a cash flow analysis problematic, since few operating cost data are available 
and the mode of operations for these wells is radically different from higher 
rate wells. As previously demonstrated, small cost increases or production rate 
decreases can cause significant swings in costs on a per BOE basis for these 
low rate wells. 

Oil Price 

Although oil price would seem to be a straightforward input parameter, 
the many reference prices considered throughout industry (such as world oil 
price, West Texas Intermediate, refiners' acquisition cost, lower-48 price, etc.) 
and quality, transportation and other adjustments, etc. ,  complicate the issue. 
In the cash flow evaluations, all price references are based on the average 
realized domestic wellhead price. This price is a volume weighted average for 
all of the crude oil produced in the United States, including Alaska. This price 
is significantly different, usually lower, than the often referred to West Texas 
Intermediate price . After input of the average domestic price, the 
corresponding average price that accounted for average regional gravity and 
sulfur content was used in each producing state. Table 5-4 provides a reference 
for several of the more commonly referred to oil prices . From left to right 
across the table, the effects of adding a lower price volume to the West Texas 
Intermediate crude oil can be seen. The prices since 1984 for these areas are 
shown in Figure 5-4-the U.S. wellhead price shown on the figure equates to the 
domestic price reference throughout this report. 
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Figure 5-4. Monthly Crude Oil Prices. 
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TABLE 5-4 

OIL PRICE 
(Dollars per Barrel of Oil) 

West Texas 
Intermediate Texas California Lower-48 Domestic World Oil * 

25.91 22.67 1 6.99 21 .45 20. 00 22.77 

23.32 20.40 1 5.29 1 9.30 18.00 20.49 

20.73 1 8. 1 4  1 3.59 1 7. 1 6  16.00 1 8.22 

1 8.1 3 1 5.87 1 1 .89 1 5.01 14.00 1 5.93 

1 5.54 1 3.60 1 0.20 1 2.87 12.00 1 3.66 

1 2.95 1 1 .34 8.50 1 0.72 10.00 1 1 .39 

1 0.36 9.07 6.80 8.58 8.00 9.1 1 

* Refiner's acquisition cost for imported oil. 

BEFORE FEDERAL INCOME TAX (BFIT) CASH FLOW 

Calculation Methodology 

The first phase of the BFIT cash flow calculations used production rate, 
area, water cut, and depth as input parameters with the cost algorithms applied 
to each of the 586,058 producing oil wells. Next, royalty and state severance, ad val
orem, and local taxes, a total of 21.25 percent, were deducted from the oil and asso
ciated gas prices used in each run and a net revenue was generated. Regional oil 
and gas prices were used for each of the seven domestic oil prices. From the net 
revenue, the well's operating costs were subtracted and operating cash flow was 
calculated. Figure 5-5 provides a simple illustration of the models' data and logic 
flow. 

The cash flow calculations were performed well-by-well within a state at 
the highest level and in the case of larger states, primarily Texas and California, 
the states were subdivided. Analysis of the model output was performed consid
ering the six producing areas defined in Chapter Four-Eastern U.S. ,  Midconti
nent, Gulf Coast, Permian Basin, Rocky Mountains, and California-and a total 
lower-48 onshore summary. 

The Eastern U.S. area was handled in a different manner, since detailed 
well production, well depth and water cut data are not available. After using a 
statistical mean to establish a production distribution by rate bracket, the eco
nomics results from the Midcontinent area were applied to the Eastern U.S. area 
production rate brackets. For example, if at $10 per barrel price, 20 percent of the 
wells in the 1 to 2 barrel per day production rate bracket did not meet lease level 
costs, then 20 percent of the wells in this bracket in the Eastern U.S. area were 
assumed to not meet lease costs. Similarly, for Oklahoma and Kansas, percent
ages of wells that did not meet lease operating costs in each production rate brack
et of the other Midcontinent states were used due to a lack of water production 
data. 
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Figure 5-5. Before Federal Income Tax Cash Flow 
Well Level Cash Flow Calculation. 
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Several analyses were performed on the model output before proceeding to 
the next phase of the cash flow evaluation. This next phase involved including the 
additional costs incurred by oil well operators, as mentioned previously in this 
and other chapters, in order to determine the number of wells that do not meet the 
total cost of operations for a company. This is discussed in more detail in the 
Results section of this chapter. 

At each oil price there are a number of wells that are not able to meet lease 
level costs and consequently would generate a negative cash flow, but that con
tinue to be operated. It is important to understand why operators may choose to 
continue operating a well with a negative cash flow. The following discussion 
addresses this issue. 

Rationale for the Continued Operation of Wells Not Meeting Lease 
Operating Costs 

In most cases producing oil and gas wells cannot be turned on and off like a 
water faucet as the cash flow hovers at or below break-even levels. The question 
most often asked of producers in this precarious position is "Why don't you just 
shut the wells in?" Unfortunately, this is not a viable option for many wells and 
operators until the losses become unbearable. Following is a discussion of several 
reasons influencing an operator's actions. 

Changing Conditions 

The basic premise for a producer continuing to operate an uneconomic well 
is that something will happen in the foreseeable future to positively alter the prof
itability of the well or the property. The three most prevalent changing conditions 
are the production rate of the well, the price of the product, and operating costs. 
Generally, wells that generate a negative cash flow will be operated for as long as 
a producer can absorb the losses because the conditions described above can 
change very rapidly. However, an operator can not continue to operate uneco
nomic wells for a prolonged and indefinite period of time. 

An example of the impact a nominally small change can have on a well's 
profitability is exhibited by a low rate well making 0.5 BOlD. At a $15 per barrel oil 
price and an $18.00 per barrel operating cost (fixed at $9.00 per day), this example 
well would generate a negative cash flow. However, a similar well producing at a 
rate of 1.5 BOlD with a $9.00 per day operating cost would have a lower per barrel 
operating cost of $6.00 and it would generate a positive cash flow. 

Price Volatility 

Since 1980, domestic oil (U.S. wellhead on Figure 5-4) has experienced price 
highs near $35.00 per barrel and lows of nearly $10.00 per barrel. The price of oil 
following its 1986 collapse has, for the most part, stayed within a range of $12.00 to 
$20.00 per barrel. However, as demonstrated since September 1993, crude oil 
prices can be extremely volatile within that range. Many producers saw a $4.00 
per barrel positive cash flow turn to $4.00 per barrel negative cash flow in a period 
of a few months. Their motivation for continuing to operate these wells is based 
on the anticipation that prices will rebound to profitable levels as rapidly as they 
fell. Many operators, however, do not have the financial ability to sustain long 
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periods of price anticipation and will shut in wells that generate negative cash 
flow unless one or more of the following situations influences them to continue 
producing. 

Avoidance of Bypassed Reserves 

In active waterfloods and waterdrive reservoirs, sustained downtime of pro
ducing wells will cause reserves to be bypassed. This ultimately lowers recover
able reserves since these types of reservoirs need to be produced continuously to 
achieve maximum recoveries. This knowledge makes it very difficult for prudent 
producers to shut in wells as they fall short of making a positive cash flow, because 
the resource and, ultimately, the value of the property, is negatively impacted. 

Loss of Reservoir Heat 

Most of California's heavy oil production is from reservoirs that are being 
heated with steam. If a significant number of producing wells are shut in, the 
heat in the formation is lost over time. Temporarily shutting in wells in a reser
voir under steam injection to wait for higher prices is not normally a viable option. 

Unrealized Potential 

A currently uneconomic property may have potential that is yet to be ex
ploited. This can include reserves to be recovered with new drilling (exploratory 
or development), waterflood development, enhanced recovery, or new stimula
tion/completion techniques. An operator may elect to continue operating uneco
nomic wells in order to develop unrecovered reserves at a later date. The delay in 
the reserve development may be necessary due to an unfavorable price environ
ment, a lack of technological maturation or the prohibitive cost of the technology. 
Two recent examples of new technology utilized to exploit previously unattainable 
reserves are 3-D seismology and horizontal drilling. 

Perpetuation of the Leasehold Interest 

Some wells may be operated at a loss for a period of time in order to help 
maintain an operator's leasehold interest. However, if operations on a lease 
aren't continual, the terms of the lease may call for its termination with as little 
as 60 or 90 days of inactivity. Upon cancellation, the producer loses any potential 
value and is forced to begin abandonment procedures. 

Postponement of Plugging and Abandonment 

The cost of continued operations for wells generating a negative cash flow 
can be less costly than the immediate plugging and abandonment of a well or 
property. Under a scenario of continued normal operations, an operator can 
proceed with an orderly abandonment plan that can extend over a period of 
several years. 

Maintenance of Organizational and Operational Infrastructure 

Certain wells, properties or even fields are operated with negative cash flow 
for short periods of time in order to maintain the integrity of a company's organi-
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zation and infrastructure. Many times, particularly with older fields, organiza
tions and infrastructures have been built over long periods of time, and the invest
ment of both time and capital can be substantial. Associated with these organiza
tions and infrastructures, as in the case with California heavy oil operations, 
there is a large component of fixed operating costs that will be realized even if 
wells are shut in. It would be foolish for a company to shut down a property and 
discard something so difficult to replace without careful consideration. In addi
tion to the lost investment, a short sighted decision could adversely affect the oper
ation of other nearby fields or possibly hinder the operator's chances of selling the 
field. 

Before Federal Income Tax Economic Results 

Tables and plots were generated for the total lower-48 onshore states and 
each of the six regions, considering the seven oil price scenarios evaluated with 
the economics model. Tables of wells and production that do not meet lease oper
ating costs at the seven oil prices are provided for each area evaluated. Addition
ally, a table comparing the effects of full costs and lease level costs for wells pro
ducing less than 20 BOE/D, using normalized wells and production, is included. 
An example of detailed data is included in Appendix F, Section III, with full de
tails available in working papers. The initial set of two plots are useful for deter
mining wells and production unable to meet lease operating expense at the lowest 
oil price evaluated of $8 per barrel and the highest price of $20 per barrel. These 
plots visually provide a basis for better defining the rate that characterizes mar
ginal wells in each area. 

A second set of plots were generated for each area to demonstrate the cash 
flow of a company's total operations above the lease level-full cost. These plots 
include a normalized curve to account for very low-rate (0 to 1 BOE/D) wells that 
were determined by the model to have a negative cash flow at $20 per barrel do
mestic oil price. The plots show a shaded area, which was used to demonstrate 
the range of full cost of company operations. This shaded area represents $4 per 
barrel, which the NPC agreed was a reasonable estimation of a company's costs 
which do not get allocated down to the lease or well level. These costs include 
administrative and management costs, accounting and finance costs, research 
and development, product marketing, government and public affairs, environ
mental and regulatory affairs, health and safety, insurance, and debt repayment 
costs. Every company, including the smallest family run operation to the largest 
integrated corporation, incurs these costs to varying degrees. 

As further verification of the $4 per barrel cost, an analysis of 12 exploration 
and production company 1993 annual reports and data from the Oil and Gas 
Journal database was completed. Although there are considerable differences in 
category values between companies as a result of varying capital structures of the 
companies, the average indicates that these costs fall within the $4 per barrel 
range. It should not be interpreted from these data that any individual company 
or the average is representative of the industry average. Data from this analysis 
are shown in Table 5-5. All of the analysis in the remainder of this chapter ad
dresses only the costs mentioned above and does not provide a margin for equity 
recapture or profit. Consideration of these factors is necessary if exploration 
and development activity in the domestic industry is to continue. 
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TABLE 5-5 

JUSTIFICATION OF OTHER COSTS 
USED IN FULL COST ANALYSES 

$/Barrel of Oil Equivalent 

Company SG&A Interest Exp. Dividends 

A 0.95 0.33 0.41 
B 1 .33 6.27 0.00 
c 1 .23 2.05 0.55 
D 1 .44 2.84 0.00 
E 1 .06 1 .03 0.48 
F 1 .58 1 .88 0.00 
G 1 .98 0. 1 9  1 .31 

H 1 .60 1 .03 0.39 

I 0.94 1 .33 0.62 

J 1 .53 N/A N/A 

K 1 .32 N/A N/A 

L 1 .51 N/A N/A 

Average 1 .37 1 .88 0.42 

Total Average = $3.67/BOE 

Notes: SG&A is "selling, general, and administrative" costs; Companies 
included are Anadarko, Apache, Coho Energy, Inc. ,  Enron Oil & Gas, 
Forest Oil Corp., Mesa, Noble Affiliates, Oryx, POGO Producing, 
Presidio Oil Company, Santa Fe Resources and Wiser Oil. 

In the next section, the total U.S. lower-48 onshore summary will be dis
cussed, followed by a detailed discussion of each region. 

Lower-48 Onshore Wells and Production Analysis 

Table 5-6 provides a summary of the total number of wells, percentage of 
total wells, annual production, and percentage of total production that do not meet 
lease operating costs at the seven domestic oil prices. It should be noted that all of 
these figures are based on 586,058 producing oil wells with an associated produc
tion of 2,045,729,760 BOE during 1992. The wells and associated production shown 
on this table are wells that can no longer produce sufficient cash flow to meet 
normal lease operating costs. These values do not account for the additional 
$4 per barrel of costs associated with a company's total operations. 

Figures 5-6 and 5-7 show the total oil wells and associated production for the 
U.S. lower-48 onshore wells that are unable to meet lease operating expenses in 5 
BOE/D per well rate bracket increments from 0 to 50 BOE/D. Figure 5-6 indicates 
that at prices between $8 and $20 per barrel, wells unable to meet lease operating 
expense in 0 to 5 BOE/D category increase from 60,000 at $20 per barrel to slightly 
over 130,000 wells at $8 per barrel. The figure indicates that a majority of the wells 
not meeting their lease expense are in the 0 to 5 BOE/D rate bracket. It is impor
tant to note that at the $20 per barrel domestic oil price, approximately 4 7, 700 wells 
in the 0 to 1 BOE/D rate bracket were unable to meet lease operating expense. 
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TABLE 5-6 

OIL WELLS AND PRODUCTION 
THAT DO NOT MEET LEASE OPERATING COSTS, 

FOR LOWER 48-STATES ONSHORE 
(See Table 5-7 for Full Cost Analysis) 

Domestic Wells Annual -Production Production 
Oil Price Wells (Percent) (Million BOE) (Percent) 

$20 66,225 1 1 .3 53 2.6 
$1 8 73,843 1 2.6 61 3.0 
$1 6 82,048 1 4.0 72 3.5 
$1 4 95,527 1 6.3 92 4.5 

$12 1 1 0, 1 79 1 8.8 1 1 7  5.7 

$1 0 1 30,691 22.3 1 55 7.6 

$8 1 61 ,752 27.6 21 5 1 0.5 

Note 1 :  Based on 586,058 wells and production of 2,045. 730 million BOE in 1 992. 

Note 2: These wells can no longer produce enough income to meet normal lease operating costs. 

Note 3: Gas production was converted to barrel oil equivalent (BOE) on the basis of 6 thousand 
cubic feet of gas per BOE. 

Note 4: Oil prices vary by region, oil gravity, and sulfur content. An average domestic price of $1 6 
per barrel is equivalent to a West Texas Intermediate spot price of $20.70 and a California price 
of $1 3.60 per barrel. For each domestic price, an equivalent regional price was used to 
determine the economic status of oil wells. 

Source: Energy Information Administration, Office of Oil and Gas, Dwight's Energydata, Inc. ,  and 
Petroleum Information Corp. 

These wells account for 72 percent of the total 66,000 wells unable to meet lease 
operating expense shown on Table 5-6. However, annual production from these 
47,7000 wells account for only 2.7 million BOE or 5 percent of the total 53 million 
BOE that are unable to meet lease operating cost at $20 per barrel. This demon
strates that even at higher oil prices, the model is unable to handle very low 
producing rate wells . 

Production from the wells that are unable to meet lease operating expense 
illustrated in Figure 5-7 is a much different picture. Using this figure, it can be 
seen that moving from the high rate bracket of 45 to 50 BOE/D to lower rate brack
ets, a substantial change in the rate at which production in each category 
becomes unable to meet lease operating expense occurs in the 20 to 25 
BOE/D rate bracket. This could provide adequate justification for defining 
marginal wells as those producing less than 20 or 25 BOEID. An alternative 
graphical analysis of the percentage of production and wells unable to meet lease 
operating costs in each production category bracket provides similar results. This 
analysis is provided in the working papers. 

Figure 5-8 is a plot of the data provided in Table 5-6, with several modifica
tions. First, the two upper lines illustrate the percentage of wells unable to meet 
lease operating expenses at the $8 to $20 per barrel range. The lowest of the two 
lines is for all wells and the upper line is only for wells that produce less than 
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20 BOE/D. Since �7,700 of the wells unable to meet lease operating expense at 
$20 per barrel are 1n the 0 to 1 BOE/D rate bracket, a normalization was used to 
exclude these wells from the percentages shown at all oil prices. The curves 
demonstrating the effects of normalization are the darker lowest curves on the 
graph: The bottom normalized curve is for all rate brackets excluding the 4 7, 700 
wells m the 0 to 1 BOE/D rate bracket. The darkest solid line illustrates the per
centag� of wells less than 20 BOE/D unable to meet lease operating expenses, also 
excludmg the 47,700 wells. The shaded area demonstrates the additional costs a 
corporation incurs above costs that can be allocated to the lease or well level. For 
example, at $20 per barrel a company may have only 3 .5  percent of the wells pro
ducing less than 20 BOE/D unable to meet lease operating expenses, as shown in 
the figure. However, when considering the total corporate costs (full cost), an 
additional 3 percent of the company's operations can be considered in a negative 
cash flow position. At lower oil prices, this percentage increases substantially as 
shown in the figure. At $12 per barrel, approximately 13 percent of the wells 
producing less than 20 BOE/D are unable to meet lease operating expenses and 
approximately 23 percent of the total wells are unable to meet total company 
operating expenses. 

A similar figure for percentage of production unable to meet lease operat
ing expenses is illustrated in Figure 5-9. The impact of normalizing the curves 
for the 4 7,  700 wells in the 0 to 1 BOE/D rate bracket is not seen on this figure, since 
total production from these wells is a very small volume. When considering pro
duction, the impact of separating out wells producing less than 20 BOE/D is more 
significant than if all wells are considered. This again is an indicator that wells 
producing less than 20 BOE/D are marginal as prices decrease from $20 to $8 per 
barrel.  Table 5-7 provides a summary of normalized data for wells producing less 
than 20 BOE/D and compares the effects of full costs to lease level costs. 

The lower line of the shaded area on Figures 5-8 and 5-9 represents the 
point where operators will begin to shut in some of their wells. As prices persist 
at a low level, operators must begin to reduce the losses that will occur if proper
ties and personnel associated with the shaded area costs are retained. 

Eastern U.S. Wells and Production Analysis 

Table 5-8 provides a summary of the total number of wells, percentage of 
total wells, annual production, and percentage of total production not meeting 
lease operating costs at the seven domestic oil prices. It should be noted that all of 
these figures are based on 133,068 producing oil wells with an associated produc
tion of 54·,54 7,220 BOE during 1992. Percentages of wells not meeting lease costs in 
the Eastern U.S. area were derived from the Midcontinent area since a lack of 
detailed well level data precluded rigorous cash flow estimations . The wells and 
associated production shown on this table are wells that can no longer produce 
sufficient cash flow to meet normal lease operating costs . These values do not 
account for the additional $4 per barrel of costs associated with a company's total 
operations. 

Figures 5-10 and 5-11 show the total oil wells and associated production for 
the Eastern U.S. wells that are unable to meet lease operating expenses in 5 
BOE/D per well rate bracket increments from 0 to 50 BOE/D. Figure 5-10 indicates 
that at prices between $8 and $20 per barrel, wells unable to meet lease operating 
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TABLE 5-7 

ONSHORE LOWER-48 

OIL WELLS AND PRODUCTION 

�O BO&� NORMALaED 

Not Meeting Lease Operating Costs Not Meeting Full Costs 

Annual Annual 
Domestic Wells Production Production Domestic Wells Production Production 
Oil Price Wells (Percent) (Million BOE) (Percent) Oil Price Wells (Percent) (Million BOE) (Percent) 

� 0 
$20 1 7, 1 53 3.8 26.5 4.3 $20 32,809 7.2 38.5 6.3 0 

$1 8 24,667 5.4 32.0 5.2 $1 8 45,581 1 0. 1  50.5 8.2 

$1 6 32,809 7.2 38.5 6.3 $1 6 59,61 1 1 3.2 64.5 1 0.5 

$14 45,581 1 0. 1  50.5 8.2 $14 78,342 1 7.3 85.0 1 3.8 

$12 59,61 1 1 3.2 64.5 1 0.5 $12 1 07,535 23.8 1 1 6.5 1 8.9 

$10 78,342 1 7.3 85.0 1 3.8 $1 0 1 46,392 32.4 1 62.9 26.4 

$8 1 07,535 23.8 1 1 6.5 1 8.9 $8 200,566 44.4 229.7 37.3 



Domestic 
Oil Price 

$20 

$1 8 

$1 6 

$14 

$12 

$1 0 

$8 

TABLE 5-8 

OIL WELLS AND PRODUCTION 
THAT DO NOT MEET LEASE OPERATING COSTS, 

FOR EASTERN STATES 
(See Table 5-9 for Full Cost Analysis) 

Wells Annual Production 
Wells (Percent) (Million BOE) 

23,686 1 7.8 3 

26,214 1 9.7 4 

28,61 0 21 .5 4 

32,469 24.4 5 

36,860 27.7 7 

42,31 6 31 .8 8 

51 ,231 38.5 1 1  

Note 1 :  Based on 1 33,068 wells and production of 54.547 million BOE in 1 992. 

Production 
(Percent) 

5.9 

6.8 

8.2 

1 0.0 

1 2.4 

1 5.4 

20.0 

Note 2: These wells can no longer produce enough income to meet normal lease operating costs. 

Note 3: Gas production was converted to barrel oil equivalent (BOE) on the basis of 6 thousand 
cubic feet of gas per BOE. 

Note 4: Oil prices vary by region, oil gravity, and sulfur content. An average domestic price of $1 6 
per barrel is equivalent to a West Texas Intermediate spot price of $20.70 and a California price 
of $1 3.60 per barrel. For each domestic price, an equivalent regional price was used to 
determine the economic status of oil wells. 

Note 5: Percentages of uneconomic wells from the Midcontinent area were used for the 1 0 Eastern 
States due to a lack of detailed well level data. 

Source: Energy Information Administration, Office of Oil and Gas, Dwight's Energydata, Inc., and 
Petroleum Information Corp. 

expense in the 0 to 5 BOE/D category increase from 23,000 at $20 per barrel to 
slightly over 50,000 wells at $8 per barrel. The figure indicates that nearly all of 
the wells that are unable to meet lease operating costs are in the 0 to 5 BOE/D rate 
bracket. It is important to note that at the $20 per barrel domestic oil price approx
imately 21,000 wells in the 0 to 1 BOE/D rate bracket (24.5  percent of the wells in 
this bracket) were unable to meet lease operating expense .  These wells account 
for 15.6 percent of the total wells in the Eastern United States. Of the total 133,068 
wells in this region, 97 percent are in the 0 to 5 BOE/D per well rate bracket. This 
is 35 percent of the total lower-48 wells in this rate bracket. 

Figure 5-11 of the production from the wells that are unable to meet lease 
operating expense dramatically illustrates the marginality of wells in this region. 
At $20 per barrel, 3 million BOE, 6 percent of total production in the region is un
able to meet lease operating costs. This increases to over 9 million BOE, 20 percent 
of total production at $8 per barrel. 

Figure 5-12 is a plot of the data provided in Table 5-8, with several modifi
cations. First, the upper line illustrates the percentage of wells unable to meet 
lease operating expenses at the $8 to $20 per barrel range. Since nearly all the 
wells produce less than 20 BOE/D, a second line for the less than 20 BOE/D wells 
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was not drawn. Since 21,000 of the wells unable to meet lease operating expense at 
$20 per barrel are in the 0 to 1 BOE/D rate bracket, a normalization was used to 
exclude these wells from the percentage calculations for all oil prices. The curve 
demonstrating the effects of normalization is the darker lowest curve on the 
graph. The bottom normalized curve is for all rate brackets excluding the 21 ,000 
wells in the 0 to 1 BOE/D rate bracket. The shaded area demonstrates the addi
tional costs a corporation incurs above costs that can be allocated to the lease or 
well level. For example, at $12 per barrel, a company may have 15 percent of its 
wells unable to meet lease operating expenses as shown in the figure. However, 
when considering the total corporate costs (full cost), an additional 12.5 percent of 
the company's operations can be considered in a negative cash flow position. At 
lower oil prices, this percentage increases substantially as shown in the figure. 

A similar figure for percentage of production unable to meet lease oper
ating expenses is illustrated in Figure 5-13. When considering production, the 
impact of separating out wells producing less than 20 BOE/D is immaterial since 
most of the production is from wells producing less than 20 BOE/D. It is obvious 
that this region has many of the nation's marginal wells-average production is 
only 1 .12 BOE/D per well. Many of the wells in this area are considered Class 2 
producers resulting in cash flow estimations that are problematic. With nearly 
85,000 wells averaging 0.38 BOE/D it is hard to imagine how the operators gener
ate a positive cash flow at any price realized during the last 10 years . Table 5-9 
provides a summary of normalized data for wells producing less than 20 BOE/D 
and compares the effects of full costs to lease level costs. 

Midcontinent Wells and Production Analysis 

Table 5-10 provides a summary of the total number of wells, percentage of 
total wells, annual production, and percentage of total production that do not meet 
lease operating costs at the seven domestic oil prices. It should be noted that all of 
these figures are based on 173,753 producing oil wells, with an associated produc
tion of 318,639,332 BOE during 1992. The wells and associated production shown 
on this table are wells that can no longer produce sufficient cash flow to meet nor
mal lease operating costs. These values do not account for the additional $4 per 
barrel of costs associated with a company's total operations. 

Figures 5-14 and 5-15 show the total oil wells and associated production for 
the Midcontinent region wells that are unable to meet lease operating expenses in 
5 BOE/D per well rate bracket increments from 0 to 50 BOE/D. Figure 5-14 indi
cates that at prices between $8 and $20 per barrel, wells unable to meet lease oper
ating expense in the 0 to 5 BOE/D category increase from 25,000 at $20 per barrel to 
slightly over 35,000 wells at $8 per barrel. The figure indicates that a majority of 
the wells not meeting lease operating costs are in the 0 to 5 BOE/D rate bracket. It 
is important to note that at the $20 per barrel domestic oil price approximately 
11,900 wells in the 0 to 1 BOE/D rate bracket were unable to meet lease operating 
expense. These wells account for 73 percent of the total 16,333 wells unable to meet 
lease operating expense shown on Table 5-10. However, annual production from 
these wells accounts for only 0. 7 million BOE or 15 percent of the total 4.8 million 
BOE that are unable to meet lease operating cost at $20 per barrel. 

Production associated with the wells that are unable to meet lease operating 
expense is illustrated in Figure 5-15 and is a different picture. Using this figure, 
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TABLE 5-9 

EASTERN STATES 

OIL WELLS AND PRODUCTION 

�0 BOEID, NORMALIZED 

Not Meeting Lease Operating Costs Not Meeting Full Costs 

Annual Annual 
Domestic Wells Production Production Domestic Wells Production Production 
Oil Price Wells (Percent) (Million BOE) (Percent) Oil Price Wells (Percent) (Million BOE) (Percent) 

$20 2,91 5 2.6 2.0 3.9 $20 7,790 6.9 3.0 6.3 
........ 0 CJl 

$18 5,376 4.8 2.5 5.0 $1 8 1 1 ,728 1 0.5 4.5 8.3 

$1 6 7,790 6.9 3.0 6.3 $1 6 1 6,01 5 1 4.3 5.5 1 0.7 

$14 1 1 ,728 1 0.5 4.5 8.3 $14 21 ,504 1 9.2 7.5 1 3.9 

$12 1 6,01 5 1 4.3 5.5 1 0.7 $1 2 30,353 27. 1 1 0.0 1 8.6 

$1 0 21 ,504 1 9.2 7.5 1 3.9 $ 10  37,040 33. 1 1 5.8 29.4 

$8 30,353 27. 1 1 0.0 1 8.6 $8 53,359 47.6 23.0 42.7 



TABLE 5-1 0 

OIL WELLS AND PRODUCTION 
THAT DO NOT MEET LEASE OPERATING COSTS, 

FOR MIDCONTINENT 
(See Table 5-1 1 for Full Cost Analysis) 

Domestic Wells Annual Production Production 
Oil Price Wells (Percent) (Million BOE) (Percent) 

$20 1 6,333 9.4 5 1 .5 

$1 8 1 8,244 1 0.5 6 1 .8 

$1 6 20,677 1 1 .9 7 2.3 

$1 4 23,978 1 3.8 9 2.9 

$1 2 27,974 1 6.1  12 3.8 

$1 0 33,361 1 9.2 1 8  5.5 

$8 41 ,527 23.9 25 7.8 

Note 1: Based on 1 73,753 wells and production of 31 8.639 million BOE in 1 992. 

Note 2: These wells can no longer produce enough income to meet normal lease operating costs. 

Note 3: Gas production was converted to barrel oil equivalent (BOE) on the basis of 6 thousand 
cubic feet of gas per BOE. 

Note 4: Oil prices vary by region, oil gravity, and sulfur content. An average domestic price of $1 6 
per barrel is equivalent to a West Texas Intermediate spot price of $20.70 and a California price 
of $1 3.60 per barrel. For each domestic price, an equivalent regional price was used to 
determine the economic status of oil wells. 

Source: Energy Information Administration, Office of Oil and Gas, Dwight's Energydata, Inc., and 
Petroleum Information Corp. 

it can be seen that moving from the high rate bracket of 45 to 50 BOE/D to lower 
rate brackets, a substantial change in the rate at which production in each brack
et becomes unable to meet lease operating expense occurs in the 15 to 20 BOE/D 
rate bracket. This could provide adequate justification for defining marginal 
wells in the Midcontinent as those producing 20 BOE/D or less. A similar graph
ical analysis of the percentage of wells and production unable to meet lease oper
ating expense in each production rate category also illustrates the marginal pro
duction rate for this area. These graphs are available in the working papers. 

Figure 5-16 is a plot of the data provided in Table 5-10, with several modifica
tions. First, the two upper lines illustrate the percentage of wells unable to meet 
lease operating expenses at the $8 to $20 per barrel range. The lowest of the two 
lines is for all wells and the upper line is for wells that produce less than 20 
BOE/D. Since 1 1,900 of the wells unable to meet lease operating expense at $20 per 
barrel are in the 0 to 1 BOE/D rate bracket, a normalization was used to exclude 
these wells from the percentage calculations at all oil prices. The curves demon
strating the effects of normalization are the darker lowest curves on the graph. 
The bottom normalized curve is for all rate brackets excluding the 1 1,900 uneco
nomic wells in the 0 to 1 BOE/D rate bracket. The darkest solid line illustrates the 
percentage of wells less than 20 BOE/D unable to meet lease operating expenses, 
also excluding the 11 ,900 wells. The shaded area demonstrates the additional 
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TABLE 5-1 1 

MIDCONTINENT 

OIL WELLS AND PRODUCTION 

�0 BOEID, NORMALIZED 

Not Meeting Lease Operating Costs Not Meeting Full Costs 

Annual Annual 
Domestic Wel ls Production Production Domestic Wells Production Production 
Oil Price Wells (Percent) (Million BOE) (Percent) Oil Price Wells (Percent) (Million BOE) (Percent) 

........ 
$20 4,460 3.3 4.0 2.8 $20 8,660 6.3 6.5 4.5 0 \0 

$1 8 6,41 8 4.7 5.0 3.5 $1 8 1 1 ,952 8.7 8.5 5.9 

$16  8,660 6.3 6.5 4.5 $1 6 1 5,892 1 1 .6 1 1 .0 7.9 

$14 1 1 ,952 8.7 8.5 5.9 $1 4 21 ,304 1 5.6 1 6.0 1 1 .4 

$12 1 5,892 1 1 .6 1 1 .0 7.9 $12 29,353 21 .4 23.0 1 6.3 

$10 21 ,304 1 5.6 1 6.0 1 1 .4 $10 41 , 1 52 30.8 34.3 24.3 

$8 29,353 21 .4 23.0 1 6.3 $8 54,095 40.5 49.0 34.7 



costs a corporation incurs above costs that can be allocated to the lease or well 
level. For example, at $ 12 per barrel, a company may have 12 percent of the wells 
producing less than 20 BOE/D unable to meet lease operating expenses as shown 
in the figure. However, when considering the total corporate costs (full cost), an 
additional 10 percent of the company's operations can be considered in a negative 
cash flow position. At lower oil prices, this percentage increases substantially as 
shown in the figure. 

A similar figure for percentage of production unable to meet lease operat
ing expenses is illustrated in Figure 5-17. The impact of normalizing the curves 
for the 1 1,900 wells in the 0 to 1 BOE/D rate bracket is not seen on this figure, since 
total production from these wells is a very small volume. When considering pro
duction, the impact of separating out wells producing less than 20 BOE/D is more 
significant than if all wells are considered. This again is an indicator that wells 
producing less than 20 BOE/D are marginal as prices decrease from $20 to $8 per 
barrel. Table 5-1 1  provides a summary of normalized data for wells producing 
less than 20 BOE/D and compares the effects of full costs to lease level costs. 

Gulf Coast Wells and Production Analysis 

Table 5-12 provides a summary of the total number of wells, percentage of 
total wells, annual production, and percentage of total production not meeting 

Domestic 
Oil Price 

$20 

$1 8 

$1 6 

$14 

$1 2 

$1 0 

$8 

TABLE 5-1 2 

OIL WELLS AND PRODUCTION 
THAT DO NOT MEET LEASE OPERATING COSTS, 

FOR GULF COAST 
(See Table 5-1 3 for Full Cost Analysis) 

Wells Annual Production 
Wells (Percent) (Million BOE) 

1 1 ,61 6 1 3.4 1 5  

1 3, 1 76 1 5.2 1 6  

1 5,343 1 7.7 1 9  

1 7,857 20.6 22 

1 9,938 23.0 27 

22,885 26.4 33 

27,046 31 .2 41 

Note 1 :  Based on 86,686 wells and production of 440.348 million BOE in 1 992. 

Production 
(Percent) 

3.3 

3.7 

4.3 

5 .1  

6.2 

7.5 

9.4 

Note 2: These wells can no longer produce enough income to meet normal lease operating costs. 

Note 3: Gas production was converted to barrel oil equivalent (BOE) on the basis of 6 thousand 
cubic feet of gas per BOE. 

Note 4: Oil prices vary by region, oil gravity, and sulfur content. An average domestic price of $1 6 
per barrel is equivalent to a West Texas Intermediate spot price of $20.70 and a California price 
of $1 3.60 per barrel. For each domestic price, an equivalent regional price was used to 
determine the economic status of oil wells. 

Source: Energy Information Administration, Office of Oil and Gas, Dwight's Energydata, Inc., and 
Petroleum Information Corp. 
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lease operating costs at the seven domestic oil prices. All of these figures are 
based on 86,686 producing oil wells with an associated production of 440 348 184 
BOE during 1992 . The wells and associated production shown on this t�ble' are 
wells that can no longer produce sufficient cash flow to meet normal lease 
operating costs. These values do not account for the additional $4 per barrel of 
costs associated with a company's total operations. 

Figures 5-18 and 5-19 show the total oil wells and associated production for 
the Gulf Coast area wells that are unable to meet lease operating expenses in 5 
BOE/D per well rate bracket increments from 0 to 50 BOE/D. Figure 5-18 indicates 
that at prices between $8 and $20 per barrel, wells unable to meet lease operating 
expense in the 0 to 5 BOE/D category increases from 10,000 at $20 per barrel to 
slightly over 20,000 wells at $8 per barrel. The figure indicates that a majority of 
the wells unable to meet lease operating costs are in the 0 to 5 BOE/D rate bracket. 
It is important to note that at the $20 per barrel domestic oil price, approximately 
8,200 wells in the 0 to 1 BOE/D rate bracket were unable to meet lease operating 
expense. These wells account for 71 percent of the total 11,616 wells unable to meet 
lease operating expense shown on Table 5-12. However, annual production from 
these wells accounts for only 0.3 million BOE of the total 145 million BOE that are 
unable to meet lease operating cost at $20 per barrel. 

Figure 5-19 of the production from the wells that are unable to meet lease 
operating expense illustrates a much different picture. Using this figure, it can 
be seen that moving from the high rate bracket of 45 to 50 BOE/D to lower rate 
brackets, a substantial change in the rate at which production in each bracket 
becomes unable to meet lease operating expense occurs in the 20 to 25 BOE/D rate 
bracket. This could provide adequate justification for defining marginal wells as 
those producing less than 20 or 25 BOE/D. Price decreases impact many more 
higher rate producing wells in this area than in the Eastern U.S .  area-in part 
because this area has more higher rate wells. An alternative graphical analysis, 
available in the working papers, also demonstrates the production rate that could 
be used to define marginal wells. 

Figure 5-20 is a plot of the data provided in Table 5-12, with several modifi
cations. First, the two upper lines illustrate the percentage of wells unable to meet 
lease operating expenses at the $8 to $20 per barrel range. The lowest of these two 
lines is for all wells and the upper line is only for wells that produce less than 20 
BOE/D. Since 8,200 of the wells unable to meet lease operating expense at $20 per 
barrel are in the 0 to 1 BOE/D rate bracket, a normalization was used to exclude 
these wells from the percentages illustrated at all oil prices. The curves demon
strating the effects of normalization are the darker lowest curves on the graph. 
The bottom normalized curve is for all rate brackets, excluding the 8 ,200 wells in 
the 0 to 1 BOE/D rate bracket. The darkest solid line illustrates the percentage of 
wells less than 20 BOE/D unable to meet lease operating expenses, also excluding 
the 8,200 uneconomic wells. The shaded area demonstrates the additional costs a 
corporation incurs above costs that can be allocated to the lease or well level. For 
example, at $18 per barrel, a company may have 8 percent of the wells producing 
less than 20 BOE/D unable to meet lease operating expenses, as shown in the fig
ure. However, when considering the total corporate costs (full cost), an additional 
7 percent of the company's operations can be considered in a negative cash flow 
position. At lower oil prices, this percentage increases substantially, as shown in 
the figure. At $12 per barrel approximately 18 percent of the wells producing less 
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TAB LE 5-1 3 

GULF COAST 

OIL WELLS AND PRODUCTION 

�0 BOEID, NORMALIZED 

Not Meeting Lease Operating Costs Not Meeting Full Costs 

Annual Annual 
Domestic Wells Production Production Domestic Wells Production Production 
Oil Price Wells (Percent) (Million BOE) (Percent) Oil Price Wells (Percent) (Million BOE) (Percent) 

$20 3,233 5.2 6.0 6.5 $20 6,91 3 1 1 .0 9.0 1 0.4 
"""" 
"""" � 

$18 4,833 7.7 7.0 8.1  $1 8 9,304 1 4.8 1 1 .5 1 3.0 

$1 6 6,9 1 3  1 1 .0 9.0 1 0.4 $1 6 1 1 ,205 1 7.9 1 4.5 1 6.3 

$14 9,304 1 4.8 1 1 .5 1 3.0 $14  1 3,998 22.3 1 8.0 20.6 

$12 1 1 ,205 1 7.9 1 4.5 1 6.3 $1 2 1 7,777 28.4 23.0 26. 1  

$1 0 1 3,998 22.3 1 8.0 20.6 $1 0 26,653 42.6 27.6 31 .3 

$8 1 7,777 28.4 23.0 26. 1 $8 36,994 59. 1  37.9 43. 1 



than 20 BOE/D are unable to meet lease operating expenses and approximately 28 
percent of the total wells are unable to meet total company operating expenses. 

A similar figure for percentage of production unable to meet lease operat
ing expenses is illustrated in Figure 5-21 .  The impact of normalizing the curves 
for the 8,200 wells in 0 to 1 BOE/D rate bracket is not seen on this figure, since total 
production from these wells is a small volume. However, when considering pro
duction, the impact of separating out wells producing less than 20 BOE/D is more 
dramatic than if all wells are considered. This again is an indicator that wells 
producing up to 20 BOE/D in the Gulf Coast area are marginal as prices decrease 
from $20 to $8 per barrel. Table 5-13 provides a summary of normalized data for 
wells producing less than 20 BOE/D and compares the effects of full costs to lease 
level costs. 

Permian Basin Wells and Production Analysis 

Table 5-14 provides a summary of the total number of wells, percentage of 
total wells, annual production, and percentage of total production not meeting 
lease operating costs at the seven domestic oil prices. It should be noted that all of 
these figures are based on 114,590 producing oil wells, with production of 
622,444,654 BOE during 1992 . The wells and production shown on this table are 
wells that can no longer produce sufficient cash flow to meet normal lease oper
ating costs. These values do not account for the additional $4 per barrel of costs 
associated with a company's total operations (full costs). 

Domestic 
Oil Price 

$20 

$1 8 

$1 6 

$14 

$1 2 

$1 0 

$8 

TABLE 5·14  

OIL  WELLS AND PRODUCTION 
THAT DO NOT MEET LEASE OPERATING COSTS, 

FOR PERMIAN BASIN 
(See Table 5-1 5 for Full Cost Analysis) 

Wells Annual Production 
Wells (Percent) (Million BOE) 

4,81 3 4.2 2 

5,271 4.6 3 

6,073 5.3 4 

6,990 6.1 6 

8,365 7.3 8 

1 0,657 9.3 1 4  

1 4,095 1 2.3 22 

Note 1 :  Based on 1 1 4,590 wells and production of 622.445 million BOE in 1 992. 

Production 
(Percent) 

0.4 

0.5 

0.7 

1 .0 

1 .3 

2.3 

3.5 

Note 2: These wells can no longer produce enough income to meet normal lease operating costs. 

Note 3: Gas production was converted to barrel oil equivalent (BOE) on the basis of 6 thousand 
cubic feet of gas per BOE. 

Note 4: Oil prices vary by region, oil gravity, and sulfur content. An average domestic price of $1 6 
per barrel is equivalent to a West Texas Intermediate spot price of $20.70 and a California price 
of $1 3.60 per barrel. For each domestic price, an equivalent regional price was used to 
determine the economic status of oil wells. 

Source: Energy Information Administration, Office of Oil and Gas, Dwight's Energydata, Inc., and 
Petroleum Information Corp. 
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Figures 5-22 and 5-23 show the total oil wells and associated production for 
the Permian Basin wells that are unable to meet lease operating expenses in 5 
BOE/D per well rate bracket increments from 0 to 50 BOE/D. Figure 5-22 indicates 
that at prices between $8 and $20 per barrel, wells unable to meet lease operating 
expense in the 0 to 5 BOE/D category increase from 4,500 at $20 per barrel to over 
10,000 wells at $8 per barrel. The figure indicates that a majority of the uneconomic 
wells are in the 0 to 5 BOE/D rate bracket. It is important to note that at the $20 per 
barrel domestic oil price, approximately 3,800 wells in the 0 to 1 BOE/D rate bracket 
were unable to meet lease operating expense. These wells account for 79 percent of 
the total 4,800 wells unable to meet lease operating expense shown on Table 5-14. 
However, annual production from these 3,800 wells accounts for only 7 percent of 
the total 2 .5 million BOE unable to meet lease operating cost at $20 per barrel. A 
majority of the production that does not meet lease operating costs is in rate 
brackets greater than 1 BOE/D per well. 

Production associated with the wells unable to meet lease operating expense 
is shown in Figure 5-23. Using this figure, it can be seen that moving from the high 
rate bracket of 45 to 50 BOE/D to lower rate brackets, a substantial change in the rate 
at which production in each category becomes unable to meet lease operating 
expense occurs in the 20 to 25 BOE/D rate bracket. This could provide adequate 
justification for defining Permian Basin marginal wells as those producing less 
than 20 or 25 BOE/D. A similar graphical analysis of the percentage of wells and 
production in each rate category also illustrates the rate defining marginal wells. 
This analysis is available in the working papers. 

Figure 5-24 is a plot of the data provided in Table 5-14, with several modifica
tions . First, the two upper lines illustrate the percentage of wells unable to meet 
lease operating expenses at the $8 to $20 per barrel range. The lowest of the two 
lines is for all wells and the upper line is only for wells that produce less than 20 
BOE/D. Since 3 ,800 of the wells unable to meet lease operating expense at $20 per 
barrel are in the 0 to 1 BOE/D rate bracket, a normalization was used to exclude 
these wells from the percentages shown at all oil prices. The curves demonstrating 
the effects of normalization are the darker lowest curves on the graph. The bottom 
normalized curve is for all rate brackets excluding the 3,800 wells in the 0 to 1 
BOE/D rate bracket. The darkest solid line illustrates the percentage of wells less 
than 20 BOE/D unable to meet lease operating expenses, also excluding the 3 ,800 
wells. The shaded area demonstrates the additional costs a corporation incurs 
above costs that can be allocated to the lease or well level. For example, at $20 per 
barrel a company may have only 3 .5 percent of the wells producing less than 20 
BOE/D unable to meet lease operating expenses as shown in the figure. However, 
when considering the total corporate costs (full cost), an additional 4 percent of the 
company's operations can be considered in a negative cash flow position. At lower 
oil prices, this percentage increases substantially as shown in the figure. 

A similar plot of the percent of production unable to meet lease operating 
expenses is illustrated in Figure 5-25. The impact of normalizing the curves for the 
3,800 wells in the 0 to 1 BOE/D rate bracket is not seen on this figure, since total 
production from these wells is a small volume. When considering production, the 
impact of separating out wells producing less than 20 BOE/D is important in de
termining their marginality. This is an indicator that wells producing less than 
25 BOE/D are marginal as prices decrease from $20 to $8 per barrel. Table 5-15 
provides a summary of normalized data for wells producing less than 20 BOE/D 
and compares the effects of full costs to lease level costs. 
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$8-$20/BOE vs. Rate Category 

Permian Basin-622,444,654 BOE. 
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TABLE 5-1 5 

PERMIAN BASIN 
OIL WELLS AND PRODUCTION 

�0 BOEID, NORMALIZED 

Not Meeting Lease Operating Costs Not Meeting Full Costs 

Annual Annual 
Domestic Wells Production Production Domestic Wells Production Production 
Oil Price Wells (Percent) (Million BOE) (Percent) Oil Price Wells (Percent) (Million BOE) (Percent) 

$20 937 1 .1 1 .5 0.8 $20 2,1 63 2.5 3.0 1 .4 
...... 
...... \() 

$1 8 1 ,439 1 .7 2.0 1 .0 $1 8 2,972 3.4 4.0 2.0 

$1 6 2,1 63 2.5 3.0 1 .4 $1 6 4,395 5.0 5.5 2.9 

$14 2,972 3.4 4.0 2.0 $14 6,372 7.3 8.0 4.1  

$12 4,395 5.0 5.5 2.9 $12 9,500 1 0.9 1 3.0 6.6 

$1 0 6,372 7.3 8.0 4.1 $1 0 1 4, 1 1 0  1 6.2 22.9 1 1 .6 

$8 9,500 1 0.9 1 3.0 6.6 $8 22,347 25.6 45.0 22.9 



Rocky Mountain Wells and Production Analysis 

Table 5-16 provides a summary of the total number of wells, percentage of 
total wells, annual production, and percentage of total production that do not meet 
lease operating costs at the seven domestic oil prices . All of these figures are 
based on 3 1,993 producing oil wells, with an associated production of 264,608,799 
BOE during 1992. The wells and associated production shown on this table are 
wells that can no longer produce sufficient cash flow to meet normal lease oper
ating costs . These values do not account for the additional $4 per barrel of costs 
associated with a company's total operations. 

Domestic 
Oil Price 

$20 

$1 8 

$1 6 

$14 

$1 2 

$1 0 

$8 

TABLE 5-1 6 

OIL WELLS AND PRODUCTION 
THAT DO NOT MEET LEASE OPERATING COSTS, 

FOR ROCKY MOUNTAINS 
(See Table 5-1 7 for Full Cost Analysis) 

Wells Annual Production 
Wells (Percent) (Million BOE) 

2,943 9.2 1 1  

3,295 1 0.3 1 2  

3,775 1 1 .8 1 3  

4,351 1 3.6 1 6  

5 ,1 1 9  1 6.0 1 9  

6,01 5 1 8.8 23 

7,358 23.0 29 

Note 1 :  Based on 31 ,993 wells and production of 264.609 million BOE in 1 992. 

Production 
(Percent) 

4.0 

4.4 

5 .1  

6.0 

7.2 

8.8 

1 1 .0 

Note 2: These wells can no longer produce enough income to meet normal lease operating costs. 

Note 3: Gas production was converted to barrel oil equivalent (BOE) on the basis of 6 thousand 
cubic feet of gas per BOE. 

Note 4: Oil prices vary by region, oil gravity, and sulfur content. An average domestic price of $ 1 6  
per barrel is equivalent t o  a West Texas Intermediate spot price of $20.70 and a California price 
of $1 3.60 per barrel. For each domestic price, an equivalent regional price was used to 
determine the economic status of oil wells. 

Source: Energy Information Administration, Office of Oil and Gas, Dwight's Energydata, Inc., and 
Petroleum Information Corp. 

Figures 5-26 and 5-27 show the total oil wells and production for the Rocky 
Mountain area wells that are unable to meet lease operating expenses in 5 BOE/D 
per well rate bracket increments from 0 to 50 BOE/D. Figure 5-26 indicates that at 
prices between $8 and $20 per barrel, wells unable to meet lease operating 
expense in the 0 to 5 BOE/D category increase from 1 ,700 at $20 per barrel to 
slightly over 3, 700 wells at $8 per barrel. The figure indicates that a majority of 
the uneconomic wells are in the 0 to 5 BOE/D rate bracket. However, the higher 
rate brackets up to 20 BOE/D contain a higher percentage of uneconomic wells 
than the previously discussed areas. It is important to note that at the $20 per 

120 



0 

w 
0 Ill 

4 

O to 5 5 to 1 0  10  to 1 5  

(Does Not Include Full Cost) 

15 to 20 20 to 25 25 to 30 30 to 35 
WELL CATEGORY (BOEID PER WELL) 

35 to 40 

$8/BOE 

$20/BOE 
The tops of the bars 
represent the number of 
wells unable to meet 
lease oparating 
expenses at $8/BOE and 
the bottoms the number 
at $20/BOE. 

40 to 45 45 to 50 
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barrel domestic oil price, approximately 1,000 wells in the 0 to 1 BOE/D rate 
bracket were unable to meet lease operating expense. These wells account for 34 
percent of the total 2,900 wells unable to meet lease operating expense shown on 
Table 5-16. However, annual production from these wells accounts for less than 1 
percent of the total 10.5 million BOE that are unable to meet lease operating cost 
at $20 per barrel. 

Production from the wells that are unable to meet lease operating expense 
is illustrated in Figure 5-27 and is a much different picture. Using this figure, it 
can be seen that moving from the high rate bracket of 45 to 50 BOE/D to lower rate 
brackets, a substantial change in the rate at which production in each category 
becomes unable to meet lease operating expense occurs in the 30 to 35 BOE/D rate 
bracket. This could provide justification for defining marginal wells in the Rocky 
Mountains as those producing less than 30 or 35 BOE/D. This is also illustrated 
with a similar analysis of the percentage of wells and production in each rate 
category which are unable to meet lease expense. This analysis is provided in the 
working papers. 

Figure 5-28 is a plot of the data provided in Table 5-16 with several modifi
cations. First, the two uppermost lines illustrate the percentage of wells unable 
to meet lease operating expenses at the $8 to $20 per barrel range. The lowest of 
the two lines is for all wells and the upper line is only for wells that produce less 
than 20 BOE/D. Since 1,000 of the wells unable to meet lease operating expense at 
$20 per barrel are in the 0 to 1 BOE/D rate bracket, a normalization was used to 
exclude these wells from the uneconomic percentage calculations at all oil 
prices . The curves demonstrating the effects of normalization are the darker 
lowest curves on the graph. The bottom normalized curve is for all rate brackets 
excluding the 1 ,000 wells in the 0 to 1 BOE/D rate bracket. The darkest solid line 
illustrates the percentage of wells less than 20 BOE/D unable to meet lease 
operating expenses, also excluding the 1 ,000 wells . The shaded area 
demonstrates the additional costs a corporation incurs above costs that can be 
allocated to the lease or well level. For example, at $16 per barrel a company may 
have only 10 percent of the wells producing less than 20 BOE/D unable to meet 
lease operating expenses as shown in the figure. However, when considering the 
total corporate costs (full cost), an additional 5 percent of the company's 
operations can be considered in a negative cash flow position. At lower oil prices, 
this percentage increases substantially as shown in the figure. At $12 per barrel, 
approximately 15 percent of the wells producing less than 20 BOE/D are unable to 
meet lease operating expenses and approximately 23 percent of the total wells are 
unable to meet total company operating expenses. 

A similar figure for percentage of production unable to meet lease operat
ing expenses is illustrated in Figure 5-29. The impact of normalizing the curves 
for the 1 ,000 wells in the 0 to 1 BOE/D rate bracket is not seen on this figure, since 
total production from these wells is a small volume.  When considering produc
tion, the impact of separating out wells producing less than 20 BOE/D is more 
significant than if all wells are considered. This again is an indicator that wells 
producing less than 20 BOE/D are marginal as prices decrease from $20 to $8 per 
barrel. Table 5-17 provides a summary of normalized data for wells producing 
less than 20 BOE/D and compares the effects of full costs to lease level costs. 
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TABLE 5-1 7 

ROCKY MOUNTAINS 

OIL WELLS AND PRODUCTION 

$20 BOE/Dj NORMALIZED 

Not Meeting Lease Operating Costs Not Meeting Full Costs 

Annual Annual 
Domestic Wells Production Production Domestic Wells Production Production 
Oil Price Wells {Percent) {Million BOE) {Percent) Oil Price Wells {Percent) {Million BOE) {Percent) 

$20 1 ,643 7.1  4 8.0 $20 2,365 1 0.2 5.5 1 1 .2 
� N i-1::. 

$1 8 1 ,950 8.4 5 9.5 $18  2,863 1 2.4 7 1 3.4 

$1 6 2,365 1 0.2 5.5 1 1 .2 $1 6 3,480 1 5.0 8 1 6.0 

$14 2,863 1 2.4 7 1 3.4 $1 4 4,1 95 1 8. 1  9.5 1 9.2 

$12 3,480 1 5.0 8 1 6.0 $12 5,302 22.9 1 1 .5 23. 1  

$1 0 4, 1 95 1 8. 1  9.5 1 9.2 $10 6,367 27.5 1 3.5 27. 1  

$8 5,302 22.9 1 1 .5 23. 1  $8 8,548 36.9 1 7.8 35.7 



California Wells and Production Analysis 

Table 5-18 provides a summary of the total number of wells, percentage of 
total wells, annual production, and percentage of total production that does not 
meet lease operating costs at the seven domestic oil prices. It should be noted that 
all of these figures are based on 45,968 producing oil wells with production of 
345,141,572 BOE during 1992. The wells and production shown on this table are 
wells that can no longer produce sufficient cash flow to meet normal lease 
operating costs. These values do not account for the additional $4 per barrel of 
costs associated with a company's total operations. 

Domestic 
Oil Price 

$20 

$1 8 

$1 6 

$14 

$1 2 

$1 0 

$8 

TABLE 5-1 8 

OIL WELLS AND PRODUCTION 
THAT DO NOT MEET LEASE OPERATING COSTS, 

FOR CALIFORNIA 
(See Table 5-1 9 for Full Cost Analysis) 

Wells Annual Production 
Wells (Percent) (Million BOE) 

6,573 1 4.3 1 7  

7,493 1 6.3 21 

7,81 5 1 7.0 24 

1 0, 1 1 3  22.0 33 

1 2,273 26.7 44 

1 5,353 33.4 59 

20,640 44.9 87 

Note 1 :  Based on 45,968 wells and production of 345. 1 41 million BOE in 1 992. 

Production 
(Percent) 

4.9 

6.1 

6.9 

9.7 

1 2.7 

1 7. 1  

25. 1 

Note 2: These wells can no longer produce enough income to meet normal lease operating costs. 

Note 3: Gas production was converted to barrel oil equivalent (BOE) on the basis of 6 thousand 
cubic feet of gas per BOE. 

Note 4: Oil prices vary by region, oil gravity, and sulfur content. An average domestic price of $1 6 
per barrel is equivalent to a West Texas Intermediate spot price of $20.70 and a California price 
of $1 3.60 per barrel. For each domestic price, an equivalent regional price was used to 
determine the economic status of oil wells. 

Source: Energy Information Administration, Office of Oil and Gas, Dwight's Energydata, Inc., and 
Petroleum Information Corp. 

Figures 5-30 and 5-31 show the total oil wells and associated production for 
the California wells that are unable to meet lease operating expenses in 5 BOE/D 
per well rate bracket increments from 0 to 50 BOE/D. Figure 5-30 indicates that at 
prices between $8 and $20 per barrel, wells unable to meet lease operating expense 
in the 0 to 5 BOE/D category increase from 4,000 at $20 per barrel to slightly over 
9,500 wells at $8 per barrel. The figure indicates that a majority of the uneconomic 
wells are in the 0 to 5 BOE/D rate bracket. However, similar to the Rocky Moun
tain area, there are high percentages of uneconomic wells in the higher rate 
brackets unlike the other four areas. It is important to note that at the $20 per bar
rel domestic oil price, approximately 2,000 wells in the 0 to 1 BOE/D rate bracket 
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were unable to meet lease operating expense. These wells account for 30 percent 
of the total 6,600 wells unable to meet lease operating expense shown on Table 5-18. 
However, annual production from these wells accounts for only 1 percent of the 
total 17 million BOE that are unable to meet lease operating cost at $20 per barrel. 

Production from wells that are unable to meet lease operating expense, 
shown in Figure 5-31 ,  illustrates a picture similar to the Rocky Mountain area. 
Using this figure, it can be seen that moving from the high rate bracket of 45 to 50 
BOE/D to lower rate brackets a gradual increase in the production in each cate
gory unable to meet lease operating expense occurs through all of the rate brack
ets . This is due to the large heavy oil contribution which, because of the many 
factors previously discussed, cannot absorb price decreases in any of the rate 
brackets. 

Figure 5-32 is a plot of the data provided in Table 5-18, with several modifi
cations. First, the two upper lines (the lighter lines) illustrate the percentage of 
wells unable to meet lease operating expenses at the $8 to $20 per barrel range. 
The lowest of the two lines is for all wells and the upper line is only for wells that 
produce less than 20 BOE/D. Since 2,000 of the wells unable to meet lease operat
ing expense at $20 per barrel are in the 0 to 1 BOE/D rate bracket, a normalization 
was used to exclude these wells from the percentage calculations at all oil prices. 
The curves demonstrating the effects of normalization are the darker lowest 
curves on the graph. The bottom normalized curve is for all rate brackets exclud
ing the 2,000 wells in the 0 to 1 BOE/D rate bracket. The darkest solid line illus
trates the percentage of wells less than 20 BOE/D unable to meet lease operating 
expenses, also excluding the 2,000 wells. The shaded area demonstrates the 
additional costs a corporation incurs above costs that can be allocated to the lease 
or well level. For example, at $14 per barrel, a company may have 23 percent of the 
wells producing less than 20 BOE/D unable to meet lease operating expenses as 
shown in the figure. However, when considering the total corporate costs (full 
cost), an additional 13 percent of the company's operations can be considered in a 
negative cash flow position. At lower oil prices this percentage increases substan
tially as shown in the figure. Because of the unique heavy oil related infrastruc
ture and the portion of heavy oil operating costs that are fixed, California has a 
substantially higher percentage of wells and production that are unable to meet 
operating costs as prices decrease. 

A similar figure for percentage of production unable to meet lease operat
ing expenses is illustrated in Figure 5-33. The impact of normalizing the curves 
for the 2,000 wells in the 0 to 1 BOE/D rate bracket is not seen on this figure, since 
total production from these wells is a small volume. When considering produc
tion, the impact of separating out wells producing less than 20 BOE/D is more sig
nificant than if all wells are considered. This again is an indicator of the degree 
to which wells producing less than 20 BOE/D are marginal as prices decrease 
from $20 to $8 per barrel. Table 5-19 provides a summary of normalized data for 
wells producing less than 20 BOE/D and compares the effects of full costs to lease 
level costs. 
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TAB LE 5-1 9 

CALIFORNIA 
OIL WELLS AND PRODUCTION 

�0 BOEID, NORMALIZED 

Not Meeting Lease Operating Costs Not Meeting Full Costs 

Annual Annual 
Domestic Wells Production Production Domestic Wells Production Production 
Oil Price Wells (Percent) (Million BOE) (Percent) Oil Price Wells (Percent) (Million BOE) (Percent) 

$20 3,955 1 2.9 9 1 0.7 $20 4,930 1 6. 1  1 1 .5 1 3.3 
1--' N \0 

$18 4,700 1 5.3 1 0.5 1 2.6 $1 8 6,777 22. 1  1 5.5 1 8.2 

$1 6 4,930 1 6. 1  1 1 .5 1 3.3 $1 6 8,5 1 2  27.7 1 9.5 23.0 

$14 6,777 22.1  1 5.5 1 8.2 $14 1 0,976 35.8 25.5 29.9 

$12 8,51 2 27.7 1 9.5 23.0 $12 1 5, 1 76 49.5 36.5 42.9 

$1 0 1 0,976 35.8 25.5 29.9 $1 0 20,541 67.0 51 .4 60.4 

$8 1 5, 1 76 49.5 36.5 42.9 $8 24,772 80.8 64.4 75.7 



Summary of Before Federal Income Tax Evaluation 

Output from the EIA model demonstrates that marginal wells and produc
tion exist in every producing area and over a large range of well rates. It also 
demonstrates that a rate which defines marginal wells varies from region to 
region. Considering all lower-48 onshore wells, using 20 BOE/D or less per 
well, may be a more appropriate definition than the 15 BOEID definition 
currently in the tax code. All of the analysis of incentives for marginal wells in 
the next section uses the 15 BOE/D per well (and other parameters described later) 
definition for simplicity. 

A company's total cash flow considerations should not be limited to an 
analysis of well/lease level cash flow-other cash costs must be accounted for in a 
full cost analysis. As prices decrease, every size company begins to consider shut
ting in and eventually abandoning wells that do not meet lease operating costs 
and crucial decisions regarding full cost cash flow must be considered in a persis
tent low price environment. 

ECONOMIC ANALYSES OF FEDERAL INCOME TAX INCENTIVES 

The following sections describe the three tax incentives evaluated in this 
report, using ICF Resources' after-tax economic evaluation model. A description 
of the incentive concept is provided followed by a discussion of the analytical 
approach and the evaluation of benefits and costs. Figures and tables for each 
incentive analysis referenced in the text are provided at the end of the chapter. 
Additional detail on the marginal well credit incentive is provided in Appendix F, 
Section IV. The MWC analyses are organized in three sections, A through C, 
and illustrate the ten-year output results from the various economic runs. Each 
of these sections include both the full and marginal cost incentive and base case 
evaluations. The cases are illustrated graphically, with tables of the incremental 
benefits included after the figures. The results were segregated into sections for 
ease of analysis. A complete review should include a comparison of results in all 
sections . Further detailed results and regional output are available in the work
ing papers. Figures and graphs for the EOR and inactive well incentives are pro
vided in Sections D and E respectively. 

Marginal Well Credit 

Description 

To encourage continued production from marginal properties in periods of 
low prices, a specific dollar per barrel marginal well credit (MWC) could be imple
mented for federal income tax purposes. A specified number of barrel equivalents 
of production per day attributable to the working interest from each well in the 
marginal property could qualify for the credit. The MWC would be phased out 
over a range of prices. The MWC would be fully allowable as a credit against both 
regular federal income tax liability and alternative minimum tax (AMT) liability. 
Unused MWC could be carried back three years (at the election of the taxpayer), 
and carried forward 15 years. 
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Production qualifying for the Section 29 credit for nonconventional fuel 
would not also qualify for the MWC. A taxpayer could elect to utilize either, but 
not both, of the credits on marginal properties qualifying for both credits. 

In order to ensure that the MWC will create cash flow for an owner of a 
marginal property having no taxable income for the taxable year in which the 
MWC is earned, the owner could monetize the MWC earned in that taxable year 
by selling it to an unrelated taxpayer by the end of the taxable year following the 
taxable year in which the MWC was earned. The purchaser could utilize the full 
amount of the MWC acquired against its federal income tax, or AMT, liability for 
the taxable year in which the MWC is acquired, and could carry unused MWC 
forward for 15 years. The seller would realize taxable income in the taxable year 
the MWC is sold to the extent of the value of the consideration received. The 
transaction would be evidenced by simple documentation as prescribed by the 
Internal Revenue Service. 

As an example, assuming an MWC of $3 per barrel for the first 3 barrels of 
production in 1995, a producer owning a marginal property with five wells, each 
averaging 10 barrel equivalents of production per day would be entitled to an MWC 
of $16,425 (3 x 365 x $3 x 5 wells) from that property in 1995, which could be used to 
offset the producer's federal income tax, or AMT, liability. Unused MWC could be 
carried back to calendar year 1992 or forward as far as calendar year 2010. If pro
duction from the marginal wells averages only 2 barrel equivalents of production 
per day in 1995, the MWC would be $10,950 (2 x 365 x $3 x 5 wells). 

To extend the example, if the producer had a total MWC for calendar year 
1995 of $50,000 and had no taxable income that year, the producer could sell the 
$50,000 of MWC. If the producer sold its 1995 MWC for $40,000 in cash on Decem
ber 31,  1996, the producer would have taxable income of $40,000 in calendar year 
1996 and the buyer would be allowed to offset the full $50,000 of MWC against its 
federal income tax, or AMT, liability, in 1996 (or carry the unused portion of the 
MWC forward for use in future years). 

Analytic Approach 

The objective of analyzing the marginal well credit concept was to deter
mine the cost and beneficial impact of a credit for domestic oil and gas production. 
Because of the dynamic nature of the domestic oil and gas industry, the analysis 
included modeling several different incentive approaches under various oil price 
scenarios . The model determines cash flows for all producing wells within the 
onshore lower-48 states and performs an economic limit test on these wells over a 
period of 25 years. Within the model, the distribution of producing wells in the 
onshore lower-48 states is categorized by region, depth, and production rates of oil 
and water based on data developed by the EIA, as discussed above. Detailed cost 
algorithms for operating and maintenance costs discussed previously in this 
chapter were used in estimating annual after tax cash flows for all sizes of oper
ators (small independents, large independents, and integrated companies) under 
various tax situations (regular, AMT, and net operating loss). 

The model calculates the annual after tax cash flow for each category of 
well and operator class by projecting future production, calculating annual 
operating and maintenance costs, and estimating taxes paid. Categories of wells 
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which are unable to generate positive cash flow are abandoned over a three year 
period. Wells pending abandonment are returned to production if price increases 
cause their cash flow to become positive. Annual well counts and projected pro
duction rates are used to determine incremental production, public sector rev
enues, credit costs, and other parameters utilized in evaluating the costs and 
benefits for each MWC incentive. Model results are generated separately for each 
region and compiled for the lower-48 onshore states as a whole. The results for 
each incentive case are directly comparable; and can be compared to the base case 
assuming no incentive. It is important to note the variability between base cases 
when comparing different credit scenarios. 

Details describing the intricacies of the after tax model approach and 
procedures are provided in Appendix F, Section IV. 

Evaluation of Benefits and Costs 

The fundamental premise behind the marginal well tax credit is to provide 
a safety net or "insurance" to producers of marginal wells to maintain production 
and resource access while prices are low. Long-term support of uneconomic 
production is probably not practical. The incentives evaluation involved analyzing 
several credit scenarios under various conceptual price tracks. This approach 
provides a broad range of potential outcomes and demonstrates the detrimental 
impact low prices have on the industry (base cases) and the incremental benefits 
provided by a marginal well credit serving as a safety net (incentive cases). 

Table 5-20 provides a summary overview of all incentive analyses. For each 
run indicated on the table, four outputs are provided for evaluation: the "full cost" 
incremental incentive, the "full cost" base case, the "marginal cost" incremental 
incentive, and the "marginal cost" base case. Two credit scenarios were evalu
ated. The first assumes a $3 per BOE credit on the first 3 BOE/D produced from 
any marginal well, as previously described. The second assumes $6 credit for the 
first BOE, $2 credit for the second BOE, and $1 for the third BOE from any margin
al well, as previously described. 

The price track and phase-out scenarios shown in the table and discussed 
in the following section all refer to domestic oil prices. Figure 5-34 illustrates the 
first ten years of each scenario's price track and phase-out schedule. Following is 
a brief discussion of each price track scenario: 

• The "flat" price scenario: Prices remain at the lower end of the 
phase-out ranges forever, but the credit is limited to a period of five 
years. This scenario represents the "downside" of the insurance risk, 
where prices fail to recover after a fall. 

• The "step function" scenario: Average domestic oil prices are as
sumed to drop to the lower value in the range in 1995 and 1996, and then 
jump to the higher value in 1997, remaining constant thereafter. Prices 
are low for only a short time period, during which the incentive delays 
the economic limit and abandonment, followed by a price recovery that 
benefits the production in the wells preserved by the incentive. For the 
analysis, however, this scenario assumes prices peak and remain at the 
credit phase-out level, resulting in a relatively conservative estimate of 
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Price Track 
$8 Flat (5 Yr. Expiration) 

$8-$1 6 Step 

$8-$20 Cycle 

1 4  Flat (5 Yr. Expiration) 

1 4-$20 Step 

1 994 Low 

AEO 1 994 High 

TABLE 5-20 

INCENTIVE CASES ANALYZED 

$6-$2-$1 Credit 
No Negative Taxes 

$3/BOE Credit 

• I Indicates incentive evaluation has been performed. 

New Wells 
$3/BOE Credit 
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benefits . Benefits improve as the wells saved with an MWC realize 
prices above the phase-out maximum. 

• The "sawtooth" and "cyclical" scenarios: Average domestic oil 
prices behave in a sawtooth or cyclical fashion where, beginning in 1995, 
prices drop to the lower end of the phase-out range for a period, then rise 
to the higher end of the phase-out range for a period and, in the case of 
the "cycle," prices can rise above the phase-out rate, with this pattern 
repeating throughout the analysis period. The incentive is applied each 
time the price falls. These scenarios probably best represent the safety 
net concept of the MWC. Prices drop to the point where the credit pay
ments are the highest, and then rise to the point where the credit phases 
out, and in the case of the cycle, prices can rise several dollars above the 
maximum phase-out price. 

• AEO 1994 price scenarios: Average domestic oil prices were assumed 
to track either the DOE/EIA Annual Energy Outlook 1994 low or high 
price track. 

Section C ,  at the back of this chapter, contains figures and tables that de
scribe "sensitivity" economic runs. Included in these runs was the evaluation of 
an after-tax scenario where it was assumed that companies generating a negative 
tax had no additional taxable income which could be used to offset the negative tax 
situation. These sensitivities are labeled "no negative taxes," while the remainder 
of the runs throughout Sections A and B assume that negative taxes are allowed. 
Also, a sensitivity analyzing the impact of future new wells (wells drilled after 
1995) on the marginal well credit benefits and costs is shown. Historical drilling 
statistics, based on the average domestic price, were used to provide an estimate of 
the number of wells drilled for each price track. These wells were brought on 
production at the average rate of approximately 50 BOE/D. As these wells would 
decline and become marginal, as defined in this report, the marginal well credit 
and phase-out scenario being evaluated was applied to the new wells . The eco
nomic evaluation of the effect that new wells would have on a marginal well credit 
was then added to the corresponding evaluation which did not include the new 
wells in order to determine the full incremental impact of the new well assump
tion. In Section C ,  this is compared to a similar evaluation case excluding new 
wells. The analyses included in Sections A and B all assume no new wells. 

Examination of the various credit scenarios provides a number of obser
vations: 

• In the absence of an incentive, large numbers of wells are likely to be 
abandoned when prices fall, with corresponding near-term losses of 
marginal production and possible future supplies producible with new 
technology. 

• If federal tax incentives are provided, significant numbers of wells, 
quantities of domestic production, jobs, and other benefits (e.g. , gross 
domestic product [GDP] , federal revenues, etc. )  can be saved through 
federal tax policies directed towards marginal wells. 
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• At the lower price scenarios, the benefits tend to be larger, while the 
costs tend to be smaller; hence, resulting in a higher benefit:cost ratio. 
This is due to higher production rate wells being preserved in the lower 
price scenarios, and indicates that the "insurance" provided by the in
centives has greater value in the more dire situations. 

• The estimates under the marginal cost economic limit criteria have uni
formly lower benefits and greater costs than the corresponding full cost 
estimates. Because the full costs are always higher than the marginal 
costs, the wells preserved by the incentives under the full cost scenario 
are more productive, resulting in higher benefits relative to credit costs. 
This would suggest that the greater the number of companies at the 
margin, the more valuable the incentives to the industry and the nation. 

• Where prices remain flat, the benefits are lowest and the costs are high
est. These scenarios represent the case in which the hoped-for price 
recovery fails to occur. On a full-cost basis, even these show a positive 
ratio of imports avoided or GDP added to the cost of the credit. However, 
the ratio of incremental GDP or imports avoided to credit cost goes from 
greater than unity under a full cost consideration to less than unity for 
marginal cost consideration. This reversal might suggest that the in
centives "break even" by· these standards somewhere within the range of 
conditions that describe the financial condition of the industry as a 
whole. 

• Where prices recover from their initially low level either permanently 
(the "step" case) or in a cycle (the "cyclical" case), the ratio of incremen
tal GDP or imports avoided to credit costs tend to be significantly greater 
than unity, especially over a longer period of time under either the full or 
marginal cost basis. This indicates that, when the MWC insurance or 
safety net is effective, the benefits from the credit exceeds it costs across 
the full range of conditions affecting the industry. 

• The ratio of benefits (imports avoided, additional GDP) to costs is higher 
for the low price scenarios relative to the comparable high price sce
narios. Again, this is a result of higher production rate wells being pre
served by the incentive when oil prices are lower. (The lower rate wells 
are abandoned during the longer evaluation periods, regardless of the 
availability of the incentive.) 

• A credit structured to provide proportionally larger credits to the lowest 
rate marginal wells, such as the $6-$2-$1 credit analyzed in this study, 
can significantly reduce the cost per well saved from abandonment, 
while only moderately increasing the total cost of the credit and the cost 
per barrel of incremental production. 

• The impacts of allowing negative taxes and assuming no new wells are 
compared to a sensitivity which allows no negative taxes and provides 
for the drilling of new wells which become marginal during their life 
and have the MWC applied as they become marginal. These assump
tions do slightly impact the cost and benefits; however, they are not 
deemed to be material in the overall analysis. The largest impact is the 
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new well assumption under both the AEO Low and $8-$20 Cycle Price 
Tracks. The addition of new wells increases all evolution parameters, 
wells, production, costs, jobs, etc. ,  and it reduces the cost per BOE and 
per well. 

While no specific incentive design is recommended here, it is evident that 
an incentive for marginal wells, focused on the wells that can most benefit, will 
contribute to the well-being of the domestic petroleum industry and the nation. 

The above analysis did not estimate one of the most important benefits attri
butable to preserving marginal wells-access to the resource remaining in reser
voirs that could be produced through the application of advanced, more efficient 
technology. Limitations of the methods available in the time frame for the present 
study preclude systematic, explicit estimates of the amount of advanced technolo
gy reserves, but the next section (EOR) illustrates the implications of reducing the 
abandonment rate on future reserves and production. 

The MWC analyses are organized in three sections and illustrate the ten
year output results from the various economic analysis runs . Each section in
cludes both the base and incentive cases, considering both full and marginal cost 
economics. The cases are illustrated graphically with tabular data of the incre
mental benefits included after the graphs. The results were segregated in sec
tions for ease of review and presentation. A complete review should include a 
comparison of results across many cases and not be limited to a single section. 
Detailed results and the regional output are available in the working papers. 

Improved EOR Credit 

Description 

Several studies, including the National Petroleum Council's Enhanced Oil 
Recovery report (1984), have pointed to the significant potential additions to U.S.  
reserves that are possible through application of enhanced oil recovery (EOR). Ef
forts to implement EOR projects have been partially frustrated by lower oil prices. 
Roughly 70 percent of the reservoirs that might be developed as EOR candidates 
are currently marginal properties, by the definitions in this report. Nationally, 
access to these reservoirs is becoming endangered as approximately 3 .5  percent 
per year of the resource is being abandoned by the plugging of marginal wells. 

In 1990, Congress passed an EOR investment tax credit, equal to 15 percent 
of certain qualified investment and injection costs paid or incurred. However, eli
gibility for this tax credit is limited by the definition of qualified projects. The cred
it phases out between oil prices (in 1991 dollars) of $28 to $34 per barrel, adjusted 
for inflation. By IRS interpretation, the credit was neither allowable against alter
native minimum tax (AMT) nor transferable. Thus, only regular taxpayers have 
been able to utilize the credit and then only on certain, more sophisticated, tertiary 
and other enhanced recovery technology processes. 

To make the EOR credit available to a larger number of projects and en
courage new investment in marginal properties with reserve potential and 
continued investment in marginal wells, the EOR credit could be expanded. The 
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types of tertiary projects qualifying for the EOR credit could be modified to include 
additional forms of advanced technology, and the credit could be allowed on all 
marginal properties, whether new or existing. 

The process for qualifying a project for the EOR credit could also be simpli
fied. For example, state certification of a project as a qualified EOR project should 
be an acceptable alternative means of qualifying a project for the federal EOR 
credit. 

The EOR credit could be allowable against both regular federal income tax 
liability and AMT liability in the same manner as the MWC. Excess EOR credit 
could be carried back three years and carried forward 15 years. The EOR credit 
would still not be transferable. 

As an example, a producer owning a marginal property elects to undertake 
a new tertiary project on a marginal property in calendar year 1995 and incurs 
$100,000 of qualifying EOR costs during the year, the taxpayer would be allowed an 
EOR credit of $15,000 ($100,000 x 15 percent). The tax basis or deductions resulting 
from the $100,000 of EOR expenditures would be reduced by the $15,000 EOR credit 
claimed. The $15,000 EOR credit would be allowable against the taxpayer's federal 
income tax, or AMT, liability. Excess EOR credit could be carried back to calendar 
year 1992 or forward to calendar year 2010. 

Analytic Approach 

There are three fundamental uncertainties that must be addressed when 
evaluating the costs and benefits of an incentive which expands current EOR tax 
credit. The first is oil price; EOR is highly price-sensitive. The second is the level 
of technology assumed, that is, whether only currently available technology is 
employed or technology advances are assumed. The third pertains to the rate of 
abandonment of the resource with EOR potential. As prices remain low, or tech
nologies are slow to develop, or abandonments continue unabated, the potential for 
EOR decreases. 

In this analysis, the potential of expanding the EOR tax credit under two 
technology scenarios-a currently available technology case and an advanced 
technology case, made possible by successful research and development-was 
evaluated. Two rates of resource abandonment were also considered. The first 
corresponds to a rate where 3 .5  percent of potential reserves are abandoned per 
year, which is consistent with historical rates of resource abandonment. The sec
ond rate assumes that the marginal well tax credit, aggressive technology trans
fer programs, and new technology developments can reduce this rate of abandon
ment substantially-in the extreme, to the level of zero resource abandonment. A 
range of oil prices was also considered. 

For purposes of this analysis, due to limitations of the readily available ana
lytical tools, the costs and benefits of only two categories of projects were evaluated: 

• All new tertiary oil recovery projects, which include gas miscible proj
ects (C02 and N2), thermal (steam drive and in-situ combustion), and 
chemical (polymer, alkaline, and micellar/polymer) . Continuation or 
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expansion of ongoing EOR projects was excluded for purposes of anal
ysis (but could be included in an actual incentive) .  

• All new infill drilling projects, including those using additives to influ
ence the injection profile of the wellbore or the relative permeability of 
various reservoir layers. These projects were assumed to be in reser
voirs undergoing waterflooding in conjunction with infill drilling. 

The databases and models used for this analysis were originally developed 
by the NPC in its 1984 study of national EOR potential, and have since been contin
ually maintained and updated by the DOE's Office of Fossil Energy, and include 
the Tertiary Oil Recovery Information System (TORIS) and the Crude Oil Policy 
Model (COPM). TORIS provides detailed engineering and economic analysis of 
potential reserves from infill drilling and EOR for about 2 ,400 individual domestic 
oil reservoirs, representing about two-thirds of the oil discovered in the United 
States. Since the system was developed, its capabilities have been substantially 
enhanced and updated, all with the guidance of a peer review committee made up 
largely of the original 1984 NPC study committee members. COPM translates the 
reservoir level evaluations from TORIS into forecasts of domestic reserve addi
tions and production, specifically characterizing project initiation or expansion. 
The DOE regularly uses these models to estimate the impact of alternative policies 
(e.g. , tax credits and environmental regulation) and technologies on domestic 
crude oil supplies. 

The methodology used for this analysis consisted of the following steps: 

Step 1. TORIS was used to generate a comprehensive database of all 
potential new EOR and infill drilling candidate reservoirs in the 
TORIS database. For EOR, both current and advanced technology 
were evaluated; for infill drilling only current technology was 
considered. For each reservoir analyzed, the database contains 
production, injection, and cost profiles for the life of the project. 

Step 2. For each candidate reservoir, COPM was used to determine the 
net present value for each candidate reservoir for each technology 
case both with and without the proposed incentive. This analysis 
assumed constant average domestic oil prices of $10, $14, and $18 
per barrel. 

Step 3. COPM sequences the development of reservoirs determined to be 
economic at each price. The model forecasts future abandon
ments, reserve additions, production, investments, state and feder
al taxes paid, jobs created, and imports avoided for each scenario. 
The two cases (with and without the expanded credit) are com
pared to estimate the costs and benefits associated with the pro
posed incentive for each price, technology, and abandonment rate 
scenariO. 

Step 4. The results of these models are extrapolated to estimate national 
totals and adjusted to account for the incentive for only marginal 
properties. 

139 



Estimates of Benefits and Costs 

The results of the analysis are reported separately for the two extensions of 
the current EOR credit: expansion of the AMT taxpayers credit as currently 
defined; and expansion of the credits to infilllwaterflood projects for all taxpayers. 
The tables and figures referenced in this section are in Section D at the end of this 
chapter. 

Tables 5-4 7, 5-48, and 5-49 (for $10, $14, and $18 per barrel of oil) summarize 
the results of the extension of the current EOR credit to AMT taxpayers. The 25-
year estimates for all three prices are illustrated in Figures 5-53 through 5-56. In 
all cases, potential reserves and production are significantly increased by: (1) ris
ing oil prices; (2) advances in technology; (3) reduced abandonment rates; and (4) 
expansion of the EOR tax credit to AMT taxpayers. In the most optimistic price/ 
technology case, as much as 3.6 billion barrels of new reserves could be expected-
2.1  billion barrels more than without the incentives. Reduced abandonment rates 
(possibly not fully to zero) is one of the major purposes of the MWC. The analysis 
in the Marginal Well Credit section suggests that the rate of abandonment might 
be reduced from 3.5 percent to, perhaps, 2 percent per year. The benefits would 
"scale" to any level of abandonment that results from the MWC and other efforts to 
slow the rate of abandonment. Expansion to AMT taxpayers also increases pro
duction and reserves; simultaneously decreasing abandonments and extending 
the credit creates certain synergies that make both the MWC and the EOR credit 
more valuable. The credit costs of the EOR incentive (Figure 5-55) and cost per 
barrel (Figure 5-56) suggest that this incentive can be a highly cost-effective 
means of stimulating new domestic reserves and production, in the range of 26 to 
54 cents per barrel. 

Tables 5-50, 5-51, and 5-52 (for $10, $14, and $18 per barrels of oil, respective
ly) summarize the estimates for extending the applicability of the credit to infill 
drilling (with waterflooding). Figures 5-57 through 5-60 illustrate the 25-year 
estimates for all three prices. As with tertiary recovery, both reducing the aban
donment rate and extending the credit increases reserves and production, and 
synergies between the two policies are again evident. Infill drilling exhibits less 
price sensitivity than EOR, suggesting that a substantial portion of the potential 
becomes economic in the analyzed price range. The estimated credit costs and 
per-barrel costs reinforce this interpretation. At $18/BOE, the credit adds a rela
tively small increment at a considerable cost, for a relatively high cost per barrel, 
but at the lower oil prices, the incentive was considerably more cost-effective. 

Inactive Well Incentive 

Description 

A recent survey by the Interstate Oil and Gas Compact Commission 
(IOGCC) estimated that the United States has approximately 142,000 wells that 
are inactive (i .e . , the well has neither produced oil or gas nor been used as an 
injector in more than one month in the two previous taxable years) or orphaned 
(i.e . ,  abandoned by an operator and taken over by a state regulatory agency) . 
Table 5-53 (in Section E) shows the distribution of such wells by state. If some of 
these wells could be restored, reserves, production, revenues and jobs would 
ensue. Some of these could be returned to production if incentives were provided. 
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In Texas, such an incentive for idle wells has recently been offered which 
provides 100 percent severance tax relief for wells inactive for more than three 
years that are brought back on production between September 1 ,  1993, and Au
gust 31 ,  1995. This exemption from severance tax can be applied to 10 years of 
production. 

In the first six months of the Texas incentive, 1 ,464 wells were reactivated 
(1 ,114 oil wells and 350 gas wells), compared to 368 reactivated for all of 1992, the 
year prior to the implementation of the incentive. According to the Texas Railroad 
Commission, there are an estimated 80,000 inactive wells in Texas. (Note that this 
differs from the 51 ,336 idle wells reported in the IOGCC report, as summarized in 
Table 5-53.) Typical initial annual production characteristics for wells brought 
back on line in Texas are reported as follows: 

Oil well: 11 .6 barrels/day oil 
26.6 MCF/day casinghead gas 

Gas well: 264.6 MCF/day gas 
2 .1  barrels/day condensate 

The recommended incentive for orphaned and abandoned wells ,  which 
have not been active for two or more years, is to make certain costs incurred to 
reactivate those wells eligible for a 15 percent credit similar to the EOR credit. 
Intangible drilling cost workovers, recompletions, horizontal extensions, and 
other capital costs, on such properties would be subject to a 15 percent credit. The 
deductions or tax basis resulting from the expenditures qualifying for the credit 
would be reduced by the amount of the credit. This credit would phase out in the 
same manner as the EOR credit. 

Costs qualifying for the inactive or orphaned well credit could not also be 
qualifying EOR expenditures. If a property qualifies for the marginal well credit 
after returning to production, both the MWC and the inactive or orphaned well 
credit could be claimed for such property. 

The inactive or orphaned well credit would be allowable against both regu
lar federal income tax and the AMT liability in the same manner as the MWC. 
Any excess credit could be carried back three years and carried forward 15 years. 
The credit would not be transferable. The incentive could be made available for a 
limited period, such as for wells returned to production in calendar years 1995 
through 1997, to test its effectiveness. 

As an example, if a producer returned a well to production which had not 
produced in the previous two taxable years, and incurred $15,000 of intangible 
drilling cost workover expense in reactivating the well, a credit of $2,250 ( 15% x 
$15,000) would be allowable against the taxpayer's federal income tax, or AMT, 
liability. Any excess credit could be carried back to calendar year 1992 or carried 
forward to calendar year 2010. 

Analytic Approach 

Using the Texas experience as an analog, estimates of costs and benefits of 
a federal incentive were estimated. 
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The total estimated number of wells reactivated due to the Texas state in
centive are estimated for full year based on six-month results as follows: 

(1,464) X (2) - 368 = 2,560 
Oil wells: [1,114/(1,114 + 350)] 2,560 = 1,948 (76%) 
Gas wells: [350/(1,114 + 350] 2,560 =612 (24%) 

Assuming that a 12 percent annual production decline rate, a 7 to 1 water: 
oil ratio, and a 4,500 foot well depth is representative of a typical well brought back 
on production, a reactivated oil well will produce 40,000 barrels of incremental oil. 

Assuming 80,000 inactive wells in Texas, then approximately 3 .2  percent 
per year of the inactive wells in the state are reactivated as a result of the incen
tive, calculated as follows: 

2,560/80,000 = 0.032 

Assuming 142,000 idle oil wells in the United States, then 10,360 idle oil 
wells could be reactivated in the United States given a federal incentive compa
rable to the Texas state incentive, determined as follows: 

(0.032)(0.76)(3)(142,000) = 10,360 oil wells 

However, for a typical reactivated well, the value of the proposed federal tax 
credit would be approximately 15.5 percent of the value of 100 percent state 
severance tax relief. Consequently, if 10,360 new wells would be activated under 
an incentive like that in Texas, then 1,605 wells or 15.5 percent could be assumed 
to be reactivated under the proposed federal incentive. 

The analyses in this study indicate, however, that a typical reactivated well 
in Texas may not be representative of the nation's average idle well production 
potential. Therefore, an analysis was also performed where the typical reacti
vated oil well produced only 4 BOE/D, assuming a decline rate of 5 percent and a 
water: oil ratio of 5. 

Estimated Benefits and Costs 

If the impacts of the federal inactive well incentive are comparable to those 
documented from the Texas incentive, 10,360 wells are estimated to be reactivated 
nationwide during the three-year initial period. These wells are estimated to 
account for over 400 million BOE of incremental oil reserves. The federal cost of 
this incentive, assuming that it would cost approximately $15,000 to reactivate an 
inactive well, and the first 3 BOE/D qualifies for the $3/BOE marginal well produc
tion credit, would be approximately $360 million, or a credit cost of about $0.91 per 
BOE ofreserves. 

Over 10 years, the wells reactivated during the three-year period when the 
credit would be available, would result in 297 million barrels of incremental pro
duction. The financial benefits resulting from the incentive would vary consid
erably with oil prices, as shown in Table 5-54 (in Section E at the end of this 
chapter). 
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For example, at a domestic oil price of $14 per barrel, the proposed incentive 
would result in an increase in state and local revenues of $421 million over a ten
year time period. The incentive would result in about a $4,528 million reduction in 
the trade deficit over this ten-year time period, and would result in an increase of 
approximately 42,000 labor-years of additional employment. 

Similarly, if the wells reactivated under the proposed federal credit were 
more like a typical marginal well in the United States, producing at an initial rate 
of about 4 BOE/D, then the credit would still stimulate the reactivation of 10,360 
wells, and nearly 140 million BOE of reserves or about $2.30 per BOE at a cost of 
about $320 million. Over a ten-year period, this would equate to over 100 million 
barrels of production. 

The financial benefits resulting from this incentive varies with oil prices, as 
shown in Table 5-55 (in Section E at the end of this chapter). At an oil price of 
$14 per barrel, the proposed incentive would result in an increase in state and 
local revenues of $114 million over a ten-year period. A $1,559 million reduction in 
the trade deficit would occur over the ten-year time period, and result in an 
increase of nearly 15,400 labor-years of employment. 
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MARGINAL WELL CREDIT ANALYSIS 
Section A 

Incremental Full Cost Analysis - Figures and Tables 

Full Cost Base Case - Figures 

Incremental Marginal Cost Analysis - Figures and Tables 

Marginal Cost Base Case - Figures 
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Figure 5-35. Ten Year Summary-Incremental MWC Analysis 
(Full Cost). 
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TABLE 5-21 

Ten Year Summary 
$8-$1 6 STEP PRICE TRACK; FULL COST BASIS; $3 CREDIT; 

NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$1 6 $ 1 0-$1 8 $1 4-$20 
of Marginal Oil Well Credit Phase-Out Phase-Out Phase-Out 

Wel ls Saved # of Wells 23,767 26,392 
(average over period) 

Wells Receiving Credit # of Wells 36,576 1 63,075 
(average over period) 

Incremental Production M M BOE 1 91 21 2 

Credit Paid 1 994 $MM 878 1 ,605 

Net Federal Cost 1 994 $MM 61 7 1 ,276 

State & Local Revenues 1 994 $MM 363 434 

Employment Labor-Years 36, 1 89 53,808 

GDP 1 994 $MM 4,342 4,894 

Imports Avoided 1 994 $MM 2,350 2,646 

Credit Cost ($/BOE) 1 994 $ 4.61 7.57 

Net Cost ($/BOE) 1 994 $ 3.24 6.02 

Credit Cost ($/Wel l) 1 994 $ 36,941 60,81 3 

Net Cost ($/Well) 1 994 $ 25,960 48,347 

TABLE 5-22 

Ten Year Summary 
$8-$20 CYCLE PRICE TRACK; FULL COST BASIS; $3 CREDIT; 

NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$1 6 $1 0-$ 1 8  
of Marginal Oil Well Credit Phase-Out Phase-Out 

Wells Saved # of Wells 20,752 25, 1 56 
(average over period) 

Wells Receiving Credit # of Wells 1 1 7,934 1 59,063 
(average over period) 

Incremental Production M M BOE 1 67 21 1 

Credit Paid 1 994 $MM 1 ,281 2,026 

Net Federal Cost 1 994 $MM 1 ,055 1 ,736 

State & Local Revenues 1 994 $MM 325 422 

Employment Labor-Years 41 ,044 60,81 5 

GDP 1 994 $MM 3,653 4,650 

Imports Avoided 1 994 $MM 1 ,990 2,544 

Credit Cost ($/BOE) 1 994 $ 7.66 9.60 

Net Cost ($/BOE) 1 994 $ 6.31 8.23 

Credit Cost ($/Well) 1 994 $ 61 ,729 80,537 

Net Cost ($/Well) 1 994 $ 50,838 69,009 
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TABLE 5-23 

Ten Year Summary 
1 994 AEO LOW PRICE TRACK; FULL COST BASIS; $3 CREDIT; 

NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$16 $ 1 0-$1 8 $1 4-$20 
of Marginal Oil Well Credit Phase-Out Phase-Out Phase-Out 

Wells Saved # of Wells 776 7,71 2 1 8,939 
(average over period) 

Wells Receiving Credit # of Wells 1 1 1 ,233 221 ,41 1 232,638 
(average over period) 

Incremental Production M M BOE 6 58 1 53 

Credit Paid 1 994 $MM 96 1 , 1 50 3,363 

Net Federal Cost 1 994 $MM 89 1 ,046 3,054 

State & Local Revenues 1 994 $MM 1 7  1 59 427 

Employment Labor-Years 2,838 30,557 86, 1 50 

GDP 1 994 $MM 1 59 1 ,493 3,932 

Imports Avoided 1 994 $MM 82 806 2, 1 37 

Credit Cost ($/BOE) 1 994 $ 1 5.50 1 9.90 22.02 

Net Cost ($/BOE) 1 994 $ 1 4.37 1 8.1 0 1 9.99 

Credit Cost ($/Well) 1 994 $ 1 23,648 1 49,1 1 2  1 77,570 

Net Cost ($/Well) 1 994 $ 1 1 4,632 1 35,628 1 61 ,255 

TABLE 5-24 

Ten Year Summary 
$8-$16 STEP PRICE TRACK; FULL COST BASIS; $6-$2-$1 CREDIT; 

NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$1 6 $1 0-$1 8 $1 4-$20 
of Marginal Oil Well Credit Phase-Out Phase-Out Phase-Out 

Wells Saved # of Wells 34,628 41 ,546 48,075 
(average over period) 

Wells Receiving Credit # of Wells 39,234 1 78,229 1 84,758 
(average over period) 

Incremental Production M M BOE 21 4 245 279 

Credit Paid 1 994 $MM 1 ,038 1 ,9 1 5  3,452 

Net Federal Cost 1 994 $MM 751 1 ,548 2,967 

State & Local Revenues 1 994 $MM 407 500 636 

Employment Labor-Years 41 ,425 63,240 98,360 

GOP 1 994 $MM 4,867 5,654 6,544 

Imports Avoided 1 994 $MM 2,626 3,041 3,525 

Credit Cost ($/BOE) 1 994 $ 4.85 7.83 1 2.38 

Net Cost ($/BOE) 1 994 $ 3.51 6.33 1 0.64 

Credit Cost ($/Well) 1 994 $ 29,976 46,093 71 ,804 

Net Cost ($/Well) 1 994 $ 21 ,688 37,260 61 ,71 6  

149 



TABLE 5-25 

Ten Year Summary 
$8-$20 CYCLE PRICE TRACK; FULL COST BASIS; 

$6-$2-$1 CREDIT; NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$1 6 $1 0-$1 8 
of Marginal Oil Well Credit Phase-Out Phase-Out 

Wells Saved # of Wells 30, 1 66 38,71 6 
(average over period) 

Wells Receiving Credit # of Wells 1 25,075 1 71 ,229 
(average over period) 

Incremental Production M M BOE 1 88 240 

Credit Paid 1 994 $MM 1 ,515  2,420 

Net Federal Cost 1 994 $MM 1 ,1 59 2,090 

State & Local Revenues 1 994 $MM 388 482 

Employment Labor-Years 47,350 70,864 

GDP 1 994 $MM 4,098 5,298 

Imports Avoided 1 994 $MM 2,237 2,885 

Credit Cost ($/BOE) 1 994 $ 8.05 1 0.08 

Net Cost ($/BOE) 1 994 $ 6.1 6 8.71 

Credit Cost ($/Well) 1 994 $ 50,222 62,507 

Net Cost ($/Well) 1 994 $ 38,421 53,984 

TABLE 5-26 

Ten Year Summary 
1 994 AEO LOW OIL PRICE TRACK; FULL COST BASIS; 

$6-$2-$1 CREDIT; NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits 
of Marginal Oil Well Credit $1 Q-$1 8 Phase-Out 

Wells Saved # of Wells 1 1 ,651 
(average over period) 

Wells Receiving Credit 
(average over period) 

# of Wells 225,350 

Incremental Production M M BOE 66 

Credit Paid 1 994 $MM 1 ,323 

Net Federal Cost 1 994 $MM 1 ,1 97 

State & Local Revenues 1 994 $MM 1 1 0 

Employment Labor-Years 35,029 

GDP 1 994 $MM 1 ,726 

Imports Avoided 1 994 $MM 91 6 

Credit Cost ($/BOE) 1 994 $ 1 9.92 

Net Cost ($/BOE) 1 994 $ 1 8.02 

Credit Cost ($/Well) 1 994 $ 1 1 3,551 

Net Cost ($/Well) 1 994 $ 1 02,736 
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TABLE 5-27 

Ten Year Summary 
$8-$1 6 STEP PRICE TRACK; MARGINAL COST BASIS; $3 CREDIT; 

NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$1 6 $1 0-$1 8 $1 4-$20 
of Marginal Oil Well Credit Phase-Out Phase-Out Phase-Out 

Wells Saved # of Wells 25,246 28,947 33,868 
(average over period) 

Wells Receiving Credit 
(average over period) 

# of Wells 59,584 281 , 1 94 286, 1 1 5  

Incremental Production M M BOE 1 88 203 226 

Credit Paid 1 994 $MM 1 ,300 2,491 4,520 

Net Federal Cost 1 994 $MM 1 ,277 2,396 4,289 

State & Local Revenues 1 994 $MM 306 377 498 

Employment Labor-Years 44,964 71 ,043 1 1 4,451 

GOP 1 994 $MM 3,963 4,341  4,883 

I mports Avoided 1 994 $MM 2,460 2,685 2,993 

Credit Cost ($/BOE) 1 994 $ 6.91 1 2.25 20.02 

Net Cost ($/BOE) 1 994 $ 6.79 1 1 .78 1 9.00 

Credit Cost ($/Well) 1 994 $ 51 ,493 86,053 1 33,458 

Net Cost ($/Well) 1 994 $ 50,582 82,771 1 26,638 

TABLE 5-28 

Ten Year Summary 
$8-$20 CYCLE PRICE TRACK, MARGINAL COST BASIS; $3 CREDIT; 

NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$1 6 $ 1 0-$1 8 $1 4-$20 
of Marginal Oil Well Credit Phase-Out Phase-Out Phase-Out 

Wells Saved # of Wells 1 9,339 23,794 32,066 
(average over period) 

Wells Receiving Credit # of Wells 1 92,998 256,1 38 263,535 
(average over period) 

Incremental Production M M BOE 1 37 1 60 205 

Credit Paid 1 994 $MM 1 ,945 3,036 5,1 72 

Net Federal Cost 1 994 $MM 1 ,879 2,91 6 4,938 

State & Local Revenues 1 994 $MM 256 336 482 

Employment Labor-Years 49,91 7 74, 1 54 1 21 ,239 

GOP 1 994 $MM 2,727 3,21 1 4,214  

Imports Avoided 1 994 $MM 1 ,688 1 ,977 2,574 

Credit Cost ($/BOE) 1 994 $ 1 4.1 6 1 9.01 25.25 

Net Cost ($/BOE) 1 994 $ 1 3.68 1 8.26 24. 1 1 

Credit Cost ($/Well) 1 994 $ 1 00,573 1 27,597 1 61 ,294 

Net Cost ($/Well) 1 994 $ 97,1 60 1 22,553 1 53,997 
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TABLE 5-29 

Ten Year Summary 
1 994 AEO LOW PRICE TRACK; MARGINAL COST BASIS; $3 CREDIT; 

NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$1 6 $ 1 0-$1 8 $1 4-$20 
of Marginal Oil Well Credit Phase-Out Phase-Out Phase-Out 

Wells Saved # of Wells 544 6,458 1 6,454 
(average over period) 

Wells Receiving Credit 
(average over period) 

# of Wells 1 60,047 31 4,075 324,071 

Incremental Production M MBOE 3 33 86 

Credit Paid 1 994 $MM 1 31 1 ,494 4,294 
Net Federal Cost 1 994 $MM 1 41 1 ,423 4,048 

State & Local Revenues 1 994 $MM 1 3  1 1 9 321 

Employment Labor-Years 3,048 33,822 95,432 

GOP 1 994 $MM 76 808 2, 1 01 

Imports Avoided 1 994 $MM 54 485 1 ,246 

Credit Cost ($/BOE) 1 994 $ 39.09 44.96 49.71 

Net Cost ($/BOE) 1 994 $ 42.08 42.83 46.86 

Credit Cost ($/Well) 1 994 $ 240,853 231 ,359 260,968 

Net Cost ($/Wel l)  1 994 $ 259,239 220,364 246,01 8 

TABLE 5-30 

Ten Year Summary 
$8-$1 6 STEP PRICE TRACK; MARGINAL COST BASIS; $6-$2-$1 CREDIT; 

NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$ 1 6  $1 0-$1 8 $1 4-$20 
of Marginal Oil Well Credit Phase-Out Phase-Out Phase-Out 

Wells Saved # of Wells 34,389 42,247 51 ,702 
(average over period) 

Wells Receiving Credit # of Wells 61 ,954 294,1 94 303,949 
(average over period) 

Incremental Production M MBOE 203 225 256 

Credit Paid 1 994 $MM 1 ,51 7 2,9 1 6  5,324 

Net Federal Cost 1 994 $MM 1 ,490 2,81 5 5,074 

State & Local Revenues 1 994 $MM 332 424 574 

Employment Labor-Years 50,470 28,775 1 33,250 

GOP 1 994 $MM 4,31 0 4,857 5,61 6 

Imports Avoided 1 994 $MM 2,634 2,946 3,378 

Credit Cost ($/BOE) 1 994 $ 7.47 1 2.94 20.82 

Net Cost ($/BOE) 1 994 $ 7.34 1 2.49 1 9.84 

Credit Cost ($/Well) 1 994 $ 44, 1 1 3  69,022 1 02,974 

Net Cost ($/Well) 1 994 $ 43,328 66,632 98,1 39 
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TABLE 5-31 

Ten Year Summary 
$8-$20 CYCLE PRICE TRACK; MARGINAL COST BASIS; 

$6-$2-$1 CREDIT; NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$1 6 $ 1 0-$1 8 $1 4-$20 
of Marginal Oil Well Credit Phase-Out Phase-Out Phase-Out 

Wells Saved # of Wells 27,489 36,21 4 
(average over period) 

Wells Receiving Credit # of Wells 1 98,853 267,31 2  
(average over period) 

Incremental Production M M BOE 1 51 1 82 

Credit Paid 1 994 $MM 2,257 3,558 

Net Federal Cost 1 994 $MM 2,1 1 3  3,427 

State & Local Revenues 1 994 $MM 299 380 

Employment Labor-Years 57,240 86,1 55 

GOP 1 994 $MM 3,031 3,726 

Imports Avoided 1 994 $MM 1 ,838 2,243 

Credit Cost ($/BOE) 1 994 $ 1 4.95 1 9.58 

Net Cost ($/BOE) 1 994 $ 1 3.99 1 8.85 

Credit Cost ($/Well) 1 994 $ 82, 1 07 98,250 

Net Cost ($/Well) 1 994 $ 76,869 94,633 

TABLE 5-32 

Ten Year Summary 
1 994 AEO LOW OIL PRICE TRACK; MARGINAL COST BASIS; 

$6-$2-$1 CREDIT; NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits 
of Marginal Oil Well Credit $1 0-$1 8 Phase-Out 

Wells Saved # of Wells 1 0,655 
(average over period) 

Wells Receiving Credit # of Wells 31 8,272 
(average over period) 

Incremental Production M M BOE 41 

Credit Paid 1 994 $MM 1 ,71 9 

Net Federal Cost 1 994 $MM 1 ,643 

State & Local Revenues 1 994 $MM 1 42 

Employment Labor-Years 39,387 

GOP 1 994 $MM 1 ,007 

Imports Avoided 1 994 $MM 581 

Credit Cost ($/BOE) 1 994 $ 41 .97 

Net Cost ($/BOE) 1 994 $ 40. 1 2  

Credit Cost ($/Well) 1 994 $ 1 61 ,331 

Net Cost ($/Well) 1 994 $ 1 54,1 98 
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Figure 5-41.  Ten Year Summary-Incremental MWC Analysis 
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TABLE 5-33 

Ten Year Summary 
$8 AND $1 4 FLAT PRICE TRACK; FULL COST BASIS; $3 CREDIT; 
FIVE YEAR CREDIT EXPIRATION; NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8 Flat $14 Flat 
of Marginal Oil Well Credit $8-$1 6 Phase-Out $1 4-$20 Phase-Out 

Wells Saved # of Wells 1 7,474 1 8,390 
(average over period) 

Wells Receiving Credit # of Wells 74,527 1 1 6,554 
(average over period) 

Incremental Production M M BOE 1 54 1 68 

Credit Paid 1 994 $MM 1 ,803 2,71 7 

Net Federal Cost 1 994 $MM 1 ,633 2,385 

State & Local Revenues 1 994 $MM 239 444 

Employment Labor-Years 39,420 71 ,275 

GOP 1 994 $MM 1 ,956 3,755 

Imports Avoided 1 994 $MM 1 ,1 39 2,067 

Credit Cost ($/BOE) 1 994 $ 1 1 .71 1 6. 1 4  

Net Cost ($/BOE) 1 994 $ 1 0.60 1 4. 1 6  

Credit Cost ($/Well) 1 994 $ 1 03,1 81 147,747 

Net Cost ($/Well) 1 994 $ 93,453 129,694 

TABLE 5-34 

Ten Year Summary 
$1 4-$20 STEP AND SAWTOOTH PRICE TRACK; FULL COST BASIS; 

$3 CREDIT; NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits Step Sawtooth 
of Marginal Oii .Well Credit $1 4-$20 Phase-Out $1 4-$20 Phase-Out 

Wells Saved # of Wells 1 7,256 27,627 
(average over period) 

Wells Receiving Credit # of Wells 47,380 92,635 
(average over period) 

Incremental Production M M BOE 1 53 225 

Credit Paid 1 994 $MM 1 ' 1 1 1  2, 1 35 

Net Federal Cost 1 994 $MM 871 1 ,777 

State & Local Revenues 1 994 $MM 369 544 

Employment Labor-Years 46,291 73,942 

GOP 1 994 $MM 4,51 8 6,259 

Imports Avoided 1 994 $MM 2,455 3,403 

Credit Cost ($/BOE) 1 994 $ 7.26 9.48 

Net Cost ($/BOE) 1 994 $ 5.69 7.89 

Credit Cost ($/Well) 1 994 $ 64,383 77,280 

Net Cost ($/Well) 1 994 $ 50,475 64,322 
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Figure 5-45. Ten Year Summary-Incremental MWC Analysis 
(Marginal Cost). 
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TABLE 5-35 

Ten Year Summary 
$8 AND $14 FLAT PRICE TRACK; MARGINAL COST BASIS; $3 CREDIT 

FIVE YEAR CREDIT EXPIRATION; NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8 Flat $14  Flat 
of Marginal Oil Well Credit $8-$1 6 Phase-Out $1 4-$20 Phase-Out 

Wells Saved # of Wells 23,096 1 5,746 
(average over period) 

Wells Receiving Credit 
(average over period) 

# of Wells 1 35,31 3 1 66,442 

Incremental Production M M BOE 1 87 94 

Credit Paid 1 994 $MM 3,008 3,534 

Net Federal Cost 1 994 $MM 2,978 3,271 

State & Local Revenues 1 994 $MM 285 348 

Employment Labor-Years 66,41 7 78,801 

GOP 1 994 $MM 2,209 1 ,905 

Imports Avoided 1 994 $MM 1 ,446 1 , 1 98 

Credit Cost ($/BOE) 1 994 $ 1 6.05 37.71 

Net Cost ($/BOE) 1 994 $ 1 5.89 34.90 

Credit Cost ($/Well) 1 994 $ 1 30,238 224,435 

Net Cost ($/Well) 1 994 $ 1 28,939 207,733 

TABLE 5-36 

Ten Year Summary 
$1 4-$20 STEP AND SAWTOOTH PRICE TRACK; MARGINAL COST BASIS; 

$3 CREDIT; NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits Step Sawtooth 
of Marginal Oil Well Credit $14-$20 Phase-Out $1 4-$20 Phase-Out 

Wells Saved # of Wells 1 2,443 20,905 
(average over period) 

Wells Receiving Credit 
(average over period) 

# of Wells 67,1 96 1 31 ,874 

Incremental Production M MBOE 66 1 1 2 

Credit Paid 1 994 $MM 1 ,431 2,775 

Net Federal Cost 1 994 $MM 1 ,335 2,61 5 

State & Local Revenues 1 994 $MM 1 72 301 

Employment Labor-Years 37,936 69,301 

GOP 1 994 $MM 1 ,804 2,946 

Imports Avoided 1 994 $MM 1 ,091 1 ,729 

Credit Cost ($/BOE) 1 994 $ 21 .69 24.80 

Net Cost ($/BOE) 1 994 $ 20.24 23.37 

Credit Cost ($/Well) 1 994 $ 1 1 5,006 1 32,741 

Net Cost ($/Well) 1 994 $ 1 07,291 1 25,087 
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Figure 5-46. Ten Year Summary-Base Case Analysis, No MWC 
(Marginal Cost). 
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MARGINAL WELL CREDIT ANALYSIS 
Section C 

Incremental Full Cost Analysis - Figures and Tables 

Full Cost Base Case - Figures 

Incremental Marginal Cost Analysis - Figures and Tables 

Marginal Cost Base Case - Figures 

• I Indicates incentive evaluation results in this section. 

30 �---------------------------------, 
$8-$20 Cycle Price Scenario 

25 
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Figure 5-47. Ten Year Summary-Incremental MWC Analysis Sensitivity 
(Full Cost). 
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TABLE 5-37 

Ten Year Summary 
1 994 AEO LOW PRICE TRACK; FULL COST BASIS 

(NO NEGATIVE TAXES) 

Incremental Costs & Benefits $ 1 0-$1 8 
of Marginal Oil Well Credit Credit Phase-Out 

Wells Saved # of Wells 5,936 
(average over period) 

Wells Receiving Credit # of Wells 21 9,635 
(average over period) 

Incremental Production M MBOE 41 

Credit Paid 1 994 $MM 1 , 1 42 

Net Federal Cost 1 994 $MM 1 ,043 

State & Local Revenues 1 994 $MM 1 23 

Employment Labor-Years 27,950 

GOP 1 994 $MM 1 ,057 

Imports Avoided 1 994 $MM 564 

Credit Cost ($/BOE) 1 994 $ 27.96 

Net Cost ($/BOE) 1 994 $ 25.54 

Credit Cost ($/Well) 1 994 $ 1 92,395 

Net Cost ($/Well) 1 994 $ 1 75,71 6 

TABLE 5-38 

Ten Year Summary 
$8-$20 CYCLE PRICE TRACK; FULL COST BASIS 

(NO NEGATIVE TAXES) 

Incremental Costs & Benefits $ 1 0-$1 8 
of Marginal Oil Well Credit Credit Phase-Out 

Wells Saved # of Wells 1 8, 1 08 
(average over period) 

Wells Receiving Credit # of Wells 1 53,687 
(average over period) 

Incremental Production MMBOE 1 56 

Credit Paid 1 994 $MM 1 ,975 

Net Federal Cost 1 994 $MM 1 ,709 

State & Local Revenues 1 994 $MM 340 

Employment Labor-Years 53, 1 48 

GOP 1 994 $MM 3,445 

Imports Avoided 1 994 $MM 1 ,882 

Credit Cost ($/BOE) 1 994 $ 1 2.67 

Net Cost ($/BOE) 1 994 $ 1 0.96 

Credit Cost ($/Well) 1 994 $ 1 09,070 

Net Cost ($/Well) 1 994 $ 94,380 
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TABLE 5-39 

Ten Year Summary 
1 994 AEO LOW OIL PRICE TRACK; FULL COST BASIS 

(WELLS DRILLED AFTER 1 995 ONLY) 

Incremental Costs & Benefits $ 1 0-$1 8 
of Marginal Oil Well Credit Credit Phase-Out 

Wells Saved # of Wells 3,869 
(average over period) 

Wells Receiving Credit 
(average over period) 

# of Wells 27,885 

Incremental Production M M BOE 93 

Credit Paid 1 994 $MM 323 

Net Federal Cost 1 994 $MM 1 85 

State & Local Revenues 1 994 $MM 1 66 

Employment Labor-Years 21 ,203 
GOP 1 994 $MM 2, 1 90 

Imports Avoided 1 994 $MM 1 , 1 78 

Credit Cost ($/BOE) 1 994 $ 3.49 

Net Cost ($/BOE) 1 994 $ 2.00 

Credit Cost ($/Well) 1 994 $ 83,484 

Net Cost ($/Well) 1 994 $ 47,81 6 

TABLE 5-40 

Ten Year Summary 
$8-$20 CYCLE PRICE TRACK; FULL COST BASIS 

(WELLS DRILLED AFTER 1 995 ONLY) 

Incremental Costs & Benefits $1 Q-$1 8 
of Marginal Oil Well Credit Credit Phase-Out 

Wells Saved # of Wells 4,894 
(average over period) 

Wells Receiving Credit # of Wells 25,671 
(average over period) 

Incremental Production MMBOE 1 1 1  

Credit Paid 1 994 $MM 430 

Net Federal Cost 1 994 $!\liM 278 

State & Local Revenues 1 994 $MM 1 83 

Employment Labor-Years 25,350 

GOP 1 994 $MM 2,41 1 

Imports Avoided 1 994 $MM 1 ,297 

Credit Cost ($/BOE) 1 994 $ 3.88 

Net Cost ($/BOE) 1 994 $ 2.50 

Credit Cost ($/Well) 1 994 $ 87,863 

Net Cost ($/Well) 1 994 $ 56,804 
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TABLE 5-41 

Ten Year Summary 
1 994 AEO HIGH PRICE TRACK; FULL COST BASIS 

(NEGATIVE TAXES ALLOWED) 

Incremental Costs & Benefits $1 4-$20 
of Marginal Oil Well Credit Credit Phase-Out 

Wells Saved # of Wells 6,822 
(average over period) 

Wells Receiving Credit # of Wells 1 00, 1 51 
(average over period) 

Incremental Production M MBOE 54 

Credit Paid 1 994 $MM 942 

Net Federal Cost 1 994 $MM 850 

State & Local Revenues 1 994 $MM 1 83 

Employment Labor-Years 28,241 

GOP 1 994 $MM 1 ,71 0 

Imports Avoided 1 994 $MM 941 

Credit Cost ($/BOE) 1 994 $ 1 7.47 

Net Cost ($/BOE) 1 994 $ 1 5.25 

Credit Cost ($/Well) . 1 994 $ 1 38,079 

Net Cost ($/Well) 1 994 $ 1 20,489 

174 



,_ 400 
en Cl 
� 300 
en ::::> 0 200 I 
I-
-

� 1 00 
...J w 
� 0 

x -20 
<( � 
1- Z 
...J 0 1 5  <( -
o :::1 
g f!!,1 0 
o en  
z w 
<( ::::> 5 w Z 
1- w 
<( > 
I- w 0 en a: 

Low Cycle Low 

$1 0-1 8 Phase-Out 

Low Cycle Low 

-w 0 20 
II) 
z 0 1 5  ...J ...J 

f!!, 1 0  z 0 
t; 5 
::::> Cl 0 0 cr: a.. 

-20 � 
z 

� � 1 5  
1- ::::! 
...J il) <( '-"'1 0 a: en w w  0 ::::> w z 5 u. w  

> w cr: 0 

Low Cycle Low 

14-- $1  0-1 8 Phase-Out 

$8-20 Neg. 
Low Cycle Low Cycle Tax 

14-- $1 0-1 8 Phase-Out -�I'll 14-- $ 1 0-1 8 Phase-Out $1 4-20 
en � 400 
z w 
G:i 300 
a: � 
� 5 200 
O: j  
� f!!, 1 00 
0 a: 
u_ 0 
Cl a.. 
(!) 

Cycle Low Cycle 

$1 0-1 8 Phase-Out _____. $1 4-20 

� 200 z 0 
:::1 1 50 
II) 
-

Cl w Cl 
0 > <( 
en 1-
cr: 
0 a.. 
� 

1 00 

50 

0 AEO AEO Neg. 
Low Cycle Low Cycle Tax 

..___ $1 0- 1 8  Phase-Out $1 4-20 

LEGEND 
- Negative Tax � No Negative Tax � No New Wells - New Wells m AEO Low � AEO High 

Figure 5-49. Ten Year Summary-Base Case Analysis, No MWC 
(Full Cost). 
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Figure 5-51. Ten Year Summary-Incremental MWC Analysis Sensitivity 
(Marginal Cost). 
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TABLE 5-42 

Ten Year Summary 
1 994 AEO LOW PRICE TRACK; MARGINAL COST BASIS 

(NO NEGATIVE TAXES) 

Incremental Costs & Benefits 
of Marginal Oil Well Credit 

Wells Saved # of Wells 
(average over period) 

Wells Receiving Credit # of Wells 
(average over period) 

Incremental Production M MBOE 

Credit Paid 1 994 $MM 

Net Federal Cost 1 994 $MM 

State & Local Revenues 1 994 $MM 

Employment Labor-Years 

GOP 1 994 $MM 

Imports Avoided 1 994 $MM 

Credit Cost ($/BOE) 1 994 $ 

Net Cost ($/BOE) 1 994 $ 

Credit Cost ($/Well) 1 994 $ 

Net Cost ($/Well) 1 994 $ 

TABLE 5-43 

Ten Year Summary 

$ 1 0-$1 8 
Credit Phase-Out 

5,841 

296,802 

29 

1 ,440 

1 ,321 

1 1 9  

31 ,999 

71 5 

409 

50. 1 8  

46.03 

246,51 6  

226,1 44 

$8-$20 CYCLE PRICE TRACK; MARGINAL COST BASIS 
(NO NEGATIVE TAXES) 

Incremental Costs & Benefits $1 Q-$1 8 
of Marginal Oil Well Credit Credit Phase-Out 

Wells Saved # of Wells 20,209 
(average over period) 

Wells Receiving Credit # of Wells 232,829 
(average over period) 

Incremental Production M M BOE 1 48 

Credit Paid 1 994 $MM 2,824 

Net Federal Cost 1 994 $MM 2,522 

State & Local Revenues 1 994 $MM 344 

Employment Labor-Years 23,736 

GOP 1 994 $MM 3,041 

Imports Avoided 1 994 $MM 1 ,865 

Credit Cost ($/BOE) 1 994 $ 1 9.02 

Net Cost ($/BOE) 1 994 $ 1 6.99 

Credit Cost ($/Well) 1 994 $ 1 39,737 

Net Cost ($/Well) 1 994 $ 1 24,793 
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TABLE 5-44 

Ten Year Summary 
1 994 AEO LOW OIL PRICE TRACK; MARGINAL COST BASIS 

(WELLS DRILLED AFTER 1 995 ONLY) 

Incremental Costs & Benefits 
of Marginal Oil Well Credit 

Wells Saved # of Wells 
(average over period) 

Wells Receiving Credit # of Wells 
(average over period) 

Incremental Production MMBOE 

Credit Paid 1 994 $MM 

Net Federal Cost 1 994 $MM 

State & Local Revenues 1 994 $MM 

Employment Labor-Years 

GOP 1 994 $MM 

Imports Avoided 1 994 $MM 

Credit Cost ($/BOE) 1 994 $ 

Net Cost ($/BOE) 1 994 $ 

Credit Cost ($/Well) 1 994 $ 

Net Cost ($/Well) 1 994 $ 

TABLE 5-45 

Ten Year Summary 

$ 1 0-$1 8 
Credit Phase-Out 

3,869 

32,71 8 

76 

364 

250 

1 37 

20, 1 01 

1 ,802 

970 

4.77 

3.29 

94,081 

64,61 6 

$8-$20 CYCLE PRICE TRACK; MARGINAL COST BASIS 
(WELLS DRILLED AFTER 1 995 ONLY) 

Incremental Costs & Benefits $1 0-$1 8 
of Marginal Oil Well Credit Credit Phase-Out 

Wells Saved # of Wells 4,894 
(average over period) 

Wells Receiving Credit # of Wells 30,081 
(average over period) 

Incremental Production M M BOE 50 

Credit Paid 1 994 $MM 484 

Net Federal Cost 1 994 $MM 41 2 

State & Local Revenues 1 994 $MM 87 

Employment Labor-Years 1 9,603 

GOP 1 994 $MM 1 , 1 46 

Imports Avoided 1 994 $MM 61 6 

Credit Cost ($/BOE) 1 994 $ 9.60 

Net Cost ($/BOE) 1 994 $ 8.24 

Credit Cost ($/Well) 1 994 $ 98,897 

Net Cost ($/Well) 1 994 $ 84, 1 85 
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TABLE 5·46 

Ten Year Summary 
1 994 AEO HIGH PRICE TRACK; MARGINAL COST BASIS 

(NEGATIVE TAXES ALLOWED) 

Incremental Costs & Benefits $1 4-$20 
of Marginal Oil Well Credit Credit Phase-Out 

Wells Saved # of Wells 2,851 
(average over period) 

Wells Receiving Credit # of Wells 1 37,754 
(average over period) 

Incremental Production M M BOE 1 7  

Credit Paid 1 994 $MM 1 ' 1 81 

Net Federal Cost 1 994 $MM 1 ,099 

State & Local Revenues 1 994 $MM 78 

Employment Labor-Years 25,937 

GDP 1 994 $MM 463 

Imports Avoided 1 994 $MM 279 

Credit Cost ($/BOE) 1 994 $ 70.71 

Net Cost ($/BOE) 1 994 $ 65.80 

Credit Cost ($/Well) 1 994 $ 41 4,226 

Net Cost ($/Well) 1 994 $ 385,465 
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Figure 5-52. Ten Year Summary-Base Case Analysis, No MWC 
(Marginal Cost). 
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Section D 
Improved EOR Credit Analysis 
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TABLE 5-47 

POTENTIAL IMPACT OF EXTEN DING THE EOR TAX CREDIT TO AMT TAXPAYERS 
(Constant $1 0.00 per Barrel Oil Price) 

1 0  Year 25 Year 

Base Increment Base Increment 

Credit: Current Current Expanded Expanded Current Current Expanded 

Abandonment Rate: 3.50% 0.00% 3.50% 0.00% 3.50% 0.00% 3.50% 

Cumulative Reserves 
Developed (MMBOE): 1 0  3 6 1 1  38 21 22 

Cumulative Incremental Oil 
Produced (MMBOE): 3 1 2 3 26 1 4  1 5  

Cumulative Jobs Added 
(Labor-Years): 489 1 39 294 51 7 4,1 55 2, 1 80 2,435 

Cumulative State/Local 
Taxes ($Mill ions) : 4 1 3 5 23 1 3  1 5  

Cumulative I mports Avoided 
($Mil l ions): 34 1 0  21 36 292 1 53 1 71 

Cumulative GOP Added 
($Mil l ions): 54 1 5  33 57 462 242 271 

Cumulative Credit Cost 
($Mil l ions): 1 .51 0.46 1 .51 2.43 9.88 5.21 9.88 

Credit Cost ($/Incremental 
BOE):  0.1 5  0 . 14  0.25 0.21 0.26 0.24 0.45 

Expanded 

0.00% 

56 

37 

5,869 

36 

41 3 

652 

20.29 

0.37 
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TABLE 5-48 

POTENTIAL IMPACT OF EXTENDING THE EOR TAX CREDIT TO AMT TAXPAYERS 
(Constant $1 4.00 per Barrel Oil Price) 

1 0  Year 25 Year 

Base Increment Base Increment 

Credit: Current Current Expanded Expanded Current Current Expanded 

Abandonment Rate: 3.50% 0.00% 3.50% 0.00% 3.50% 0.00% 3.50% 

Cumulative Reserves 
Developed (MMBOE): 77 26 24 58 465 334 1 95 

Cumulative Incremental Oil 
Produced (MMBOE): 23 7 7 1 5  284 1 82 1 1 3  

Cumulative Jobs Added 
(Labor-Years) : 4,894 1 ,41 8 1 ,457 3,306 61 ,499 39,531 24,41 3 

Cumulative State/Local 
Taxes ($Mil l ions) : 35 1 1  1 2  27 291 1 92 1 30 

Cumulative Imports Avoided 
($Mil lions): 344 1 00 1 02 233 4,325 2,780 1 ,71 7 

Cumulative GOP Added 
($Mil l ions): 544 1 58 1 62 367 6,833 4,392 2,71 3 

Cumulative Credit Cost 
($Mil l ions): 1 1 .69 3.71 1 1 .69 1 9. 1 1 1 47.28 1 06.09 1 47.28 

Credit Cost ($/Incremental 
BOE) : 0.1 5  0. 1 4  0.49 0.33 0.32 0.32 0.76 

Expanded 

0.00% 

682 

374 

81 , 1 47 

41 8 

5,707 

9,01 6 

359.45 

0.53 



TABLE 5-49 

POTENTIAL IMPACT OF EXTENDING THE EOR TAX CREDIT TO AMT TAXPAYERS 
(Constant $18 .00 per Barrel Oil Price) 

1 0  Year 25 Year 

Base Increment Base Increment 

Credit: Current Current Expanded Expanded Current Current Expanded 

Abandonment Rate: 3.50% 0.00% 3.50% 0.00% 3.50% 0.00% 3.50% 

Cumulative Reserves 
Developed (MMBOE): 224 77 78 1 81 1 ,523 1 , 1 37 542 

Cumulative Incremental Oil 
Produced (MMBOE): 65 1 9  22 48 909 606 322 

Cumulative Jobs Added 
(Labor-Years): 1 7,869 5,21 1 6, 1 59 1 3, 1 70 248,856 1 65,982 88,081 

Cumulative State/Local 
Taxes ($Mil l ions) : 1 24 40 44 98 1 , 1 81 81 3 445 

Cumulative Imports Avoided 
($Millions): 1 ,257 366 433 926 1 7,500 1 1 ,672 6, 1 94 

Cumulative GDP Added 
($Millions): 1 ,985 579 684 1 ,463 27,651 1 8,442 9,787 

Cumulative Credit Cost 
($Mil lions): 43.43 1 3.73 43.43 70.89 538.49 384.45 538.49 

Credit Cost ($/Incremental 
BOE) :  0. 1 9  0. 1 8  0.56 0.39 0.35 0.34 0.99 

Expanded 

0.00% 

2,087 

1 ,1 45 

31 3,327 

1 ,569 

22,034 

34,8 1 4  

1 ,307.40 

0.63 
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TAB LE 5-50 

POTENTIAL IMPACTS OF EXTENDING THE EOR TAX CREDIT TO INFILL DRILLING/WATERFLOOD PROJECTS 
(Constant $1 0.00 per Barrel Oil Price) 

1 0  Year 25 Year 

Base Increment Base Increment 

Credit: Current Current Expanded Expanded Current Current Expanded Expanded 

Abandonment Rate: 3.50% 0.00% 3.50% 0.00% 3.50% 0.00% 3.50% 0.00% 

Cumulative Reserves 
Developed (MMBOE): 535 1 62 1 01 294 984 483 1 86 760 

Cumulative Incremental Oil 
Produced (MM BOE): 1 74 46 33 87 804 347 1 52 565 

Cumulative Jobs Added 
(Labor-Years) : 27,869 7,307 5,258 1 3,944 1 28,624 55,581 24,266 90,332 

Cumulative State/Local 
Taxes ($Mil l ions): 75 1 8  1 6  39 450 1 90 72 292 

Cumulative Imports Avoided 
($Mil l ions) : 1 ,960 51 4 370 981 9,045 3,909 1 ,706 6,352 

Cumulative GOP Added 
($Mil l ions): 3,097 812 584 1 ,549 14 ,292 6, 1 76 2,696 1 0,037 

Cumulative Credit Cost 
($Mill ions): 0.00 0.00 298.74 389.26 0.00 0.00 549. 1 1  81 8.55 

Credit Cost ($/Incremental 
BOE) : 0.00 0.00 2.96 1 .32 0.00 0.00 2.96 1 .08 



TABLE 5-51 

POTENTIAL IMPACTS OF EXTENDING THE EOR TAX CREDIT TO INFILL DRILLING/WATERFLOOD PROJECTS 
(Constant $1 4.00 per Barrel Oil Price) 

1 0  Year 25 Year 

Base Increment Base Increment 

Credit: Current Current Expanded Expanded Current Current Expanded Expanded 

Abandonment Rate: 3.50% 0.00% 3.50% 0.00% 3.50% 0.00% 3.50% 0.00% 

Cumulative Reserves 
Developed (MMBOE): 678 205 70 296 1 ,246 61 1 1 28 802 

Cumulative Incremental Oil 
Produced (MMBOE): 221 58 23 86 1 ,01 8 440 1 05 590 

Cumulative Jobs Added 
(Labor-Years): 47,840 1 2,544 4,9 1 7  1 8,750 220,794 95,41 1 22,694 1 27,9 12  

Cumulative State/Local 
Taxes ($Mil l ions) : 1 28 32 22 59 750 31 7 93 450 

Cumulative Imports Avoided 
($Mil lions): 3,364 882 346 1 ,31 9 1 5,527 6,71 0 1 ,596 8,995 

Cumulative GOP Added 
($Mil l ions): 5,31 6 1 ,394 546 2,083 24,533 1 0,601 2,522 1 4,21 2  

Cumulative Credit Cost 
($Mil l ions): 0.00 0.00 489.90 638.35 0.00 0.00 900.49 1 ,342.35 

Credit Cost ($/Incremental 
BOE):  0.00 0.00 7.03 2. 1 5  0.00 0.00 7.03 1 .67 



TABLE 5-52 

POTENTIAL IMPACTS OF EXTENDING THE EOR TAX CREDIT TO INFILL DRILLING/WATERFLOOD PROJECTS 
(Constant $18.00 per Barrel Oil Price) 

1 0  Year 25 Year 

Base Increment Base Increment 

Credit: Current Current Expanded Expanded Current Current Expanded Expanded 

Abandonment Rate: 3.50% 0.00% 3.50% 0.00% 3.50% 0.00% 3.50% 0.00% 

Cumulative Reserves 
Developed (MMBOE): 785 238 28 275 1 ,443 708 52 786 

Cumulative Incremental Oil 
Produced (MMBOE): 255 67 9 79 1 , 1 79 509 43 571 

Cumulative Jobs Added 
(Labor-Years) : 69,924 1 8,335 2,536 21 ,536 322,721 1 39,456 1 1 ,702 1 56,21 4 

Cumulative State/Local 
Taxes ($Mil l ions) : 1 97 49 1 7  71 1 , 1 35 480 68 578 

Cumulative Imports Avoided 
($Mil l ions): 4,9 1 7  1 ,289 1 78 1 ,5 14  22,695 9,807 823 1 0,986 

Cumulative GOP Added 
($Mil l ions): 7,769 2,037 282 2,393 35,858 1 5,495 1 ,300 1 7,357 

Cumulative Credit Cost 
($Mill ions): 0.00 0.00 638.28 831 .68 0.00 0.00 1 , 1 73.22 1 ,748.90 

Credit Cost ($/Incremental 
BOE) : 0.00 0.00 22.42 3.02 0.00 0.00 22.42 2.22 
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Section E 
Inactive Well Incentive Analysis 
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TABLE 5-53 

ESTIMATED ORPHANED AND IDLE WELLS IN THE UNITED STATES 

Oil Gas Injection Total 

Alabama 231 ( 1 3%) 1 ,490 {82%) 95 {5%) 1 ,81 7 

Alaska 1 5  (55%) 1 1  (41 %) 1 (4%) 27 

Arizona 1 4  {82%) 2 (1 2%) 1 (6%) 1 7  

Arkansas NO DATA 

California 29, 1 91 (80%) 850 {2%) 6,451 (1 8%) 36,492 

Colorado 1 ,224 (40%) 1 ,650 {54%) 1 88 (6%) 3,062 

Rorida 99 (89%) 1 2 {1 1 %) 0 1 1 1  

I l l inois 4,374 (86%) N/A 727 (1 4%) 5,1 01 

Indiana* 887 0 1 09 996 

Kansas* 1 1 ,390 3,027 1 ,782 1 6,200 

Kentucky 1 5,500 (83%) 3,200 (1 7%) N/A 1 8,700 

Louisiana* 1 1 ,793 6,634 2,277 20,705 

Michigan 1 ,01 0 (77%) 299 (23%) N/A 1 ,309 

M ississippi* 1 ,921 542 304 2,768 

Missouri 1 34 (1 00%) 0 0 1 34 

Montana 2,800 (68%) 1 ,300 (32%) N/A 4, 1 00 

Nebraska 504 {65%) 39 (5%) 229 (30%) 772 

Nevada 1 5 (1 00%) 0 0 1 5  

New Mexico 3,025 (68%) 1 ,250 (28%) 1 50 (3%) 4,425 

New York* 1 ,326 1 ,909 400 3,636 

North Dakota 71 4 (85%) 28 (3%) 1 00 {1 2%) 842 

Ohio* 872 1 ,023 234 2, 1 30 

Oklahoma 1 ,957 (73%) 21 5 (8%) 500 (1 9%) 2,672 

Pennsylvania 299 (57%) 218  (42%) 8 {1 %) 525 

South Dakota 1 3  (57%) 218  (42%) 8 {1 %) 525 

Tennessee N/A N/A 9 (1 00%) 9 

Texas* 36,552 9 ,138 5,646 51 ,336 

Utah 61 3 250 1 06 970 

Virginia* 8 275 35 31 9 

West Virginia* 6,232 1 4,543 2,567 23,343 

Wyoming 9,404 1 ,488 1 ,482 1 2,374 

TOTAL 1 42,1 1 8  49,403 23,401 21 4,894 

* Breakdown between oil and gas wells not reported by state; distribution based on the number of 
producing oil and gas wells in the state. Injection well estimates based on fraction in those states reporting 
breakdown. 

Source: Interstate Oil and Gas Compact Commission, A Study of Idle Oil and Gas Wells in the 
United States, December 1 992. 
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TABLE 5-54 

ESTIMATED BENEFITS FROM THE INACTIVE WELL INCENTIVE 
ASSUMING SAME TYPICAL WELL, REDUCED VALUE OF THE INCENTIVE 

Incremental Costs and 
Benefits of the 5 Year 1 0  Year 

Inactive Well Incentive 

$1 0/bbl $14/bbl $1 8/bbl $1 0/bbl $14/bbl $1 8/bbl 

Incremental Production 1 80 1 80 1 80 263 297 306 
(MMBOE) 

Incremental Federal -1 37 90 31 9 -320 -53 31 7 
Revenues ($ Mil l ions) 

Corporate Income -227 -39 1 48 -453 -269 22 

Personal Income 40 56 72 59 93 1 23 

Royalty Holder 50 74 1 00 74 1 24 1 71 

Incremental State and Local 1 63 271 379 223 421 61 5 
Revenues ($ Mi l lions) 

Production 1 84 258 331 273 431 569 

Corporate Income -35 -6 23 -70 -42 3 

Personal Income 1 3  1 9  24 20 31 41 

Royalty Holder 8 1 1  1 5  1 2  1 9  27 

Reduction in Trade Deficit 2,025 2,746 3,466 2,957 4,528 5,885 
($ Mi l lions) 

Incremental Employment 
(Labor-Years) 

Direct 7,363 9,71 8 1 2,072 9,566 1 4,879 1 9,598 

Total 20,752 27,375 33,997 26,929 41 ,880 55, 1 62 
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TABLE 5-55 

ESTIMATED BENEFITS FROM THE INACTIVE WELL INCENTIVE 
ASSUMING A LOWER RATE TYPICAL WELL, REDUCED VALUE OF THE INCENTIVE 

Incremental Costs and 
Benefits of the Inactive 5 Year 1 0  Year 

Well Incentive 

$10/bbl $14/bbl $1 8/bbl $10/bbl $1 4/bbl $18/bbl 

Incremental Production 48 53 53 53 1 02 1 07 
(MM BOE) 

Incremental Federal - 106 -56 8 - 1 20 -1 52 -35 
Revenues ($ Mi l l ions) 

Corporate Income -1 28 -93 -40 -1 45 -222 - 131  

Personal Income 1 0  1 6  20 1 1  30 40 

Royalty Holder 1 3  21 28 1 4  40 56 

Incremental State and Local 30 63 93 33 1 1 4 1 78 
Revenues ($ Mi ll ions) 

Production 46 72 92 51 1 38 1 85 

Corporate Income -20 - 14  -6 -22 -34 -20 

Personal I ncome 3 5 7 4 1 0  1 3  

Royalty Holder 2 3 4 2 6 9 

Reduction in Trade Deficit 540 81 7 1 ,031 598 1 ,559 2,050 
($ Mill ions) 

Incremental Employment 
(Labor-Years) 

Direct 2,573 3,772 4,435 2,645 5,456 7,361 
Total 7,270 1 0,652 1 2,51 8 7,467 1 5,375 20,746 
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Chapter Six 

State Incentives 

OVERVIEW 

Over the years, state legislators and governors have acknowledged the im
portance of commercial activities to their state and local economies . In return, 
the oil and gas industry has enjoyed economic support granted by state officials 
who understand how these benefits promote local commerce and economic 
growth. There is a long history of effective regulation of the oil and natural gas 
industry by state governments. Oil and gas revenues have been important sources 
of general revenue collections flowing into state coffers. Importantly, in many oil 
producing regions of our nation the revenues derived from state royalties on oil 
and gas properties have provided significant funding for educational systems. 

The cooperation among oil and gas producers and state officials has been 
recognized as an important strength in helping local economies prosper and 
grow. This tradition of cooperation continues today. To preserve the fragile na
ture of the oil and gas industry in today's environment of low oil prices, many 
state governments have instituted programs to preserve domestic oil and gas 
fields. These programs typically take on one of two forms. The first and most 
widely used are tax reduction schemes based on production levels. Second, sev
eral states have well reactivation and investment incentive programs. 

The following represents information collected from a review of the activ
ities and programs in 29 producing states. These 29 states claim 509,292 oil wells 
within their borders, representing 87 percent of the 586,058 total wells in the lower-
48 states. Many of the states have varying definitions of marginal wells; therefore, 
in the following discussion, the term "marginal" applies generically to marginal 
wells and not a specific definition. Over 72 percent or 21  of these states have rec
ognized the need and value of taking actions to help preserve marginal oil and gas 
properties and the important domestic reserves yet to be produced by granting 
relief, in one form or another, from state production taxes. Sixteen states have 
enacted some form of tax relief for marginal wells and seven of the sixteen states 
have completely eliminated state taxes on at least a portion of marginal well 
production. The sixteen states protecting their 149,000 marginal wells represent 
approximately 30 percent of the wells producing 15 barrels of oil equivalent per 
day (BOE/D) or less in the United States. The nation's remaining 329,000 mar
ginal wells, producing 15 BOE/D or less, do not receive any special tax treatment. 

The most common method of providing continued economic viability for 
marginal wells into the future is through a reduction in the state production 
taxes. However, some of the largest producing states (and those most dependent 
on the tax revenue) have not enacted any special tax relief for marginal oil or gas 
production. Another method adopted to help stimulate production on marginal 
properties is providing some economic incentive to producers to undertake 
enhanced oil recovery (EOR) projects. Eleven states have some EOR incentives 
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that can apply to nearly 368,000 oil wells, or 63 percent of all the oil wells in the 
United States. 

Other tax incentives currently provided to industry are designed to encour
age new drilling, new field discoveries, horizontal drilling, and 3-D seismic explo
ration. In fact, several states believe that there are important local benefits to be 
gained by adopting aggressive tax treatment aimed at returning shut-in or idle 
wells to a producing status. 

At this time, only eight of the states surveyed have not enacted some form of 
tax relief to the oil and gas industry. These eight states have 77,032, or 13 percent, 
of the oil wells in production. Generally, these states would be classified as low 
volume producers, although three states-West Virginia, Kentucky, and Ohio
represent 68,430 of the 77,032 wells in this group. 

Certainly every incentive passed provides an economic boost for some part 
of the ailing oil and gas industry. It is important that state and federal govern
ment recognize the global economic competition for oil and gas investment cap
ital. Incentives attract investors by making the industry more competitive in the 
state. However, the United States seems to be falling behind in the global race for 
exploration and development capital when compared to other countries. For ex
ample, Alberta, Canada, provides a variable tax scheme that fluctuates with oil 
price, oil production levels, and other factors such as water produced. 

MARGINAL WELL INCENTIVE PROGRAMS 

To date, state activities to protect marginal wells have focused on reductions 
in the production taxes collected from these wells (see Table 6-1). Sixteen of the 
states surveyed have taken some steps to ensure the longevity of their marginal 
wells .  

While the most prevalent action consists of a reduction in the tax rate, seven 
states have taken some action to eliminate the tax burden for various combina
tions of their marginal wells. Three states with very marginal production (New 
York, Pennsylvania, and Illinois) do not collect production taxes.  Kansas is the 
largest producing state to eliminate production taxes on some wells. Kansas has 
eliminated taxes on oil wells making two barrels a day or less , and on oil wells 
more than 2,000 feet deep that make less than six barrels a day. In another ex
ample, in Utah, oil wells producing less than 20 barrels per day and gas wells 
making less than 60 thousand cubic feet a day are exempt from production taxes. 
Table 6-1 provides additional detail for Kansas and the remaining two states, 
Colorado and Montana. 

The remaining nine of the sixteen states have also taken significant steps to 
reduce the oil and gas industry's tax burden. The tax reductions range from 20 to 
75 percent in these states, but it is difficult to evaluate the impact and compare the 
different state tax regimes, because of the wide variations in the production taxing 
schemes. Louisiana, for example, collects 12.5 percent of the gross revenue from 
many wells, and 6.25 percent from oil wells lifting between 10 and 25 barrels a day 
if the wells produce more than 50 percent water. Louisiana recently suspended 
the 3. 125 percent tax on wells producing less than 10 barrels of oil per day when 
the price of oil falls below $20 per barrel. 
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Table 6-1 

State Oil and Gas Tax Structures and Incentives 

Special Treatment for Special Treatment for Special Treatment for 
Corporate Marginal and SecondaryfTertiary New Development Workovers, 

State Income Tax Production Taxes Stripper Production Recovery Projects Idle Wells, etc. 

AI.. 5.0% of taxable Oil and Gas-If drilled before 7/1/88: 6.0% of revenue on wells <25 80/D or Incremental production from Offshore production from greater than 18,000 feet 
income with 27.5% Onshore--8.0%, offshore-6.0% of 200 MCF production. approved secondary or tertiary below sea level taxed at 6.0% (4.0% privilege and 
depletion allowance. revenue, "privilege tax." projects involving injection of 2.0% production). 

If drilled after 7/1 /88: Onshore--6.0%, fluids is taxed at 6.0% (4.0% A proposal by the Alabama Task Force on 
offshore-6.0% of revenue, "privilege privilege, 2.0% production). exploration and production supports a 5-year 
tax." severance tax exemption for "new discoveries," 
The above, plus 2.0% of revenue, and a 50% exemption for development wells 

"production tax." drilled in connection with the discovery. 

AK 9.4% Oil-1 2.25% of market value for the The economic limit factor takes into None None 
first 5 years, 1 5.0% thereafter or account production volumes from the 
$0.80 per barrel, whichever is lease in question and adjusts the 
greater. Gas--1 0.0% of market value effective tax rate accordingly. Wells 
or $0.064 per MCF, whichever is with low production rates receive 
greater. The result is multiplied by significant tax reductions. However, 
an oil economic limit factor to adjust most low production wells in Alaska 
for high cost or low production wells. would not be considered stripper wells. 

+ $0.00125 per barrel conservation 
tax + 20.0% of tangible investment. 

AR 1 .0%to 6.0% Oil-5.0% of revenue, Gas--$0.005 4.0% of revenue if <1 0 80/D during None Production from discovery wells is 75% exempt 
incremental rate on per MCF (gas); + $0.045 per barrel calendar month. from severance taxes for 5 years after the date of 
net income under + $0.025 per barrel conservation tax certification. 
$100,000. Rat rate of 
6.5% over $100,000. 

+ $300 per pattem drilling tax. 

CA 9.6% $0.0261 09 per barrel oil or 1 0 MCF None None Gas used in pressure-maintenance or other 
gas conservation tax +  2.7% of 
revenue local tax. 

producing operations is tax exempt. 

co 5.0% Oil and Gas--2.0% on first $25,000, Wells <10 80/D exempt. Value of oil and gas leaseholds None 
3.0% on next $75,000, 4.0% on next and lands employing secondary or 
$200,000, and 5.0% on greater than tertiary recovery assess at 75% of 
$300,000. sellin� price of oil and gas sold 
0.0015% of value conservation tax. there rom. 

FL. 6.0% Oil-8.0% of revenue, Gas--$0.128 5.0% of revenue for "small wells" Tertiary oil production taxed at Oil and gas produced and used on-sije is exempt. 
per MCF (effective 7/1/94). (<100 80/D). 5.0% of revenue. 

R.. 6.5% None None None None 

IN 7.C1'1o 1 .0% of revenue or oil at $0.24 per 
barrel, gas at $0.03 per MCF, 

None None None 

whichever is greater. 

KS 6.75% Oil and Gas-8.0% of revenue + Oil - wells <2 80/D exempt; <6 80/D Tertiary production is exempt Production from discoveries in new pools exempt 
$0.0225 per barrel conservation tax. at depths >2,000 ft. exempt; Gas - wells from severance tax. for a period of 24 months. 

with average daily production <$81 per Wells with completion depth of day exempt. less than 2,000 feet and production 
of less than 3 BID by waterflood 
are exempt. 

KY 6.0% Oil and Gas-4.5% of revenue. None None None 



N 0 N 

LA 

Ml 

MS 

MT 

NE 

NV 

N M  

NY 

4.0% 1 st 25K, 5.0% 
2nd 25K, 6.0% next 
501<, 7.0% next 
100K, 8.0% >200K 

2.35% 

3.0% 1 st 51<, 4.0% 
2nd 5K, 5.0% >10K 

6.75% 

6.65% 

4.8% 1st 5001<, 6.4% 
2nd 500K, 7.6% 
>1 million. 

Oil-1 2.5% of revenue, Gas-$0.03 Oil--6.25% if <25 BO/D/50% saltwater, 
per MCF (oil well) or $0.075 per 3. 1 2% if <10 B0/0. Gas-$0.013/MCF 
MCF (gas well). if <250 MCF daily. 

A proposal before the state legislature 
would exempt wells producing 
<1 0 BOlD from severance taxes during 
any month during which oil prices 
average less than $20. 

Oil-6.6% of revenue, Gas-5.0% of 
revenue + 1 .0% of revenue privilege 

4.0% of revenue if production <5 B0/0. 
tax. 

Oil and Gas-6.0% of revenue + None 
$0.035 per barrel or $0.004 per MCF 
oonservation tax. 

Oil-5.0% of revenue, Gas-2.65% of State severance tax: Oil-none; Gas-
revenue, "state severance tax," + <60 MCF, first 30 MCF exempt, rest 
0.7% "privilege and indemnity tax." taxed at 1 .59% of revenue. 
Oil-7.0% of revenue, Gas-12.0% of Local severance tax: Oil--<1 0  BOlD 
revenue, "local net proceeds tax." taxed at 5.0%; Gas-<60 MCF per day 
Oil-8.4% of revenue, Gas--15.25% taxed at 10%. 
of revenue, "local severance tax." 

3.0% of revenue (oil and gas) + 0.1 %  
o f  revenue oonservation tax. 

2% of revenue � production <10 BOlD. 

Oil--$0.050 per barrel, Gas-$0.050 
per 50 MCF. 

None 

Oil and Gas-3.75% of revenue, None 
severance tax. 

+ 3.15% (oil) or 4.0% (gas) of 
revenue privilege tax + 0. 1 8% of 
revenue oonservation tax + 1 . 1 25% 
of revenue local tax. 

None. However, oil and gas None 
properties are taxed at the local 
level, and production is a factor in 
assessing the value of a property. 

None A proposal before the state legislature would add 
the following incentives: 
Production from wells that had 30 days or fewer of 
production over the last 2 years or that have been 
returned to service after 2 years of inactivity 
would be exempt from state severance taxes for 
5 years. 
Any horizontally drilled well or any well drilled to 
a depth of > 15,000 feet would be granted a 24-
month severance tax reprieve beginning on the 
effective date of the legislation. 

None None 

State approved secondary or Oil or gas produced from a disoovery well for 
tertiary production taxed at 3.0%. which drilling oommenced 4/1/94 to 6130/99 is 

exempt from taxation for 5 years. 
Oil or gas produced from a 2-year inactive well is 
exempt from severance taxes for 3 years. 
Oil or gas produced from development wells 
associated with a new pool discovery well taxed 
at 3.0% for 3 years. 
Oil or gas production from a well drilled using 3-D 
seismic technology, taxed at 3.0% for 5 years. 

State severance tax: Incremental Horizontal wells are exempt from net proceeds 
seoondary production taxed at tax for first 1 8  months. 
3.0%; incremental tertiary Crude oil or gas used by operator in oonnection production taxed at 2.0%. with operations is tax exempt. 
Local net proceeds tax: A proposed rule before the state legislature would Incremental seoondary production reduce state severance taxes on new production taxed at 5.0%; incremental tertiary to 3.3%, and local severance taxes on new production taxed at 3.3%. production to 2.0%. 
Local severance tax: Incremental 
seoondary production taxed at 
5.0%; incremental tertiary 
production taxed at 3.3%. 
In proposals before the state 
legislature, local severance taxes 
on incremental production from 
waterfloods would be reduced by 
5.0%. 

None Operators may qualify for tax reductions based on 
capital investments. 

None None 

State approved seoondary or None 
tertiary production taxed at 1 .88%. 

None None 
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N D  

OH 

OK 

PA 

SD 

TN 

TX 

UT 

7.5% 

6.0% 

10.5% 

None 

, 

5.0% 

Oil-1 1 .5% of revenue, Gas-$0.04 5.0% of revenue if qualify as stripper 
per MCF. well: 

(1) <6,000 feet and <10 BID. 
(2) 6,000 to 10,000 feet and <15 BID. 
(3) >10,000 feet and <20 BID. 

Oil--$0.1 0 per barrel, Gas--$0.25 per None 
MCF. 

Oil and Gas-7% of revenue "gross None 
production tax" + 0.095% "petroleum 
excise tax" 

None None necessary 

Oil and Gas--4.5% of revenue + None 
conservation tax of $0.024 of 
revenue. 

3.0% of revenue. None 

Oil-the greater of 4.6% of revenue 
or $0.046 per barrel + $0.00188 per 

None 

barrel conservation tax. Gas-7.5% 
of revenue + $0.00003 per MCF 
conservation tax. 

Oil--3.0% up to first $13 per barrel, Wells producing <20 BO/D or 60 MCF 
5.0% thereafter, Gas--3.0% up to 
first $1 .50 per MCF, 5.0% thereafter 
of revenue over $50,000 (exempt if 

gas are exempt. 

<20 BOlD) + 0.2% of revenue 
conservation tax. 

Production from qualifying Production from new wells completed after 
secondary and tertiary recovery 4127187 taxed at 5.0% for 15 months and 9.0% 
projects is taxed at 9.0%. thereafter. 

Incremental production from Oil produced from a well that is worked over is 
secondary recovery operations 
taxed at 5.0% for 5 years, and 

taxed at 5.0% for one year and 9.0% thereafter. 

incremental production from 
tertiary recovery operations taxed 
at 5.0% for 10 years. Thereafter, 
taxed at 9.0%. 

None None 

Incremental production from New production for 2-year abandoned wells is 
qualified secondary or tertiary taxed at 1% "gross production tax," for a period of 
recovery projects is tax exempt 28 months. Production must commence between 
until payback is achieved. 711194 and 7/1/97. 

Incremental production attributable to workovers, 
recompletions, or other production enhancement 
projects is taxed at 1% "gross production tax'' for 
a period of 28 months. Production enhancement 
must commence between 7/1/94 and 7/1/97. 

Production form deep wells (> 15,000 feet) 
spudded between 7/1194 and 7/1/97 are taxed at 
1 %  "gross production tax'' for 28 months or until 
project payback is achieved, whichever comes 
first. 

Incremental production from drilling horizontal 
wells is exempt from the gross production tax 
until project payback is achieved. Qualification 
under this program expires 7/1/94. 

None None 

None None 

None None 

State approved secondary and 
tertiary recovery projects taxed at 

Oil and gas produced from 3-year inactive wells 
and certified before 8131/95 is exempt from 

2.3%. severance taxes for a period of 10 years. 

Production of high-cost gas, $10,000 tax credit per discovery well spudded 
including gas from co-production during 1 994 if # spudded statewide is greater than 
projects, is exempt from 521 but less than 721. $25,000 tax credit per 
severance taxes until 2001 .  discovery well if # spudded exceeds 721. If over 

842 discoveries are made, each discoverer will 
receive an additional $25,000 for each well drilled 
into the discovery reservoir, regardless of who 
drills it. 

None The first $50,000 annually in gross value of each 
well or wells is exempt from severance taxes. 

The first 1 2  months of production from wildcat 
wells is exempt. 

The first 6 months of production from 
development wells is exempt. 

For workover/completion projects, operators can 
receive a tax credit equal to 20% of expenses for 
enhancing production. 



N 0 � 

VA Oil-0.05% of revenue, Gas-up to None None None 
2.0"/o of revenue; + 1 .0% of revenue 
road tax. 

wv 7.0"/o Oil and gas--5.0"/o of revenue. None None None 

WY None Oil and ;r,s-6.0% of revenue + 4.0% of revenue for production Tertiary production taxed at 4.0% New well workover and recompletion production 
0.06% o revenue conservation tax. <10 80/D. for a period of 5 years. taxed at 4.0"/o for a period of 2 years. 

In the case of C02 injection Wildcat well production taxed at 2.0% for a period 

projects, severance taxes paid on of 4 years. 

the co2 gas are deducted from 
taxable value of the produced oil. 

Alberta, Canada, Oil and Gas Tax Structures and Incentives 

Special Treatment for Special Treatment for Special Treatment for 
Corporate Marginal and Stripper Secondary!T ertiary New Development Workovers, 

Income Tax Production Taxes Production Recovery Projects Idle Wells, etc. 

15.5% of taxable Crown royalty and free hold taxes Low productivity wells pay 5% or the oil Approved costs deducted from As permanent policy, wildcats and deeper pool 
income. using various formulas that are royalty formula, whichever is less. Crown royalty. test wells have 12 month royalty holiday or 

price, production, quality, and vintage $1 ,000,000 (whichever first). 
of the production. Deep gas receives a scaled benefit not to exceed $3.6 million. 

Horizontal wells receive 24 month royalty 
adjustment tied to vertical wells replaced. 

Existing wells converted to horizontal receive 
benefits tied to production volume. 

Sources: 

1 .  Corporate income tax figures were taken from "Production = Jobs & Revenues" (CLEER 1 993), and Table 1 1-1 from the IOGCC Project on Advanced Oil 
Recovery and the states. 

2 .  Production tax figures were taken from the IOGCC "Summary of State Statutes and Regulations for Oil and Gas Production," or  from CLEER 1 993, and 
verified with phone calls to relevant state agencies. 

3. The tax incentives and proposals were gleaned from the IOGCC summary, phone correspondence, and the other sources provided. 

4. Canadian data from "Production = Jobs & Revenues" prepared for Center for Legislative Energy and Environmental Research, December 1 993. 

5.  Oil and Gas Fiscal Regimes of the Western Canadian Provinces and Territories, Alberta Energy, Draft Report 1 994. 



�any states have taken action to exempt marginal gas wells from taxes, 
reflectmg local concern for the viability of the domestic gas industry and the value 
placed on sustaining domestic production for the benefit of local economic needs 
and energy security. It appears these measures were enacted in response to the 
depressed prices experienced for gas until mid-1992, and to address state concerns 
about the loss of marginal gas production and reserves. 

There is no standard state tax regime for the husbanding or guardianship 
of oil and gas properties . While the desire to protect production from marginal 
wells in most states, has existed for some time, the consequence of implementing 
such policies (an apparent loss of some tax revenue at the state level) has made it 
difficult for states to implement programs to protect marginal production. This 
dilemma manifests itself as follows : states with the most to gain economically 
from the protection of the marginal wells are also the most dependent on industry 
tax revenues. 

At this time, thirteen producing states (45 percent) have not enacted mea
sures to protect marginal wells . Although several of these thirteen states have 
enacted EOR, drilling, well reactivation, etc. ,  incentives, no specific action aimed 
at protecting marginal production has been taken. This group of states includes 
Oklahoma, Texas, New Mexico, Ohio, West Virginia, Kentucky, and California
all with large production bases providing a significant percentage of state rev
enues. These seven states represent 334,902 marginal oil wells (wells producing 
15 BOE/D or less) or 68 percent of the marginal oil wells in the United States. 

SECONDARY AND ENHANCED RECOVERY INCENTIVES 

Eleven of the 29 states surveyed have adopted measures to encourage EOR 
projects . The states providing preferential treatment of EOR projects represent 
63 percent of the oil wells in this country. These incentives are different from the 
marginal well incentives in that they encourage new capital investment activity 
and are viewed as a means to generate incremental oil production which contrib
utes a net positive cash flow to the state treasury. Some of the largest producing 
states-including Oklahoma and Texas have adopted this kind of tax incentive. 

The most common approach to the special tax treatment involves a reduc
tion in the taxes collected, principally limited to the incremental oil attributable to 
the project. Generally, the incentives are designed to encourage initiation of EOR 
projects where substantial capital investment is required.  Only three states have 
adopted elimination of taxes in some form. Kansas eliminates taxes on EOR oil, 
and allows a 100 percent exemption for wells producing less than 3 barrels of oil 
per day in water flood projects at depths less than 2,000 feet. Oklahoma's recent 
law eliminates taxes on incremental production until payback of project costs is 
achieved. Texas provides a 50 percent severance tax reduction on all oil produced 
from new EOR projects and a 50 percent tax reduction is allowed on the incre
mental oil produced from reworked and expanded EOR projects . Some states, 
such as California, Montana, and Florida, provide tax exemptions for hydrocar
bons used in pressure maintenance projects or consumed on-site in lease opera
tions. Additional detail on EOR incentives in the remaining eight states is shown 
in Table 6-1 .  
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OTHER STATE TAX INCENTIVES 

Idle Well Incentives 

It is in this area that the desire of the producing states to do something to 
assist the industry most clearly manifests itself. A review of the state incentives 
reflects a recognition of the global competition for oil and gas investment capital. 
This may be characterized as a fairly robust competition among the states to pro
vide the most attractive investment environment. Texas was the first to adopt an 
incentive for the return of shut-in or inactive wells to beneficial production. In 
less than 10 months after the legislation was effective, similar proposals had al
ready been adopted by five states and were being considered in others. 

Several states (Texas, Kansas, Mississippi, Oklahoma, and Louisiana) have 
passed tax incentives to return shut-in wells to production. These generally grant 
a 100 percent severance tax break for a period of time that varies from three years 
to ten years. In order to qualify for the incentive, a well must be certified as inac
tive for a period that ranges from two to three years . Early results of the Texas 
program indicate that 1,852 wells were returned to productive status in 1993 and 
early 1994. Benefits of this program are estimated to provide a net annual eco
nomic gain of $692 million. 

Drilling and Well Work Incentives 

Six states are encouraging new exploration by passing incentives for new 
discoveries. This list includes Arkansas with a 75 percent five-year tax reduction 
on new discovery wells; Kansas with a 100 percent tax reduction for two years; a 
100 percent five-year tax exemption in Mississippi; Utah exempts production from 
wildcat wells for the first year; Wyoming has a 66 percent tax reduction on wild
cats for four years; and Texas has a variable tax credit depending on discoveries 
exceeding a threshold level of 520. 

Several states have seen the benefits from encouraging in-fill or develop
mental drilling. Among these are Mississippi, which grants a three-year 50 per
cent tax reduction for development wells. North Dakota grants a 56 percent re
duction for 15 months for all new wells, and a 22 percent reduction thereafter. 
Utah grants a 100 percent exemption for 6 months on development wells, as well 
as exempting the first $50,000 in the gross value from each well from taxes. 

Other tax breaks are given for horizontally drilled wells, "workovers," and 
in one case (Mississippi) for wells drilled using 3-D seismic technology. Alabama 
allows a tax reduction for offshore wells deeper than 18,000 feet. 

OTHER PROPOSALS 

Three states have recently enacted or have additional incentive proposals 
pending before their legislatures. The states are Alabama, Oklahoma, and Mon
tana. These packages focus on new drilling and new production incentives . 
Louisiana, however, is seeking to encourage the return of their inactive wells to 
production, and provides a two year exemption for horizontal wells or any well 
drilled to a depth greater than 15,000 feet. The wide-ranging Oklahoma proposal 
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has all the above features, and includes a two-year exemption for "workovers" and 
re-com pletions . 

The Texas Railroad Commission is developing a package (currently in 
draft) to introduce in their next legislative session in January of 1995, that pro
poses 100 percent tax exemptions for wells making less than three barrels a day. 
It will also include a no-cost incentive for marginal wells. This program would 
grant a one-barrel "chit" for each BOE of production from each new well drilled. 
That chit could then be used to exclude one BOE of production from any existing 
marginal well in the state. 

Texas is also considering a program to reduce well abandonments by delay
ing them into the future to await technological changes and improved prices by 
acting as a holding company. Any sound well about to be plugged, could be given 
to the state to hold by paying 75 percent of the plugging cost into a fund. Wells 
could be purchased from the state by anyone owning a valid lease and paying the 
full plugging cost. The wells would be made available for research in the interim. 

ALBERTA, CANADA 

The province of Alberta has adopted virtually every type of incentive that 
has been discussed so far. In the global competition for economic resources, they 
clearly are one of the leaders. The production taxes and the Crown royalty vary 
according to the price and other factors, which provide relief to producers during 
periods of low oil prices and producers with marginal wells . They also factor in 
age of the wells and type of crude oil as part of the determination of taxes owed. 
Once a prospect is drilled, the taxes and crown royalties paid will fluctuate up
ward and downwards during high and low price cycles. In addition, wells receive 
reduced tax treatment when they become marginal. 

CONCLUSIONS 

The range of programs that have been enacted by the states to revitalize 
their oil and gas industry are as diverse as the states themselves . Of the 29 states 
surveyed, only Indiana, Nevada, New York, Ohio, Tennessee, Virginia, West Vir
ginia, and South Dakota have yet to respond to the current industry plight with 
any incentives. At the same time, 72 percent of the states have taken positive 
action on behalf of the industry. Although this group includes most of the major 
producing states, several states such as California and Kentucky have substan
tially smaller programs than the more active states. 

State legislatures and committees are deliberating tax incentives for mar
ginal wells (or for other oil and gas activities). Many states have taken the lead in 
providing oil and gas well incentives to help maintain production and to protect 
the reserves they represent. Even in these times of growing budget priorities and 
pressure to increase revenues, many state governments have recognized the eco
nomic benefits of providing incentives for businesses , while perhaps forgoing 
some income in the short term. They have taken these actions because they rec
ognize that a supply-side approach, will in the longer run, sustain and generate 
greater state revenues than would have been achievable in the absence of pro-
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viding such incentives . States that have undertaken supply-side incentives are 
aware that they are dynamic in nature, and that there is a lag in the time it takes 
to realize increased revenues . The states are willing to propose programs that 
grow in return over time. By contrast, the federal government's budget process 
requires that any revenue decline (or incentive expense) must be offset with new 
Income. 

Importantly, some states are at the forefront of protecting domestic oil and 
gas exploration and production. It is critical that these wells be given the eco
nomic opportunity to maintain their beneficial production for our country. In
deed, some combination of benefits from every level of government may represent 
the maximum realization of what is possible for marginal production. 
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Chapter Seven 

Regulatory Issues 

OVERVIEW 

Environmental and regulatory compliance costs impact the operation of 
marginal wells and can influence premature abandonment of marginal wells . A 
recent study in California concludes that environmental compliance has been 
estimated to range from 9 to 27 percent of lifting costs .l  

There are three important messages in this chapter. The first is  that regu
latory requirements can have a profound impact on the economics of marginal 
wells. The requirements placed on domestic oil and gas operators with the intent 
of environmental protection and regulatory compliance are becoming increas
ingly complex and costly. Compliance costs are a large portion of total operating 
costs for marginal producers and are one of the items over which the operator has 
the least control. 

The second message is that regulatory simplification can benefit the indus
try and government without compromising environmental protection. This can 
be accomplished by eliminating unnecessary duplicative or overlapping require
ments, streamlining reporting, and similar measures that can generate cost 
savings for marginal producers . 

Finally, the third and most important message is that the government's 
statutory and regulatory processes affecting the oil and gas industry must be 
reformed. There needs to be a fundamental re-examination of the manner in 
which statutory mandates are set and agencies approach and carry out their 
statutory requirements. At both the legislative and regulatory levels, there is a 
need to develop procedures and regulatory approaches that better consider the 
risks posed and the costs and benefits of environmental protection requirements. 
Balancing these costs and benefits more effectively will generate additional 
savings that benefit production from marginal wells without endangering the 
environment. 

The exploration and production (E&P) community is increasingly con
cerned that the relationship between regulatory action, evaluation of benefits, and 
economic consequences is not adequately defined or a concern among regulators. 
Many regulatory actions discussed in this . section lack this connection. Risk and 
benefits analyses should be applied to environmental controls imposing signif
icant costs to the oil and gas industry. Consequences, both social and economic, 
should be quantified. Command and control type environmental regulations are 
generally less efficient than market incentive type controls; and their use should 
be minimized to the extent practical. 

1 Foster Associates, California Production Profile, 1993. 
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There are a number of recent developments in the federal government that 
are obvious attempts to move in this direction. The recent effort of Environmental 
Protection Agency (EPA) Administrator Browner to develop a "holistic" approach 
to regulation, commonly referred to as the "Green Sectors" initiative is a starting 
point for regulatory reform in the environmental area. This effort is designed to 
bring together the various federal, state, and regulatory authorities and disci
plines within each group (air, water, etc.) and integrate them into project teams 
to: 

• Identify the need to change EPA priorities, generally driven by federal 
statute, to better target the mo'st serious risks 

• Enhance efforts to address high risks through near-term actions, such 
as multi-media enforcement efforts, outreach activities, and technical 
assistance 

• Increase the cost-effectiveness of particular rulemakings through the 
use of innovative, multi-media approaches such as pollution prevention 
and economic incentive approaches 

• Improve management efficiency by reducing duplication of effort with 
the EPA and -other agencies, eliminating redundant regulatory require
ments, and jointly collecting data 

• Improve communication with outside groups by enhancing information 
on EPA activities available to interested groups and providing a forum 
for comprehensive discussion of particular problem areas 

• Examine broad strategic questions and set the EPA's overall agenda for 
the problem area. 

This initiative will serve as a beginning for serious discussion relating to regula
tory flexibility, cost/benefit analysis, and risk assessment. However, the funda
mental problem in the Green Sector program is the limits, established in law, on 
what can be achieved. For example, the effort most often cited as a success of this 
approach, the Amoco Yorktown study, was, in many ways, the opposite. Many, if 
not most, of the recommendations cannot be implemented due to the inflexible 
language in the law, i .e . ,  mandated actions, no requirement for cost/benefit bal
ancing, etc. 

The efforts on the part of the Department of Energy to streamline overly 
complex regulatory processes, without compromising protection of the environ
ment and the public interest are also steps in the right direction. In the Domestic 
Oil and Gas Initiative, the DOE outlined a plan, in response to the Vice Presi
dent's National Performance Review, for improving coordination among regula
tory agencies, eliminating redundant or unnecessary regulation, and avoiding 
duplication. Also, President Clinton's directive to establish an interagency team 
to examine the cost burdens that environmental regulation places on industry are 
additional attempts by the federal government to achieve balance in regulation. 

The domestic oil and gas industry of today faces a wide range of federal, 
state, and local environmental regulations, which continue to evolve and become 
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more stringent. The domestic industry overall has been in decline since 1985 as 
evidenced by the decline in active rig counts, production, loss of jobs, and dimin
ished revenues. It is important to note that during this period of unpredictable 
conditions, the number of wells being abandoned has reached an alarming rate 
due to increasing costs and decreasing revenue. Many of these abandonments 
involved wells still capable of producing, some of which had considerable remain
ing reserves and resource access for current or future enhanced recovery tech
nologies . However, as new legislative and regulatory requirements have been 
imposed and costs have increased the number of marginally economic wells, the 
production from those wells, and the future resource potential represented by 
those wells has been lost as producers can no longer afford to operate. Once a well 
is plugged, it is highly unlikely that a replacement well for EOR will be drilled at 
some future date in the same reservoir. The loss of such resources, and the 
production from them, has serious negative implications on our nation's energy 
security. 

As mentioned in a recent Department of Energy study of the impacts of 
future environmental regulatory requirements on the industry: 

. . .  the future recovery of this resource presupposes that existing wells, 
producing reservoirs, and the existing infrastructure will be avail
able, and that operators can retain the rights to produce oil from spe
cific reservoirs. Once these reservoirs are abandoned, the resource 
associated with the reservoirs becomes essentially inaccessible to 
future development within the range of prices generally considered 
likely over the next 15 to 20 years, even with further improvements in 
recovery technologies. 

As well abandonments erode access to the remaining resource, fewer 
future recovery projects, particularly those utilizing advanced recov
ery technologies, will be economically justifiable. These projects will 
not recover sufficient oil to justify both the high start-up costs asso
ciated with advanced recovery technologies and the costs of redrilling 
new wells or re-entering old wells in abandoned reservoirs. As the 
costs of compliance with environmental regulations increase, the 
costs of operating marginally e'conomic wells in producing reservoirs 
will increase, resulting in the accelerated abandonment of these 
wells. The impact of the increased and present compliance costs are 
consequently two-fold. First, reserves are lost because of the earlier 
abandonment of these wells. Second, access to the remaining resour
ces associated with these abandoned wells will be lost, and hence, the 
potential future production from advanced recovery technologies in 
reservoirs containing these wells will be economically prohibitive.2 

It is difficult to analyze and quantify the impact of current environmental 
regulatory requirements because many of the costs are not recorded as unique 
features of overall operating expenditures. These costs are a routine day-to-day 
part of operations . Quantifying regulatory cost is further aggravated by the fact 
that many regulations (particularly land use regulations) add an unrecognized 

2 U.S. Department of Energy, Potential Cumulative Impacts of Environmental Regulatory 
Initiatives on U.S. Crude Oil Exploration and Production, 1990. 
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burden in lost opportunities. These costs are incurred where projects are aban
doned or not pursued to completion because permit costs, delays, and require
ments cause the project to become uneconomic. To the extent that this is true, the 
costs reported for this category of environmental regulations are lower than the 
actual lost opportunity costs to the industry. For a variety of reasons, therefore, it 
is extremely difficult to quantify the cost of current regulation on the E&P com
munity. 

REFORM NEEDED IN COMPLEX REGULATORY ENVIRONMENT 

Federal, state, and local agencies manage dozens of regulatory require
ments for the E&P industry. As mentioned previously in this chapter, regulatory 
reform could benefit the industry without compromising protection for the envi
ronment. A good example of regulatory overlap contributing to regulatory in
efficiencies and high compliance costs was noted in a 1992 study commissioned by 
the U.S.  DOE to evaluate the economic viability of small independent producers in 
Kern County, California.3 This study indicated that over 40 different regulatory 
agencies have jurisdiction over some aspect of the petroleum industry in Califor
nia. In addition, over 150 different statutes and regulations impact oil and gas 
operations; 32 percent of the 150 regulations are subject to multiple jurisdictional 
levels; and 33 percent of the 150 regulations overlap each other in terms of the 
activities that they regulate. 

On the federal level alone, there are a vast number of laws and regulations 
that energy producers must deal with. It should be noted that many of these laws 
and regulations have additional state and. local authorities claiming redundant 
enforcement responsibility. Tables 7-1 through 7-7 are general listings that dem
onstrate the multitude of agencies and issues with which the industry must con
cern itself. 

These various agencies, regulating oil and gas activity, exercise jurisdiction 
under a complex set of laws and administrative regulations. Over time, the incre
mental development of such a regulatory system can result in overlapping regula
tory jurisdictions and duplication. This prol;>lem is apparent with laws and regu
lations applying to the exploration and production of oil and gas. 

This "patchwork" of agencies and different regulatory authorities leads to 
regulatory and enforcement overlaps and duplication as agencies move to imple
ment the perceived extent of their authority. Resource management, water qual
ity protection, waste management controls, air emissions controls, or employee 
safety, when broadly defined, are all interrelated. Consequently, one agency's 
authority is likely to lead directly into the regulations and authority of another 
agency as they expand their sphere to fully oversee operations within their pri
mary responsibility.4 

3 Jack Caufield, Regulatory Economic Impact on Independent Oil Producers in Kern 
County, California, Submitted to U.S. Department of Energy under Contract No. DA-AA01-
92FE62540.AOOO, December 1992. 

4 Foster Associates, California Production Profile, 1993. 
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TABLE 7-1 

PRODUCED WATER MANAGEMENT 

Law or Regulation 

Federal Safe Drinking Water 
Act 

Clean Water Act 

Law or Regulation 

Resource Conservation & 
Recovery Act (RCRA) 

Federal Comprehensive 
Environmental Re-
sponse, Compensation 
and Liability Act 
(CERCLA) 

Toxic Substances Control 
Act (TSCA) 

Clean Water Act Dredge 
and Fill Regulations 

Requires 

Injection Well Permits and 
Controls 

Surface Water Discharge 
Permits: 

• NPDES Permit & Discharge 
Waste Requirement 

• NPDES & Hazardous 
Substance Reporting 

• Liabil ity Financial Assurance 

TABLE 7-2 

WASTE MANAGEMENT 

Requires 

Solid Waste Management 
Controls: Hazardous Waste 
Management Controls: 

• H/W Treatment, Storage & 
Disposal Facility Permits & 
Controls (Permit-by-Rule) 

• Cleanup & Remedial 
Actions 

• H/W Manifests 

• H/W Transport Controls 

• H/W Source Reduction 
Audit & Plans 

• Biennial Reporting 

• Cleanup & Remedial 
Actions 

• Liability Financial Assurance 

. 

PCB Waste Controls; 
Asbestos Waste Controls 

Permits for dredge and fill 
disposal on waters of the 
United States 
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Responsible 
Federal Agencies 

U.S. EPA; (states 
with primacy are 
authorized to 
develop programs) 

U .S. EPA; USCG 

Responsible 
Federal Agencies 

U.S. EPA 

U .S. EPA 

U .S. EPA 

U.S.  Army Corps of 
Engineers; U.S. EPA 



TABLE 7-3 

EMERGENCY PREPAREDNESS AND RESPONSE 

Responsible 
Law or Regulation Requires Federal Agencies 

Federal Comprehensive Hazardous Substance 
Environmental Release Reporting; U.S. EPA 
Response, Cleanup & Remedial 
Compensation and Actions; Liability Financial 
Liabil ity Act (CERCLA) Assurance 

Emergency Planning and Updating of Material Safety 
Community Right-to- Data Sheets; Inventory U.S. EPA 
Know Act (EPCRA & Reporting; Release 
SARA Title I l l) Reporting 

Clean Water Act Spill Prevention, Control, and 
Countermeasure Plan; Spill U .S.  EPA; USCG 
Reporting 

U .S. Code; 49 CFR 394; Hazardous Material Trans-
Vehicle Code port; Accidental Spills of Federal - D.O.T. 

Waste or Hazardous 
Substance 

Resource Conservation Hazardous Waste Emergency 
and Recovery Act Response and Reporting U .S. EPA 
(RCRA) Plan 

Code of Federal Regu- Dril l ing Operations Permit, 
lations 40 CFR 31 60 & including safety, blowout & Bureau of Land 
31 62.4 discharge prevention and Management 

containment; well 
abandonment 

U.S. Hazardous Materials Hazardous Material 
Regulations Transportation Manifesting; U .S. - D.O.T. 

Emergency Response 
Procedures & Reporting 

TABLE 7-4 

AIR QUALITY CONTROL AND AIR TOXICS 

Law or Regulation Requires 
Responsible 

Federal Agencies 

Federal Clean Air Act Air Pollution Control including 
air quality standards; emis-

U .S. EPA 

sions controls & reporting; 
permitting; new source 
review; prevention of 
significant deterioration. 
National Emissions 
Standards for Hazardous 
Air Pollutants; Maximum 
Achievable Control 
Technology for federal 
Hazardous Air Pollutants. 
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TABLE 7-5 

LAND ACCESS AND LAND-USE PERMITS 

Law or Regulation Requires 
Responsible 

Federal Agencies 

NEPA State Environmental Quality Lead agency is designated, 
Regulations including the usually a city or county 
Environmental Impact planning agency; all other 
Report to assess and agencies with project 
mitigate environmental oversight responsibil ity are 
impacts; NEPA requires involved in the EIS/E IR and 
EIS on federal land the mitigation. On federal 

land, BLM or DOE is lead 
agency. 

Endangered Species Act Land-Use Permit for any U.S. Fish & Wildlife Service, 
activity on public land that Department of Fish & Game 
could affect endangered 
species 

Federal Land Policy and Right-of-way permits for BLM 
Management Act projects on public lands. 

Construction, operations & 
rehabil itation plans 

Coastal Zone Coastal Development Permits State Lands and/or Coastal 
Management Act for facilities in the state Commissions 

coastal zone 

TABLE 7-6 

HAZARDOUS MATERIAL HANDLING AND STORAGE 

Responsible 
Law or Regulation Requires Federal Agencies 

Emergency Planning and Submittal of Material Safety 
Community Right-to- Data Sheets, Chemical U.S. EPA 
Know (EPCRA & Inventory Reporting, 
SARA Title I l l) Release Reporting 

US Code; 49 CFR 394; Hazardous Material Transport 
Vehicle Code Controls & Manifesting; Federal - D.O.T. 

Accidental Spills of Waste 
or Hazardous Substance 

Occupational Safety and Personnel Health and Safety 
Health Act (OSHA) Standards including training Federal - OSHA 

and records keeping 

Federal Resource Regulations controlling the 
Conservation and storage of hazardous U .S. EPA 
Recovery Act (RCRA) substances including 

petroleum in underground 
storage tanks 
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TABLE 7-7 

OIL SPILL PREVENTION AND RESPONSE 

Responsible 
Law or Regulation Requires Federal Agencies 

Federal Water Pollution Oil Spill Pol lution Prevention, 
Control Act, Federal Preparedness, and U.S.  EPA; USCG; MMS 
Oil Pollution Act Response 

Clean Water Act Spil l  Prevention, Control , and 
Countermeasure Plan; Spill U.S.  EPA; USCG 
Reporting 

Code of Federal Blowout & discharge 
Regulations prevention and containment; BLM 
40 CFR 31 60 well dril l ing, plugging and 

abandonment 

A study of the effects of the regulatory environment on California producers 
recently found that "(a)n outgrowth of this regulatory scheme are the administra
tive costs associated with it. These costs are transaction costs necessary to collect 
information between regulators and producers. They are, by definition, unpro
ductive in and of themselves. Inefficient administration can result when: ( 1) an 
agency loses sight of improving environmental quality and, instead, focuses on 
compliance for compliance sake; (2) there are multiple and overlapping jurisdic
tions; (3) agencies administer industries they only partially understand."5 

SUMMARY OF OTHER PREVIOUS STUDIES 

There have been a number of studies and papers commissioned by both in
dustry and government examining the problems associated with regulatory com
pliance in California. Although regulatory standards in California are in many 
ways more stringent than in the rest of the nation, they do characterize the gen
eral problems faced by industry throughout the United States. Many of the major 
findings of these studies are summarized below. 

In a follow-up study, Environ Corp. found that this multi-jurisdictional 
approach has significant potential for regulatory inefficiency, and that the impact 
of this inefficiency can be substantial for petroleum companies .6 This study 
included oil producers, oil pipeline companies, oil refiners, and service stations . 
The study showed that multiple agencies at the federal, state, and local level have 
jurisdiction enforcing multiple federal, state, and local statutes and regulations. 
Environ found that jurisdiction rests with at least 38 agencies or groups respon
sible for enforcing at least 153 statutes and regulations. 

5 Foster Associates, California Production Profile, 1993. 

6 Environ Corp. ,  Analysis of Environmental Regulatory Reporting Requirements for 
Petroleum Companies, Prepared for Western States Petroleum Assn. ,  April 1992. 
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The study found that this multi-jurisdictional approach to regulation al
most inevitably provides a high potential for regulatory inefficiency and duplica
tion, and consequently, higher costs. In many instances, there may be: 

• More than one statute or regulation at different government levels, 
addressing the same activity 

• Different reporting schedules and requirements placed on an operator 
by various levels of government for the same activity 

• No requirement for the different jurisdictions to coordinate their efforts 
either in time or in the process by which the requirements are met. 

The California Department of Conservation commissioned another study by 
Foster Associates to examine the costs of regulatory compliance on the petroleum 
industry in California. 7 The Foster study reported a number of major findings 
centered around the decline of the California petroleum industry and the high 
cost of regulatory compliance in the state. The study concluded that the California 
crude oil and gas exploration and production industry is in decline, which has 
major implications for: 

• Decreasing federal, state, and local revenues from the industry 

• Decreasing state employment and the concomitant loss of personal 
income tax 

• Increasing vulnerability to foreign politics and events as imports 
increase, as well as increasing risk of oil spills. 

This study concluded with a series of recommendations aimed at: 

• Reducing the cost of regulatory compliance 

• Reducing the cost of government regulatory programs 

• Requiring a positive benefit/cost ratio for regulatory proposals. 

All of these recommendations centered around the need for interagency 
coordination and streamlining in California, with specific state agencies being 
given the lead in different areas. Given that compliance with air pollution control 
regulations is such a large component of compliance costs in the state, Foster 
Associates specifically recommended that cost and benefit analyses be employed 
in this area. 

The 1992 NPC report, The Potential for Natural Gas in the United States, 
also concluded that there are a number of significant environmental constraints 
to domestic gas development. These conclusions are consistent with difficulties 
experienced in maintaining marginal oil and gas production and development. 

7 Foster Associates, et al, Status of Petroleum Production Industry in California: The Cost 
of Regulatory Compliance, submitted to the California Dept. of Conservation, August 16, 1993. 
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The environmental legislative and regulatory decision-making process in 
the United States, coupled with the industry's currently inward-focused culture, 
inhibits the full utilization of natural gas as an environmentally preferred fuel in 
the national energy mix. Legislation, regulation, and government policy does not 
adequately balance the direct upstream costs and benefits of regulations and does 
not include an analysis of the downstream benefits of natural gas. 

The end result has been an increasing economic burden from environmen
tal regulations relative to benefits, drilling moratoria, the cancellation or deferral 
of government lease sales, lack of access for exploration, production, and pipeline 
right-of-ways, and federal and state legislative and regulatory policies that inhibit 
the use of natural gas. All of these results impact oil-related operations similarly. 

IMPACT OF POTENTIAL REGULATORY REFORM 

Without focusing on specific initiatives to be reformed, it is still possible to 
demonstrate, with reasonable accuracy, the numbers of marginal wells and bar
rels of production which could be saved under various levels of incremental 
environmental compliance cost reductions. While this will only be an approxi
mation, it will be of value in demonstrating the overall importance of reducing 
compliance costs . 

Chapter Five provides an evaluation of the impact of oil price changes on 
marginal wells and production. This analysis is appropriate for estimating the 
impact of compliance costs under various oil price scenarios . For example, at a 
domestic oil price of $14 per barrel, if compliance costs accounted for an additional 
$1 to $2 per barrel of operating costs, Figures 5-8 and 5-9 indicate that the full cost 
impact of compliance could result in 4 to 7 percent more wells and 3 to 5 percent 
more production that is unable to meet lease operating expenses. 

CONCLUSIONS 

As a recent study of the regulatory environment for producers in California 
concluded, the industry believes that there is a lack of coordination and excessive 
duplication among the different jurisdictions regulating the same activity, waste 
streams, etc. Compliance and permitting processes are slow, excessive, and often 
with unnecessary record-keeping requirements . Permitting delays, along with 
project denials in some instances, also result in high costs due to lost opportu
nities. Legislation and regulations are often overly prescriptive with alternatives 
to achieving the defined levels of environmental protection constrained or not even 
considered. The validity of data on which regulations are based is often ques
tionable or at least contestable. 

There needs to be, therefore, a method of agreeing on data so that unneces
sarily high compliance costs are not imposed. Regulators need to conduct con
stant analytic review to determine if regulations are achieving the results they 
intended. Therefore, since legislative and regulatory requirements can have a 
profound impact on marginal wells, the government should pursue: 

• Industry/regulatory partnerships to facilitate agreements, implementa
tion efficiency, and reduced costs 
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• Regulatory streamlining and simplification to benefit the industry with
out compromising environmental protection 

• Reform of the process by which the federal government regulates indus
try to adequately reflect risks posed, the costs of, and benefits to society 
and industry of environmental regulations impacting the petroleum 
industry. 

This chapter illustrates that real problems exist, and it suggests areas 
where legislative and regulatory improvements can equally benefit the regulators 
and industry. If situations such as those in California are allowed to persist, pre
mature abandonments will only escalate. Although these figures seem definitive, 
on a nationwide basis, no studies are available to characterize these costs accu
rately. Unnecessarily high environmental costs must be viewed as more than a 
burden on the regulated community. Ultimately if resources are lost and produc
tion declines, the nation and the industry suffer from reduced energy security, lost 
jobs, and reduced tax revenues . 

Several recommendations with respect to regulatory compliance reform are 
presented in the Regulatory and Administrative Relief section of this report's 
Findings, Conclusions, and Recommendations . Some of these recommendations 
are addressed in the DOE's Domestic Natural Gas and Oil Initiative. All of the 
recommendations can be accomplished without compromising environmental 
protection. 
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APPENDIX A 
REQUEST LETTER AND 
DESCRIPTION OF THE 

NATIONAL PETROLEUM COUNCIL 



The Secretary of Energy 
Washington ,  DC 20585 

D e c ember 2 0 ,  1 9 9 3  

Mr . Ray L .  Hunt 
Cha i rman 
Na t i ona l P e t ro l eum Counc i l  
1 6 2 5  K S t re e t , NW 
Wa s h i ng t on , D . C .  2 0 0 0 6  

Dear Mr . Hunt : 

The Admi n i s t ra t i on ha s j u s t  announc e d  i t s  Dome s t i c  
Na tura l Ga s and O i l  I n i t i a t ive , a p l an we bel i eve wi l l  
be a s i gn i f i c ant s t ep f o rward in revi t a l i z i ng the 
Na t i on ' s  exp l o r a t i o n  and p roduc t i on indu s t ry . It i s  
only a f i r s t  s t ep ,  however , and i t  i s  imp o r t ant tha t  we 
cont inue to examine eve ry aspect o f  our dome s t i c  gas 
and o i l  i ndu s t ry to e n s u re that no p o t ent i a l  
cont r i b u t o r  t o  o u r  energy s e cur i ty and ec onomi c 
p ro s p e r i ty i s  over l oo k e d . 

In t h i s r e gard , I am requ e s t ing tha t  t he Na t i ona l 
P e t ro l e um Counc i l  a c c ep t  the a s s i gnmen t , de s c ribed i n  
t h e  Ga s a n d  O i l  I n i t i a t ive , o f  a new s tudy t o  examine 
the ro l e  of ma rginal we l l s  in the Na t i on ' s  ene rgy and 
economi c f u t u r e . Spe c i f i c a l ly ,  the s tudy should 
cons i d e r  t he c o s t s  and bene f i t s  of t ax i n c ent ive s f o r  
ma i n t a i n ing p roduc t i on f rom ma rginal and s t r ipp e r  
we l l s . 

Ame r i c a  i s  un i qu e  among o i l  and na t u r a l  ga s produc ing 
na t i ons in many r e s p ec t s . Perhap s the mo s t  s i gni f i c a n t  
di s t i n c t i on i s  t h e  va s t  number o f  mar g i n a l  we l l s  
ope ra t e d  by our dome s t i c  i ndus t ry .  The s e  we l l s  a r e  
economi c a l ly mar g i na l  b e c a u s e  o f  t he i r  l ow-vo l ume 
produc t i on o r  b e c au s e  o f  t he i r  r e l a t ive ly h i gh 
opera t i ng c o s t s . Al t hough margina l we l l s  ac count f o r  
mor e  t han ha l f  o f  a l l  o i l  p roduc t i on i n  1 3  s t a t e s  and 
supp ly a s ub s t an t i a l  p e r c ent age o f  dome s t i c  p roduc t i on ,  
indu s t ry rep r e s ent a t i v e s  have expre s s ed c onc ern t h a t  
there i s  i n s u f f i c i en t  da t a  ma inta i ned on ma rgina l we l l s  
t o  mak e  t e chn i c a l ly and e conomi ca l ly s ound pol i cy 
dec i s .l, on s . 
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Mr . Ray L .  Hunt 
D e c embe r  2 0 ,  1 9 9 3  
Page 2 

To b e g i n  res olving t h i s problem ,  our Energy I n f o rma t i on 
Admi n i s t ra t i on i s  s chedu l e d  to comp l e t e  a s t udy i n  
F ebrua1:.y 1 9 9 4  dea l i ng w i th the " Economi c Ana lys i s  o f  
Dome s t i c  Oi l Produ c t ion " whi ch wi l l  c on t a i n  a 
s i gn i f i cant amount o f  da t a . Thi s  s t udy. c a n  p rovide a 
f ounda t i on f o r  the Na t i onal P e t ro l eum Counc i l  and a l l ow 
your s t udy t o  f o c u s  on addi t i onal da t a  n e e d s  and 
ana ly s e s . 

S p e c i f i c a l ly ,  I wou l d  l i ke the Counc i l  t o  under t a k e  an 
ana ly s i s  of economi c and other cha l l en g e s  t ha t  dome s t i c  
p roduc e r s  f a c e  in ma i n t a i ning ma rg i n a l  p rodu c t i on . 
Al s o , the Counc i l  s hou l d  i dent i fy imp rovement s t h a t  
s ho u l d  be made in the Federal Gove rnmen t ' s  
i n f o rma t i onal resourc e s , and provide s p ec i f i c  p o l i cy 
recommenda t i ons that may be help f u l  i n  p r e s e rv i ng 
a c c e s s  to o i l  and natural ga s re s e rv e s  f rom mar g i n a l 
we l l s . I wou ld a l s o  l i k e  your a s s e s sment o f  a c t i on s  
t aken by the Fede ral Gove rnment and S t a t e �  i n  r e c e n t  
y e a r s  t o  p re s erve ma rginal produc t i on ,  f o r  i n s t anc e , 
roya l ty r a t e s  reduct ion for s t ripp e r  we l l s  on Fede r a l  
l ands . 

Thi s  i s  an ext remely impo rtant i s s u e  t ha t , i n  my v i ew ,  
des erves an expedient but thorough ana lys i s . I wou l d  
a s k  that t he Counc i l  e s t ab l i sh a s chedu l e  t h a t  wou l d  
p rovide t h i s ana ly s i s  t o  the Admin i s t ra t i on wi t h i n  t h e  
next s ix months . 

Thank you f o r  your cont i nued a s s i s t an c e  on t he s e  
imp o r t ant energy and e c onomic ma t t e r s . 

S i ncerely , 

H a z e l  R .  O ' L e a ry 
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DESCRIPTION OF THE NATIONAL PETROLEUM COUNCIL 

In May 1946, the President stated in a letter to the Secretary of the Interior that 
he had been impressed by the contribution made through government/industry 
cooperation to the success of the World War II petroleum program. He felt that it 
would be beneficial if this close relationship were to be continued and suggested 
that the Secretary of the Interior establish an industry organization to advise the 
Secretary on oil and natural gas matters. 

Pursuant to this request, Interior Secretary J. A. Krug established the National 
Petroleum Council on June 18, 1946. In October 1977, the Department of Energy 
was established and the Council was transferred to the new department. 

The purpose of the NPC is solely to advise, inform, and make recommenda
tions to the Secretary of Energy on any matter, requested by the Secretary, relating 
to oil and natural gas or the oil and gas industries. Matters that the Secretary of 
Energy would like to have considered by the Council are submitted in the form of a 
letter outlining the nature and scope of the study. This request is then referred to 
the NPC Agenda Committee, which makes a recommendation to the Council . 
The Council reserves the right to decide whether it will consider any matter re
ferred to it. 

Examples of recent major studies undertaken by the NPC at the request of the 
Secretary of Energy include: 

• U.S. Arctic Oil & Gas (1981) 
• Environmental Conservation-The Oil & Gas Industries ( 1982) 
• Third World Petroleum Development: A Statement of Principles ( 1982) 
• Enhanced Oil Recovery (1984) 
• The Strategic Petroleum Reserve ( 1984) 
• U.S. Petroleum Refining ( 1986) 
• Factors Affecting U.S. Oil & Gas Outlook ( 1987) 
• Integrating R&D Efforts (1988) 
• Petroleum Storage & Transportation (1989) 
• Industry Assistance to Government ( 1991) 
• Short-Term Petroleum Outlook ( 1991) 
• The Potential for Natural Gas in the United States ( 1992) 
• U. S. Petroleum Refining-Meeting Requirements for Cleaner Fuels and 

Refineries ( 1993) 
• The Oil Pollution Act of 1990-Issues and Solutions (1994). 

The NPC does not concern itself with trade practices, nor does it engage in any 
of the usual trade association activities. The Council is subject to the provisions of 
the Federal Advisory Committee Act of 1972. 

Members of the National Petroleum Council are appointed by the Secretary of 
Energy and represent all segments of the oil and gas industries and related inter
ests. The NPC is headed by a Chairman and a Vice Chairman, who are elected by 
the Council. The Council is supported entirely by voluntary contributions from its 
members . 
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NATIONAL PETROLEUM COUNCIL 
:MEMBERSHIP 

Jacob Adams 
President 
Arctic Slope Regional Corporation 

Charles W. Alcorn, Jr. 
President 
Alcorn Production Company 

George A. Alcorn 
President 
Alcorn Exploration, Inc. 

Benjamin B.  Alexander 
President and 

Chief Executive Officer 
Dasco Energy Corporation 

W. Wayne Allen 
Chairman of the Board and 

Chief Executive Officer 
Phillips Petroleum Company 

Robert J. Allison, Jr. 
Chairman and 

Chief Executive Officer 
Anadarko Petroleum Corporation 

Robert 0. Anderson 
Chairman of the Board 
Hondo Oil & Gas Company 

Philip F. Anschutz 
President 
The Anschutz Corporation 

Robert G. Armstrong 
President 
Armstrong Energy Corporation 

0. Truman Arnold 
Chairman of the Board, President 

and Chief Executive Officer 
Truman Arnold Companies 

1994 

A-5 

Keith E. Bailey 
President and 

Chief Executive Officer 
The Williams Companies, Inc. 

Ralph E. Bailey 
Chairman of the Board 
United Meridian Corporation 

D. Euan Baird 
Chairman, President and 

Chief Executive Officer 
Schlumberger Limited 

William W. Ballard 
President 
Ballard and Associates, Inc. 

Roger C. Beach 
President and 

Chief Executive Officer 
Unocal Corporation 

Victor G. Beghini 
President 
Marathon Oil Company 

Carlos C.  Besinaiz 
President and 

Chief Executive Officer 
Besinaiz Oil and Gas, Inc. 

David W. Biegler 
Chairman, President and 

Chief Executive Officer 
ENSERCH Corporation 

James B .  Blackburn, Jr. 
Attorney-at-Law 
Blackburn & Carter, P.C. 



NATIONAL PETROLEUM COUNCIL 

Jack S.  Blanton 
President and 

Chief Executive Officer 
Eddy Refining Company 

Carl E. Bolch, Jr. 
Chairman and 

Chief Executive Officer 
Racetrac Petroleum, Inc. 

John F. Bookout 
Former President and 

Chief Executive Officer 
Shell Oil Company 

Mike R. Bowlin 
President and 

Chief Executive Officer 
Atlantic Richfield Company 

Donald R. Brinkley 
President and 

Chief Executive Officer 
Colonial Pipeline Company 

I. Jon Brumley 
Chairman of the Board 
Cross Timbers Oil Company 

Frank M. Burke, Jr. 
Chairman and 

Chief Executive Officer 
Burke, Mayborn Company, Ltd. 

Michael D. Burke 
President and 

Chief Executive Officer 
Tesoro Petroleum Corporation 

0. Jay Call 
President of the Board of Directors 
Flying J Inc. 

Robert H. Campbell 
Chairman, President and 

Chief Executive Officer 
Sun Company, Inc. 

A-6 

Jack Cardwell 
Chairman and 

Chief Executive Officer 
Petro PSC, L. P. 

Philip J. Carroll 
President and 

Chief Executive Officer 
Shell Oil Company 

R. D. Cash 
Chairman, President and 

Chief Executive Officer 
Questar Corporation 

Merle C. Chambers 
President and 

Chief Executive Officer 
Axem Resources Incorporated 

Collis P. Chandler, Jr. 
Chairman of the Board and 

Chief Executive Officer 
Chandler & Associates, Inc. 

Stephen D. Chesebro' 
President and 

Chief Executive Officer 
Tenneco Gas 

Danny H. Conklin 
Partner 
Philcon Development Co. 

Michael B .  Coulson 
President 
Coulson Oil Co. 

John L. Cox 
Oil and Gas Producer 
Midland, Texas 

John H. Croom 
Chairman, President and 

Chief Executive Officer 
The Columbia Gas System, Inc. 

Thomas H. Cruikshank 
Chairman of the Board and 

Chief Executive Officer 
Halliburton Company 



Keys A. Curry, Jr. 
Executive Vice President and 

Chief Operating Officer 
Destec Energy, Inc. 

George A. Davidson, Jr. 
Chairman of the Board and 

Chief Executive Officer 
Consolidated Natural Gas Company 

Alfred C .  DeCrane, Jr. 
Chairman of the Board and 

Chief Executive Officer 
Texaco Inc. 

Kenneth T. Derr 
Chairman of the Board and 

Chief Executive Officer 
Chevron Corporation 

John P. DesBarres 
Chairman, President and 

Chief Executive Officer 
Transco Energy Company 

Edward T. DiCorcia 
President and 

Chief Executive Officer 
The UNO-VEN Company 

Cortlandt S. Dietler 
Chairman and 

Chief Executive Officer 
Associated Natural Gas Corporation 

David F. Dorn 
Chairman Emeritus 
Forest Oil Corporation 

James W. Emison 
President 
Western Petroleum Company 

Richard D. Farman 
Chairman and 

Chief Executive Officer 
Southern California Gas Company 
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William L. Fisher 
Director 
Bureau of Economic Geology 
University of Texas at Austin 

Lucien Flournoy 
President and 

Chief Executive Officer 
Flournoy Drilling Company 

Joe B. Foster 
Chairman, President and 

Chief Executive Officer 
Newfield Exploration Company 

Robert W. Fri 
President and 

Senior Fellow 
Resources For the Future Inc. 

H. Laurance Fuller 
Chairman, President and 

Chief Executive Officer 
Amoco Corporation 

Barry J. Galt 
Chairman and 

Chief Executive Officer 
Seagull Energy Corporation 

James A. Gibbs 
President 
Five States Energy Company 

Mack Gipson, Jr. 
Professor 
Department of Geological Sciences 
The University of South Carolina 

James J. Glasser 
Chairman and President 
GATX Corporation 

F. D. Gottwald, Jr. 
Vice Chairman 
Ethyl Corporation 

Luke E.  Grezaffi, Jr. 
President 
L & W Oil & Gas, Inc. 
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Gilbert M.  Grosvenor 
Chairman of the Board and 

President 
National Geographic Society 

Fred R. Grote 
Chairman of the Board and 

Chief Executive Officer 
DeGolyer and MacNaughton 

Robert D. Gunn 
Chairman of the Board 
Gunn Oil Company 

Ron W. Haddock 
President and 

Chief Executive Officer 
FINA, Inc. 

John R. Hall 
Chairman and 

Chief Executive Officer 
Ashland Oil, Inc. 

Patricia M. Hall 
President 
National Association of Black 

Geologists and Geophysicists 

Ronald E.  Hall 
President and 

Chief Executive Officer 
CITGO Petroleum Corporation 

Frederic C .  Hamilton 
Chairman, President and 

Chief Executive Officer 
Hamilton Oil Company, Inc. 

John P.  Harbin 
Chairman of the Board, President 

and Chief Executive Officer 
Lone Star Technologies, Inc. 

Michael F. Harness 
President 
Osyka Corporation 
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Frank 0. Heintz 
Chairman 
Maryland Public Service Commission 

Roger R. Hemminghaus 
Chairman and 

Chief Executive Officer 
Diamond Shamrock, Inc. 

Dennis R. Hendrix 
Chairman of the Board and 

Chief Executive Officer 
Panhandle Eastern Corporation 

Leon Hess 
Chairman of the Board and 

Chief Executive Officer 
Amerada Hess Corporation 

C .  Paul Hilliard 
President/Owner 
Badger Oil Corporation 

T. Milton Honea 
Chairman, President and 

Chief Executive Officer 
NorAm Energy Corp. 

Jerry A. Howard 
Chairman of the Board, President 

and Chief Executive Officer 
AlaTenn Resources, Inc. 

George E.  Howison 
President and 

Chief Executive Officer 
Meridian Oil Inc. 

Robert E. Howson 
Chairman of the Board and 

Chief Executive Officer 
McDermott International, Inc. 

Roy M. Buffington 
Chairman of the Board and 

Chief Executive Officer 
Roy M. Buffington, Inc. 



Ray L. Hunt 
Chairman of the Board 
Hunt Oil Company 

James M. Hutchison 
President 
Copestone, Inc. 

Ray R. Irani 
Chairman, President and 

Chief Executive Officer 
Occidental Petroleum Corporation 

A. Clark Johnson 
Chairman and 

Chief Executive Officer 
Union Texas Petroleum Corporation 

A. V. Jones, Jr. 
Partner 
Jones Company, Ltd. 

Jon Rex Jones 
Chairman 
EnerVest Management Company, L. C. 

Fred C. J ulander 
President 
Julander Energy Company 

Peter H. Kelley 
President and 

Chief Operating Officer 
Southern Union Company 

Bernard J. Kennedy 
Chairman, President and 

Chief Executive Officer 
National Fuel Gas Company 

Charles G. Koch 
Chairman and 

Chief Executive Officer 
Koch Industries, Inc. 

Ronald L. Kuehn, Jr. 
Chairman, President and 

Chief Executive Officer 
Sonat Inc. 
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Lee C .  Lampton 
President 
Lion Oil Company 

Kenneth L. Lay 
Chairman and 

Chief Executive Officer 
Enron Corp. 

Virginia B .  Lazenby 
Chairman and 

Chief Executive Officer 
Bretagne G.P. 

William I. Lee 
Chairman of the Board and 

Chief Executive Officer 
Triton Energy Corporation 

John H. Lichtblau 
Chairman and 

Chief Executive Officer 
Petroleum Industry Research 

Foundation, Inc. 

Dennis W. Loughridge 
Group General Manager 

and President 
BHP Petroleum (Americas) Inc. 

Thomas E. Love 
President 
Love's Country Stores, Inc. 

Ferrell P. McClean 
Managing Director 
J. P. Morgan & Co. Incorporated 

William T. McCormick, Jr. 
Chairman and 

Chief Executive Officer 
CMS Energy Corporation 

Roger E .  McManus 
President 
Center for Marine Conservation 
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Jack W. McNutt 
President and 

Chief Executive Officer 
Murphy Oil Corporation 

Frank A. McPherson 
Chairman and 

Chief Executive Officer 
Kerr-McGee Corporation 

Cary M. Maguire 
President 
Maguire Oil Company 

Patrick J. Maher 
Chairman and 

Chief Executive Officer 
Washington Gas Light Company 

Frederick R. Mayer 
President 
Petroro Corporation 

Judy Meidinger 
Director 
Koniag, Inc . . 

Jack L. Messman 
President and 

Chief Executive Officer 
Union Pacific Resources Company 

C. John Miller 
Chief Executive Officer 
Miller Energy, Inc. 

Claudie D .  Minor, Jr. 
President and 

Chief Executive Officer 
Premier Energy Supply Corp. 

George P. Mitchell 
Chairman of the Board and 

Chief Executive Officer 
Mitchell Energy and 

Development Corp. 
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Donald I. Moritz 
Chairman of the Board and 

Chief Executive Officer 
Equitable Resources, Inc. 

John Thomas Munro 
President 
Munro Petroleum & 

Terminal Corporation 

John J. Murphy 
Chairman of the Board and 

Chief Executive Officer 
Dresser Industries, Inc. 

Mary Scott Nabers 
Commissioner 
Texas Railroad Commission 

Constantine S. Nicandros 
President and 

Chief Executive Officer 
Conoco Inc. 

J. Larry Nichols 
President and 

Chief Executive Officer 
Devon Energy Corporation 

Lucio A. Noto 
Chairman of the Board, President 
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Data Resources Discussion 

OVERVIEW 

As requested by the Secretary of Energy, the NPC has addressed informa
tion resources focusing primarily on data requirements specific and unique to the 
marginal well study. The following discussion will address data requirements for 
a marginal well study as if it were cunducted in an ideal world. Although the 
NPC found certain areas where data is lacking, it is not recommended that the 
government or industry pursue further reporting requirements or data gathering 
efforts to make all of the required data available. 

DATA REQUIREMENTS FOR MARGINAL WELL STUDY 

Many of the data requirements for conducting this study are discussed 
throughout the chapters in the body of the report. In order to conduct a marginal 
well study there are four major data elements required. Table C-1 provides an 
overview of each of the four major data elements and sub-levels of information 
required for each of these data elements. 

DATA SHORTCOMINGS 

For each of the major data elements, the following discusses problems 
encountered throughout the course of this study with data availability. It should 
be noted that although these data were found to be lacking for this study, efforts to 
gather additional data or improve its availability will compound the problem of 
marginality for many wells. 

Production Data 

During the course of this study, commercial data bases were relied on as 
the source for production data. Data from these sources are based on production 
information gathered by state agencies. Requirements for production data vary 
considerably from state to state and in many cases, particularly the eastern area 
states where production volumes are small, data are not available in electronic or 
digital form. There are also variations from state to state on what is included in 
the production data. For instance, several states provide production data by well 
while others provide it by lease. Some states require only the reporting of hydro
carbon production data and not water production. Another crucial piece of infor
mation which would allow a more complete analysis of the low rate producing 
wells is the number of producing days throughout the year. This information is 
only available for wells in several states. 
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Table C-1 

Upstream Data Requirements For Marginal Well Study 

A .  PRODUCTION DATA. Additional detail in Table C-2 . 
1. Reservoir information (depth, fluid gravity, name of horizon). 
2. Wellbore information (gas, condensate, oil and water volumes 

produced) . 
3. Location information. 

B. ECONOMICS DATA. 
1. Lease/Reservoir royalty rates. 
2. Lifting costs (detailed cost data as shown in Chapter 5 and 

Appendix F, Section II). 
3. Processing/Fluid handling costs. 

a. Cost to process/produce hydrocarbons (chemicals, 
labor/supervision, etc.) .  

b. Cost to produce non-hydrocarbons. 
c .  Cost to dispose of non-hydrocarbons. 

4. Sub-surface repair and maintenance costs. 
5. Surface repair and maintenance costs. 
6. Environmental costs. 
7. Produced products value (this item is particularly important for 

gas since marketing conditions from state to state and fields or 
areas within a state can vary considerably). 

C. PRODUCER TAX STATUS FOR EACH WELL BY YEAR. 
1. Independent or majors. 
2. Exploration and production (only) taxable income or no taxable 

Income.  
3. Regular or AMT tax payer. 
4. Other tax related items such as tax bases for property, etc. 

D. RESOURCE DATA. 
1. Estimate of resource associated with well bore. 
2. Estimate of reserves associated with well bore. 

Economics Data 

Almost none of the data required under Economics Data are available 
through state records or a commercial data base. Detailed survey or data gather
ing efforts would be required to provide a comprehensive analysis of each of the 
economics data elements; however, a generalized approach and broad sweeping 
surveys provided a sound basis for the information used throughout the course of 
this study. Chapter Seven of this study deals more specifically with the environ
mental costs and only qualitatively addresses the impact these costs can have on 
marginal well production. 

Tax Status 

In considering federal level incentives, the after-federal income tax impacts 
are important. The complexity of the federal tax code complicates and hinders the 
ability to adequately describe these impacts . Further complicating this issue is 
the impact changing prices may have on producers' tax status. 
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Resource Data 

Although there is a significant amount of the U.S. resource which has been 
characterized by the DOE in previous efforts, linking this resource to existing 
producing wells will greatly improve the ability to determine what impact losing 
wells and production has on resource access. Additionally, the projection of pro
duction and an estimate of future reserves influences the cost and benefit esti
mates for federal level incentives. Providing estimates of reserves for each well 
would allow more accurate determination of the incentives' costs and benefits. 

CONCLUSIONS AND RECOMMENDATIONS 

Although there were a number of data shortcomings when compared to an 
ideal world situation, the available data was adequate to address the marginality 
of oil wells in an overall manner. Individual wells or fields may not be perfectly 
modeled with the efforts of this study; however, the aggregate of oil wells through
out the six producing areas has been adequately addressed. The DOE has recently 
received a uniform production reporting study which addresses the issue of data 
variances and reporting formats between the producing states. In order for pro
ducer states with the most marginal wells to institute this type of reporting for
mat, adequate incentives must be provided to relieve the cost burden associated 
with the proposed uniform reporting program. Furthermore, costs associated 
with these efforts could be burdensome to the companies' having to comply with 
these alternative reporting requirements. 

Total Well Depth 

Completion Date 

Reservoir Name 

Reservoir  Depth 

Fluid Type 

Liquid Gravity 

Cumulative Oil 

Cumulative Cond. 

Cumulative Gas 

Cumulative Water 

Cumulative lnj .  

State 

County/Parish 

Field 

Lease Name 

TABLE C-2 

PRODUCTION DATA 

Reservoir Information 

Date Production Began 

Date Production Ceased 

Wellbore Information 
Oil Production 

Cond. Production 

Gas Production 

Water Production 

Water Injection 

Location Information 

Section 

Township 

Range 
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Well Type 

(Oi l ,  Gas, Water Injection, 
Salt Water Disposal) 

Days On 

Operator Type 

Well No./Name 

API Number 
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Marginal Property Definition 

(Excerpted from Internal Revenue Code of 1986 
Title 26, Subtitle A, Chapter 1, Subchapter I, Part I, Section 613A) 

(D) MARGINAL PRODUCTION.-The term "marginal production" means 
domestic crude oil or domestic natural gas which is produced during any taxable 
year from a property which-

(i) is a stripper well property for the calendar year in which the 
taxable year begins, or 

(ii) is a property substantially all of the production of which during 
such calendar year is heavy oil. 

(E) STRIPPER WELL PROPERTY.-For purposes of this paragraph, the term 
"stripper well property" means, with respect to any calendar year, any property 
with respect to which the amount determined by dividing-

(i) the average daily production of domestic crude oil and domestic 
natural gas from producing wells on such property for such calendar year, 
by 

(ii) the number of such wells, is 15 barrel equivalents or less. 

(F) HEAVY OIL.-For purposes of this paragraph, the term "heavy oil" 
means domestic crude oil produced from any property if such crude oil had a 
weighted average gravity of 20 degrees API or less (corrected to 60 degrees 
Fahrenheit) . 

(G) AVERAGE DAILY MARGINAL PRODUCTION.-For purposes of this 
subsection-

(i) the taxpayer's average daily marginal production of domestic 
crude oil or natural gas for any taxable year shall be determined by dividing 
the taxpayer's aggregate marginal production of domestic crude oil or 
natural gas, as the case may be, during the taxable year by the number of 
days in such taxable year, and 

(ii) in the case of a taxpayer holding a partial interest in the 
production from any property (including any interest held in any 
partnership), such taxpayer's production shall be considered to be that 
amount of such production determined by multiplying the total production 
of such property by the taxpayer's percentage participation in the revenues 
from such property. 
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California Production 1 

During 1993, California, including the federal OCS, produced approximate
ly 941,000 barrels of oil a day, which represents 13 percent of the total production in 
the United States. The majority of this production is heavy oil, mostly located in 
the San Joaquin Valley. The state overview (Figure E-1) shows the distribution of 
the 1993 production within the six districts of the State Division of Oil, Gas & Geo
thermal Resources . 

California oil production was on a steady increase for a decade during the 
late 1970s and early 1980s. This reflected the strong capital investment associated 
with developing reserves in a stable and profitable market. However, with the 
sharp market adjustment in the mid-1980s, production has steadily declined from 
its peak of 1,200,000 to a 1993 average of 941,000 barrels per day. Figure E-2 shows 
both this growth and the decline in California production. Also shown is the 
breakdown between heavy oil (less than 20 degrees API) and light oil. In 1993, 
heavy oil represented over 67 percent of the total California production. 

Note that increased production from the federal OCS has offset a large per
centage of the decline in onshore production during the past few years. The in
vestment decisions associated with much of this increasing offshore production 
were made a number of years ago in a somewhat different economic environment. 

Figure E-3 shows the oil production from the three most significant geo
graphical areas within the state. Most of the production is from the San Joaquin 
Valley. Although not specifically shown in Figure E-3, Kern County, located in 
the San Joaquin Valley, accounts for approximately 60 percent of the state's pro
duction and 8 percent of the nation's production. 

Three of the top ten fields in the United States (Midway-Sunset, South 
Belridge, and Kern River) are located in Kern County, as shown in Table E-1 .  
Another Kern County field, Elk Hills, was recently displaced from the number 10 
spot it held in 1992 to number 12. Most of this production from Kern County and 
the San Joaquin Valley is also heavy oil. 

Of the approximately 42,000 producing wells in California, about half are 
classified as stripper wells (less than 10 barrels of oil per day) . Generally these 
low production wells have higher operating costs per barrel of production. This 
fact, along with the high energy costs associated with producing heavy oil, results 
in high operating costs for California production. Figure E-4 shows the distribu
tion of the California wells by well production rates. 

1 Basic data from (1)  Foster Associate, Inc., The Effect of the Proposed BTU Tax on Cali
fornia's Heavy Oil Production and the State Economy, May 17, 1993, and (2) various published 
and unpublished data developed by the California Conservation Committee of Oil and Gas Pro
ducers. 
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TABLE E-1 

TOP TEN U.S. PRODUCING OIL FIELDS 

Prod. Rate Cumulative Prod. 
Field Location (MB/D) (MMB) 

1 .  Prudhoe Bay Alaska 1 , 1 00 8,650 

2. Kuparuk River Alaska 31 3 1 , 1 00 

3. Midway-Sunset Kem 1 65 2, 1 90 

4. South Belridge Kem 1 26 947 

5. Kern River Kem 1 25 1 ,440 

6. Point Mcintyre Alaska 98 1 6  

7. Endicott Alaska 90 258 

8. East Texas Texas 82 5, 1 80 

9. Wasson Texas 78 1 ,850 

1 0. Giddings Texas 77 363 

California has a large reserve base of oil. Similar to the current production 
distribution, most of these reserves consist of heavy oil and most are located in the 
San Joaquin Valley. Table E-2 shows the 1992 California proven oil reserves.  (Al
though not shown in these figures, there are also significant heavy oil reserves in 
the California offshore. )  In addition, many companies have a cadre of unproven 
and/or undeveloped reserves that represent a significant additional potential for 
development. The large reserve base and the high reserve to production (RIP) 
ratio means that there are development opportunities for years into the future if 
the cost of production and crude oil price will allow development of this resource. 

It is important to note that reserves in heavy oil fields are recovered over an 
unusually long period of time (usually several decades) due to the low production 
rates caused by the very viscous crude oil. This additional time required to pro
duce the oil in place contributes to higher operating and capital costs as well as 
results in a delayed return on investment capital. In addition, during this pro
tracted productive life, heavy oil price fluctuations cause an increased risk in 
regard to capital recovery and adequate return on investment. 

TABLE E-2 

1 992 CALIFORNIA PROVED OIL RESERVES 
(Millions of Barrels) 

Region Reserves Reserves/Production 

San Joaquin 2,607 1 1 . 1 

Long Beach 777 1 7.9 

Ventura 206 1 3.8 

Santa Maria 208 1 8.3 

Total California 3,798 1 2.4 

Total United States 24,700 9.5 
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Figure E-5 shows California oil reserve additions by year. The decline in 
additions that started with the sharp market change in 1986 actually culminated 
in 1991 and 1992 with negative adjustments to the total reserve base. Without 
reserve additions, production will obviously continue to decline. 

This trend of reduced activity is also represented in the number of new Cal
ifornia heavy oil wells drilled each year, shown in Figure E-6. Note that over a 
third of the wells drilled in both 1990 and 1991 were associated with specific activ
ity at South Belridge Field driven by other dynamics. When this is taken into ac
count, starting in 1990, a new and lower level of drilling activity is clearly evident. 

Average field lifting costs for California heavy oil were approximately $6 .90 
per barrel in 1991. This average "lifting cost" does not include the additional costs 
associated with capital amortization, overhead, royalty, research, etc . These 
additional costs are often of the same order of magnitude as the field lifting costs 
themselves. The total of these costs represent the real costs associated with pro
ducing heavy oil. Figure E-7 shows the historical price for Kern River crude oil 
( 13 degrees API) against field lifting costs and an estimate of total costs . Even 
though most companies have reduced their lifting costs below this 1991 composite 
cost, the basic economic structure of the heavy oil industry, as shown by this 
graph, does not encourage development even in the $12 to $13 per barrel price 
range. 

The important and specific cost factors affecting California's predominant
ly heavy oil market are: 

• High Energy Requirements/Costs - The common method of EOR asso
ciated with California's heavy crude oil involves injecting large quanti
ties of steam into the reservoir to reduce the high viscosity of the heavy 
oil so that it flows more easily and rapidly to the wellbore. Generally 
three to four barrels of steam are injected for every barrel of oil produced. 
Most of this steam is produced in large boilers that have been largely 
converted from burning crude oil to natural gas due to the increasingly 
stringent air emission regulations. The injected steam is eventually 
recovered as produced water, which needs to be treated to the high stan
dards required for heating and injection as steam. It takes considerable 
initial steam injection to begin this recovery process and, once started, 
the steam injection must be continued or significant injected steam 
value/heat will be lost to the surrounding formations. 

Because of the high total cost of the steam generation and injection pro
cess (commonly about $4 per barrel of oil produced), significant attention 
has been directed towards the facilities in order to reduce the overall cost 
of the steam. One relatively new method of reducing the steam costs has 
been the installation of many electrical/steam cogeneration plants in the 
oil fields. The waste exhaust heat from turbine powered generators is 
used to generate steam, while the electrical output is either used to dis
place purchased electricity or sold to the local utility. In Kern County, 
where 60 percent of California's oil is produced, over 1,500 megawatts of 
cogenerated power has been installed in the oil fields over the past ten 
years. 
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• High Capital Development Costs - The cost of drilling a single typical 
heavy oil well is relatively low. However, the cost of drilling the many 
wells required to develop a heavy oil field and the cost of associated 
facilities required to treat the large amounts of produced water (cuts of 
90 percent are normal) to boiler standard, to heat the water, and to dis
tribute the steam are significant. While most of the capital expense is 
required by the water/steam operation, the facilities to treat, store, and 
pump the heavy viscous crude oil are also significant and costly. 

• Stringent/Costly Environmental Requirements - California continues to 
develop some of the most stringent environmental regulations. This has 
increased the complexity and cost of producing oil in California, espe
cially in the more sensitive coastal or urban areas. In addition, oil field 
abandonment requirements/costs are increasing and, while this does 
not affect the field operating costs, this does affect an operator's ability 
and/or willingness to sell/develop oil field properties. 

Figure E-7 highlights several other important features associated with the 
production of heavy oil in California. 

1. When the price for heavy oil in the early 1980s was in the mid to low 
$20's ,  many California reserves could be economically developed. In 
fact, much of today's production is from development projects that took 
place during this time frame. 

2. A key feature of the post-1986 price adjustment, beyond just the signif
icantly lower price, has been the extreme and rapid nature of the price 
fluctuation. Price can and has frequently changed by 30, 40, and even 
50 percent within weeks or months. 

3. Historically, California 13 degree heavy crude oil has sold for about 60 to 
70 percent of a West Texas 40 degree crude oil (the average price for Kern 
River Crude in February 1994 was $9.25 per barrel compared to $ 13 .00 for 
West Texas Intermediate) .  This low value is primarily based on the 
poorer crude oil quality, which results in a lower valued refined 
products mix from each barrel due to the limited refinery conversion 
capacity in California. California's refineries produced about 270,000 
barrels per day of low value #6 fuel oil in 1993, most of which can be 
attributed to California's heavy oil. 

4. The period of low price and extreme fluctuation has been in place since 
1986 and has to be viewed as the normal environment in which invest
ment decisions now need to be made. 

5. Since 1985, with the price fluctuating between $8 and $ 15,  many opera
tors have had significant difficulty making an adequate return on their 
investment. 

6. During the lower prices, such as in December, 1993 when Kern River 
Crude was at $8 .00 per barrel, many operators were operating at a 
negative cash flow even at the field operating level and faced difficult 
decisions to shut in or continue production. 
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Data gathered from producers throughout the state by the Conservation 
Committee of California Oil & Gas Producers estimates the amount of production 
that was not profitable based on December 9, 1993 postings (Kern River Crude was 
at $8.00 per barrel on 12/9/93). Figures E-8 and E-9 show these data both at the field 
level and with all costs including overhead and amortization of capital included. 
Considering just field level costs, 20 percent or 164,000 barrels per day was being 
operated with a negative cash flow in December, 1993 . If total costs are included, 
67 percent or 534,000 barrels per day was not profitable. 

The reality of California production is that it is a lower value product with 
high operating costs and large capital investment requirements which results in 
thin margins. This, combined with the erratic and low crude oil prices since 1986, 
has caused the California oil production industry to decline significantly over the 
last eight years. In 1985 there were approximately 89,000 people with either direct 
or indirect employment associated with producing oil in California. An approxi
mate 20 percent reduction in this employment took place in the mid-1980s asso
ciated with the sharp market adjustment in 1986. This decline has continued so 
that in 1993 the total employment has been reduced to just over 57,000, as shown in 
Table E-3. This represents a 36 percent decline in employment over the last eight 
years . 

TABLE E-3 

CALIFORNIA'S UPSTREAM OIL & GAS INDUSTRY EMPLOYMENT 

Decline from 
1 985 1990 1 993* 1 985 

Direct 39,500 31 ,700 25,300 ( 14,200) 

Indirect 49,770 39.942 31,880 (1 7,890) 

Total 89,270 71 ,642 57, 1 80 (32,090) 

Percent Change 
from 1 985 ( 1 9.8%) (36.0%) 

* First six months of 1 993. 

Production and the resulting jobs represent a significant source of revenue 
to the state and local governments, as shown in Table E-4. In 1985 this revenue 
was over one billion dollars. By 1990 it had fallen to 600 million and by 1992 to just 
over 400 million. While the 42 percent decline between 1985 and 1990 represents a 
major shift, the continued decline of 29 percent from 1990 represents the contin
ued distress of the industry and one measure of the impact that distress is having 
on the embattled California economy. On a more local level, in Kern County, the 
oil and gas property assessment represented 55 percent of the county's property 
assessment in 1985. This percentage has fallen over the years to where oil and 
gas properties now represents only 30 percent of the county's property assess
ment. 
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TABLE E-4 

STATE AND LOCAL REVENUE FROM CALIFORNIA OIL & GAS PRODUCTION 
(Millions of Dollars) 

Revenue Source 1 985 1 990 1 992 

State Sources 

Royalties and Production Revenues $425.4 $172.3 $87.6 

CA Income Tax - Corporate, Unitary 1 40.6 34.8 25.4 

Personal Income Taxes 80.8 82.0 75.7 

Oil Production Tax 7.3 8.4 8.1 

Other Environment Taxes & Fees 0.3 0.9 0.9 

State Sales & Use Taxes 87.5 58.8 42.6 

Payroll Tax 1 1 .0 5.9 4.7 

Subtotal STATE $752.9 $363. 1 $245.0 

Regional APCD Fees NA $1 5.9 $1 5.9 

Local & County Sources 

Property Tax $274.6 $206.7 $1 50.2 

Local Sales & Use Taxes 28.6 1 9.2 1 3.9 

Local APCD Fees 0.0 4.7 4.7 

Other Environmental Permit Fees 0.0 3.7 3.7 

Subtotal LOCAL $303.2 $234.3 $1 72.5 

G RAND TOTAL $1 ,056.1  $61 3.3 $433.4 
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APPENDIX F 
SECTION I 

WELL DATA 

MATERIAL IN APPENDIX 
DISTRIBUTION OF WELLS AND BOE PRODUCTION BY 

PRODUCTION RATE BRACKET, 1992 

• LOWER-48 STATES ONSHORE 

• EASTERN STATES 

• MIDCONTINENT 

• GULF COAST 

• PERMIAN BASIN 

• ROCKY MOUNTAINS 

• CALIFORNIA 

MATERIAL IN WORKING PAPERS 
WATER CUT DISTRIBUTION PAPERS BY RATE BRACKET 



Distribution of Wells and BOE Production by Production Rate Bracket 

for Lower 48 States Onshore, 1992 

Production A verage Annual 

Rate Annual Percent Percent Production Rate 

Bracket Production of of Per Well 

(BOE/Day) Wells (BOE) Wells Production (BOE/Day) 

0-1 1 93, 1 72 26,854,854 32 .96 1 .31  0.38 

1 -2 76,543 38,006,533 1 3.06 1 .86 1 .36 

2-3 45,842 38, 1 02,296 7.82 1 .86 2.27 

3-4 31 ,572 36,687,2 1 7  5.39 1 .79 3. 1 7  

4-5 23,603 35,035,609 4.03 1 .71 4.06 

5-6 20 , 1 70 36,675 , 1 43 3.44 1 .79 4. 97 

6-7 1 5,533 33,480,070 2 .65 1 .64 5.89 

7-8 1 2,899 31 ,864,81 4 2.20 1 .56 6.75 

8-9 1 1 ,276 31 ,508,672 1 .92 1 . 54 7.63 

9-1 0 1 1 ,622 37,263,71 5 1 . 98 1 .82 8.76 

Subtotal 0-1 0 442,232 345,478,923 75.46 1 6.89 2.1 3 
1 0-1 1 8,863 31 , 1 75, 1 86 1 .51  1 .52 9.61 

1 1 - 1 2  7,931 30,01 4,807 1 .35 1 . 47 1 0.34 

1 2- 1 3  6,764 27,788,799 1 . 1 5  1 .36 1 1 .22 

1 3- 1 4  6,342 28,61 3,681 1 .08 1 .40 1 2.33 

1 4-1 5 6,456 30,993,774 1 . 1 0  1 .52 1 3. 1 2  

Subtotal 0-1 5 478,588 494,065,170 81 .66 24.1 5 2.82 
1 5-20 21 ,749 1 23,1 78,837 3.71 6.02 1 5.47 

20-25 1 7,830 1 30,920,325 3.04 6.40 20.06 

25-30 1 3,063 1 1 9,248, 1 99 2 .23 5.83 24.94 

30-35 9, 1 08 92 , 1 56,988 1 . 55 4.50 27.65 

35-40 5,303 62,327,341 0.90 3.05 32. 1 1  

40-45 4, 1 85 53,222,791 0.71 2 .60 34.75 

45-50 3,275 49, 1 94,836 0.56 2 .40 41 . 04 

>50 32, 957 92 1 ,41 5,284 5.62 45.04 76.39 

Total 586,058 2,045,729,771 1 00.00 1 00.00 9.54 

Note 1 :  For determining Production Rate Brackets, a well's production rate is its annual production divided by 

the number of days the well produced during the year. A well that averaged 9.5 barrels per day for half of the 

year and nothing for the other half year would be in the 9-1 0  bracket, not the 4-5 bracket. 

Note 2: For Average Annual Production Rate, the total annual production of all the wells in a Production Rate 

Bracket were divided by all the wells that produced for some period during the year. 

Note 3: The oil production data in this table does not include lease condensate from gas wells. The official 

Energy Information Administration production data for crude oil production (including lease condensate) in 1 992 

is published in the Petroleum Supply Annual 1 992, DOE/EIA-0340(92). 

Source: Energy Information Administration, Office of Oil and Gas; Dwight's EnergyData, Inc.; and Petroleum 

Information Corp. 

Energy Information Administration 
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Distribution of Wells and BOE Production by Production Rate Bracket 

for Eastern States, 1 992 

Production A verage Annual 

Rate Annual Percent Percent Production Rate 

Bracket Production of of Per Well 
(BOE!Day) Wells (BOE) Wells Production (BOE/Day) 

0-1 84,996 1 1 ,754,680 63.87 2 1 .55 

1 -2 26, 1 42 1 2,597,820 1 9.65 23. 1 0  

2-3 1 0,352 8,631 ,746 7.78 1 5.82 

3-4 4,822 5,684,521 3.62 1 0.42 

4-5 2,51 5 3,841 ,878 1 .89 7.04 

5-6 1 ,427 2,679,663 1 .07 4.91 

6-7 863 1 ,885, 1 34 0.65 3.46 

7-8 550 1 ,41 3,054 0.41 2.59 

8-9 365 1 ,033,21 1 0.27 1 .89 

9-1 0 251 81 8,683 0. 1 9  1 .50 

Subtotal 0-1 0 1 32,284 50,340,390 99.41 92.29 

1 0-1 1 1 78 642,369 0. 1 3  1 . 1 8  

1 1 -1 2  1 29 506,390 0.1 0 0.93 

1 2-1 3 96 41 1 ,550 0.07 0.75 

1 3- 1 4  72 338,558 0.05 0.62 

1 4-1 5 56 278,460 0.04 0.51 

Subtotal 0-1 5 1 32,814 52,517,717 99.81 96.28 

1 5-20 1 45 864,952 0. 1 1  1 .59 

20-25 54 41 4,996 0.04 0.76 

25-30 24 225,549 0.02 0.41 

30-35 1 2  1 32,61 3 0.01 0.24 

35-40 7 85,959 0.01 0. 1 6  

40-45 4 59,034 0.00 0.1 1 

45-50 2 40,671 0.00 0.07 

>50 6 205,728 0.00 0.38 

Total 1 33,068 54,547,220 1 00.00 1 00.00 

Note 1 :  For determining Production Rate Brackets, a well's production rate is its annual production divided by 

the number of days the well produced during the year. A well that averaged 9.5 barrels per day for half of the 

year and nothing for the other half year would be in the 9-1 0 bracket, not the 4-5 bracket. 

Note 2: For Average Annual Production Rate, the total annual production of all the wells in a Production Rate 

Bracket were divided by all the wells that produced for some period during the year. 

Note 3: The oil production data in this table does not include lease condensate from gas wells. The official 

Energy Information Administration production data for crude oil production (including lease condensate) in 1 992 

is published in the Petroleum Supply Annual 1 992, DOE/EIA-0340(92). 

Note 4: The 1 0  States are constructed from a production rate distribution function and a mean production rate. 

These 1 0  States are: I l linois, Indiana, Kentucky, Missouri, New York, Ohio, Pennsylvania, Tennessee, Virginia, 

and West Virginia. 

Source: Energy Information Administration, Office of Oil and Gas; and Dwight's EnergyData, Inc. 

Energy Information Administration 
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Distribution of Wells and BOE Production by Production Rate Bracket 

for Mid-Continent, 1992 

Production A verage Annual 
Rate Annual Percent Percent Production Rate 

Bracket Production of of Per Well 
(BOE/Day) Wells (BOE) Wells Production (BOE/Day) 

0-1 48,522 6, 942,737 27.93 2 . 1 8  0 .39 

1 -2 26, 1 82 1 2,41 3,026 1 5.07 3.90 1 .30 

2-3 1 7,380 1 2,956,929 1 0.00 4.07 2 .04 

3-4 1 1 ,81 9 1 1 ,91 7,290 6.80 3.74 2.75 

4-5 8,662 1 0,758,223 4.99 3.38 3.39 

5-6 6,453 9,369,442 3.71 2 .94 3.97 

6-7 5, 1 45 8,977,374 2.96 2.82 4.77 

7-8 4, 1 1 2 7,895,467 2.37 2 .48 5.25 

8-9 3,238 6,658,302 1 .86 2.09 5 .62 

9-1 0 2,869 7,023,730 1 .65 2 .20 6.69 

Subtotal 0-1 0 1 34,382 94,912,520 77.34 29.79 1 .93 
1 0-1 1 2 ,399 6,347,344 1 .38 1 .99 7.23 

1 1 -1 2 2,045 5,283, 1 06 1 . 1 8  1 .66 7.06 

1 2-1 3 1 , 885 5,527,044 1 .08 1 .73 8.01 

1 3-1 4 1 ,481 4,589,727 0.85 1 .44 8.47 

1 4-1 5 1 ,428 4,405,998 0.82 1 .38 8.43 

Subtotal 0-1 5 1 43,620 1 21 ,065,739 82.66 37.99 2.30 
1 5-20 5,233 1 9,373,626 3.01 6.08 1 0. 1 2  

20-25 3,51 1 1 3,382,098 2.02 4.20 1 0.41 

25-30 2,306 1 0,872,830 1 .33 3.41 1 2.88 

30-35 2,067 9,073,634 1 . 1 9  2.85 1 1 .99 

35-40 1 ,239 6,797,933 0.71 2. 1 3  1 4.99 

40-45 1 , 1 30 5,867,271 0.65 1 .84 1 4. 1 9  

45-50 71 8 5,026,097 0.41 1 .58 1 9. 1 3  

>50 1 3,929 1 27, 1 80, 1 04 8.02 39.91 24.95 

Total 1 73,753 31 8,639,332 1 00.00 1 00.00 5.01 

Note 1 :  For determining Production Rate Brackets, a well's production rate is its annual production divided by 

the number of days the well produced during the year. A well that averaged 9.5 barrels per day for half of the 

year and nothing for the other half year would be in the 9-1 0  bracket, not the 4-5 bracket. 

Note 2: For Average Annual Production Rate, the total annual production of all the wells in a Production Rate 

Bracket were divided by all the wells that produced for some period during the year. 

Note 3: The oil production data in this table does not include lease condensate from gas wells. The official 

Energy Information Administration production data for crude oil production (including lease condensate) in 1 992 

is published in the Petroleum Supply Annual 1 992, DOE/EIA-0340(92). 

Source: Energy Information Administration, Office of Oil and Gas; Dwight's EnergyData, Inc.; and Petroleum 

Information. Corp. 

Energy Information Administration 
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Distribution of Wells and BOE Production by Production Rate Bracket 

for Gulf Coast, 1 992 

Production Average Annual 

Rate Annual Percent Percent Production Rate 

Bracket Production of of Per Well 

(BOE/Day) Wells (BOE) Wells Production (BOE/Day) 

0-1 34,625 4,233,336 39.94 0.96 0.33 

1 -2 7,966 4,241 ,875 9. 1 9  0.96 1 .45 

2-3 4,354 3,980,602 5.02 0.90 2.50 

3-4 3,61 4 4,61 5,246 4. 1 7  1 .05 3.49 

4-5 2,866 4,722, 042 3.31 1 .07 4.50 

5-6 2,738 5,454,873 3.1 6 1 .24 5.44 

6-7 1 ,866 4,422,1 01 2. 1 5  1 .00 6.47 

7-8 1 ,564 4,283, 1 87 1 .80 0.97 7.48 

8-9 1 ,699 5,294,063 1 .96 1 .20 8.51 

9-1 0 1 ,51 3 5,281 ,264 1 .75 1 .20 9.54 

Subtotal 0-1 0 62,805 46,528,589 72.45 1 0.57 2.02 

1 0-1 1 1 , 1 59 4,444,848 1 . 34 1 .01  1 0.48 

1 1 - 1 2  939 3,941 ,420 1 .08 0.90 1 1 .47 

1 2- 1 3  1 ,044 4,782,760 1 .20 1 .09 1 2.52 

1 3- 1 4  838 4, 1 33,271 0.97 0.94 1 3.48 

1 4- 1 5  675 3,575,965 0.78 0.81 1 4.47 

Subtotal 0-1 5 67,460 67,406,853 77.82 1 5.31 2.73 

1 5-20 3,374 21 ,379,470 3.89 4.86 1 7.31 

20-25 3,969 32,684,996 4.58 7.42 22.50 

25-30 2 ,705 27,045,472 3.1 2 6. 1 4  27.32 

30-35 1 ,579 1 8,827,207 1 .82 4.28 32.58 

35-40 903 1 2,258,603 1 .04 2.78 37. 09 

40-45 673 1 0,402, 1 58 0.78 2.36 42.23 

45-50 795 1 3,675,761 0.92 3 . 1 1 47.00 

>50 5,228 236,667,666 6.03 53.75 1 23.69 

Total 86,686 440,348,1 86 1 00.00 1 00.00 1 3.88 

Note 1 :  For determining Production Rate Brackets, a well's production rate is its annual production divided by 

the number of days the well produced during the year. A well that averaged 9.5 barrels per day for half of the 

year and nothing for the other half year would be in the 9-1 0  bracket, not the 4-5 bracket. 

Note 2: For Average Annual Production Rate, the total annual production of all the wells in a Production Rate 

Bracket were divided by all the wells that produced for some period during the year. 

Note 3: The oil production data in this table does not include lease condensate from gas wells. The official 

Energy Information Administration production data for crude oil production (including lease condensate) in 1 992 

is published in the Petroleum Supply Annual 1 992, DOE/EIA-0340(92). 

Source: Energy Information Administration, Office of Oil and Gas; and Dwight's EnergyData, Inc. 

Energy Information Administration 
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Distribution of Wells and BOE Production by Production Rate Bracket 

for Permian Basin, 1 992 

Production Average Annual 
Rate Annual Percent Percent Production Rate 

Bracket Production of of Per Well 
(BOE/Day) Wells (BOE) Wells Production (BOE/Day) 

0-1 1 6,273 2,558,496 1 4.20 0.41 0.43 

1 -2 1 0,406 5,609,945 9.08 0.90 1 .47 

2-3 8,467 7,71 9,0 1 3  7.39 1 .24 2.49 

3-4 6,704 8,595,670 5.85 1 .38 3 .50 

4-5 5,626 9,252, 1 60 4.91 1 .49 4.49 

5-6 6,202 1 2,449,250 5.41 2 .00 5.48 

6-7 4,765 1 1 ,31 5,407 4. 1 6  1 . 82 6.49 

7-8 4,000 1 0,945, 1 30 3.49 1 .76 7.48 

8-9 3,51 9 1 0,890,841 3.07 1 .75 8.46 

9-1 0 4,733 1 6,31 1 ,882 4. 1 3  2.62 9.42 

Subtotal 0-1 0 70,695 95,647,794 61 .69 1 5.37 3.70 

1 0- 1 1 3,093 1 1 ,932,723 2.70 1 . 92 1 0.54 

1 1 - 1 2  2,862 1 2,049,023 2 .50 1 . 94 1 1 .50 

1 2- 1 3  2 ,081 9,479,256 1 .82 1 .52 1 2.45 

1 3-1 4 2,371 1 1 ,745,454 2.07 1 .89 1 3.53 

1 4-1 5 2,783 1 4,706,877 2.43 2 . 36 1 4.44 

Subtotal 0-1 5 83,885 1 55,561 ' 1 27 73.20 24.99 5.07 

1 5-20 6,957 43, 1 3 1 ,273 6.07 6.93 1 6.94 

20-25 6,052 49,685,486 5.28 7.98 22.43 

25-30 4,924 49,976,71 6 4.30 8.03 27.73 

30-35 3, 1 00 36,236,395 2.71 5.82 31 .94 

35-40 1 ,234 1 6,950,852 1 .08 2.72 37.53 

40-45 994 1 5,392,728 0.87 2 .47 42.31 

45-50 686 1 1 ,828,070 0.60 1 .90 47. 1 1 

>50 6,758 243,682,003 5.90 39. 1 5  98.52 

Total 1 1 4,590 622,444,650 1 00.00 1 00.00 1 4.84 

Note 1 :  For determining Production Rate Brackets, a well's production rate is its annual production divided by 

the number of days the well produced during the year. A well that averaged 9.5 barrels per day for half of the 

year and nothing for the other half year would be in the 9-1 0 bracket, not the 4-5 bracket. 

Note 2: For Average Annual Production Rate, the total annual production of all the wells in a Production Rate 

Bracket were divided by all the wells that produced for some period during the year. 

Note 3: The oil production data in this table does not include lease condensate from gas wells. The official 

Energy Information Administration production data for crude oil production (including lease condensate) in 1 992 

is published in the Petroleum Supply Annual 1 992, DOE/EIA-0340(92). 

Source: Energy Information Administration, Office of Oil and Gas; and Dwight's EnergyData, Inc. 

Energy Information Administration 
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Distribution of Wells and BOE Production by Production Rate Bracket 

for Rocky Mountains, 1 992 

Production A verage Annual 

Rate Annual Percent Percent Production Rate 

Bracket Production of of Per Well 

(BOE/Day) Wells (BOE) Wells Production (BOE/Day) 

0-1 4,292 666,760 1 3.42 0.25 0.42 

1 -2 2 ,859 1 ,51 7,478 8.94 0.57 1 .45 

2-3 2,583 2,353,800 8.07 0.89 2 .49 

3-4 2 ,224 2,825,848 6.95 1 .07 3.47 

4-5 1 ,784 2,922,344 5.58 1 . 1 0  4.48 

5-6 1 ,41 4 2,833,278 4.42 1 .07 5.47 

6-7 1 , 1 44 2 ,721 ,096 3.58 1 .03 6 .50 

7-8 1 ,037 2,835,350 3.24 1 .07 7.47 

8-9 952 2,967, 1 01 2.98 1 . 1 2  8.52 

9-1 0 9 1 7  3 ,1 77,235 2.87 1 .20 9.47 

Subtotal 0-1 0  1 9,206 24,820,290 60.03 9.38 3.53 

1 0-1 1 708 2,71 5, 1 73 2.21 1 .03 1 0.48 

1 1 - 1 2  741 3, 1 24, 1 78 2.32 1 . 1 8  1 1 .52 

1 2-1 3 527 2,41 5,772 1 .65 0.91 1 2. 52 

1 3-1 4 522 2,579,31 8 1 .63 0.97 1 3.50 

1 4-1 5 51 3 2,71 6,024 1 .60 1 .03 1 4.47 

Subtotal 0-1 5 22,21 7 38,370,755 69.44 1 4.50 4.72 

1 5-20 1 ,923 1 2,277, 1 09 6.01 4.64 1 7.44 

20-25 1 ,405 1 1 ,496,831 4.39 4.34 22.36 

25-30 1 , 001 1 0,030,326 3. 1 3  3.79 27.38 

30-35 71 8 8,51 4,594 2.24 3.22 32.40 

35-40 685 9,347, 1 97 2. 1 4  3.53 37.28 

40-45 479 7,460,671 1 .50 2 .82 42.56 

45-50 391 6,794, 1 50 1 .22 2 .57 47.48 

>50 3, 1 74 1 60,31 7, 1 68 9.92 60.59 1 38.00 

Total 31 ,993 264,608,801 1 00.00 1 00.00 22.60 

Note 1 :  For determining Production Rate Brackets, a well's production rate is its annual production divided by 

the number of days the well produced during the year. A well that averaged 9.5 barrels per day for half of the 

year and nothing for the other half year would be in the 9·1 0 bracket, not the 4-5 bracket. 

Note 2: For Average Annual Production Rate, the total annual production of all the wells in a Production Rate 

Bracket were divided by all the wells that produced for some period during the year. 

Note 3: The oil production data in this table does not include lease condensate from gas wells. The official 

Energy Information Administration production data for crude oil production (including lease condensate) in 1 992 

is published in the Petroleum Supply Annual 1 992, DOE/EIA-0340(92). 

Source: Energy Information Administration, Office of Oil and Gas; and Dwight's EnergyData, Inc. 

Energy Information Administration 
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Distribution of Wel ls  and BOE Production by Production Rate Bracket 

for California, 1 992 

Production Average Annual 

Rate Annual Percent Percent Production Rate 

Bracket Production of of Per Well 

(BOE/Day) Wells (BOE) Wells Production (BOE/Day) 

0-1 4,464 698,845 9.71 0.20 0 .43 

1 -2 2,988 1 ,626,389 6.50 0.47 1 .49 

2-3 2,706 2,460,206 5.89 0.71 2.48 

3-4 2,389 3,048,642 5.20 0.88 3.49 

4-5 2, 1 50 3,538,962 4.68 1 .03 4.50 

5-6 1 , 936 3,888,637 4.21 1 . 1 3  5.49 

6-7 1 ,750 4, 1 58,958 3.81 1 .21 6.49 

7-8 1 ,636 4,492,626 3.56 1 .30 7.50 

8-9 1 ,503 4,665,1 54 3.27 1 .35 8.48 

9-1 0  1 ,339 4,650,921 2.91 1 .35 9.49 

Subtotal 0-1 0 22,861 33,229,340 49.73 9.63 3.97 

1 0- 1 1 1 ,326 5,092,729 2.88 1 .48 1 0.49 

1 1 -1 2  1 ,2 1 5  5 ,1 1 0,690 2.64 1 .48 1 1 .49 

1 2-1 3 1 ' 1 3 1 5, 1 72,41 7 2.46 1 .50 1 2.50 

1 3- 1 4  1 ,058 5,227,353 2.30 1 .51  1 3.50 

1 4- 1 5  1 ,001 5,31 0,450 2 . 1 8  1 . 54 1 4.49 

Subtotal 0-1 5 28,592 59, 1 42,979 62.20 1 7. 1 4  5.65 

1 5-20 4,1 1 7  26, 1 52,407 8.96 7.58 1 7.36 

20-25 2,839 23,255, 91 8 6 .1 8 6.74 22.38 

25-30 2, 1 03 21 ,097,306 4.57 6 . 1 1 27.41 

30-35 1 ,632 1 9,372,545 3.55 5.61 32.43 

35-40 1 ,235 1 6,886,797 2.69 4.89 37.36 

40-45 905 1 4,040,929 1 .97 4.07 42.39 

45-50 683 1 1 ,830,087 1 .49 3.43 47.32 

>50 3,862 1 53,362,6 1 5  8.40 44.43 1 08.50 

Total 45,968 345,141 ,583 1 00.00 1 00.00 20.51 

Note 1 :  For determining Production Rate Brackets, a well's production rate is its annual production divided by 

the number of days the well produced during the year. A well that averaged 9.5 barrels per day for half of the 

year and nothing for the other half year would be in the 9-1 0  bracket, not the 4-5 bracket. 

Note 2: For Average Annual Production Rate, the total annual production of all the wells in a Production Rate 

Bracket were divided by all the wells that produced for some period during the year. 

Note 3: The oil production data in this table does not include lease condensate from gas wells. The official 

Energy Information Administration production data for crude oil production (including lease condensate) in 1 992 

is published in the Petroleum Supply Annual 1 992, DOE/EIA-0340(92). 

Source: Energy Information Administration, Office of Oil and Gas; and Dwight's EnergyData, Inc. 

Energy Information Administration 
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APPENDIX F 
SECTION II 

OPERATING COSTS 

MATERIAL IN APPENDIX 
COST ALGORITHM CALIBRATION EXAMPLES 

MATERIAL IN WORKING PAPERS 
THE FOLLOWING INFORMATION IS AVAILABLE 

FROM THE NPC IN THE FORM OF WORKING PAPERS: 

• ALL COST ALGORITHMS AND SURVEY DATA 

• TABLES OF CosT SuRVEY DATA 



Operating Costs 

The Energy Information Administration (EIA) used its Cost and Indices 
report data as a basis for generating the initial economic model cost algorithms. 
These data are gathered annually from industry service providers and are assim
ilated into a report that details the costs for producing a hypothetical lease. In 
order to validate these data, the NPC surveyed producers within the study group 
in addition to producers associated with the Independent Petroleum Association 
of America, the National Stripper Well Association, and the Interstate Oil and 
Gas Compact Commission, to gather actual operating cost data. The data request
ed were for costs to produce marginal properties so that an upper bound could be 
placed on the EIA cost algorithms. However, the data received covered a wide 
range of properties including those that are marginal as well as those that opera
tors deem to be non-marginal properties (based on average 1993 realized oil price). 

The EIA cost algorithms address normal daily expense (which includes 
lease level overhead and supervision), water disposal costs, lifting costs, and sur
face and subsurface repair and maintenance. In addition to the data from the 
Cost and Indices report, the EIA in conjunction with industry input generated a 
water disposal cost curve, since water disposal costs can be a significant portion of 
a well's operating expense. The water disposal cost curve indicates that as larger 
volumes of water are produced from a well, lease, or field, there are economies of 
scale that can be achieved for more efficient water disposal or injection operations. 
The figure on the next page illustrates the cost components mentioned above. 

After integrating the cost and indices and water disposal data, cost curves 
were generated by depth for areas that correspond to data in the Cost and Indices 
report. Cost curves were generated for an isolated lease producing at 1 ,  5, 10, and 
20 barrels per day and plotted on a cost per barrel of oil equivalent (BOE) versus 
water cut graph. The cost curves indicate increasing costs at higher water cuts 
and lower well production rates. In addition to the isolated lease scenario, it was 
recognized that large field operations realize economies of scale. These economies 
occur primarily in water disposal costs and infrastructure advantages and are 
shown as a separate curve on the cost curve graph. In order to accurately model 
costs from wells producing at rates below 10 BOE/D, daily costs (including lease 
level supervision and overhead) were proportionally reduced to represent a lower 
frequency of well monitoring. For example, a well producing 10 BOE/D or more 
incurred the full cost ($7.20/day) of daily supervision, while a well producing at 
2 BOE/D incurred only 20 percent of the full cost ($1.44/day). 

The algorithm calibration/verification process included several steps.  Each 
step is illustraed with a series of four graphs for several areas, as shown on pages 
F.II-5 through F.II-26.  Initially all of the survey data were used to determine if 
the general trend of the curves was correct. For several sets of data, this included 
plotting data where no depth information was provided. With this level of verifica
tion accomplished, the data were plotted in a more detailed manner separating 
the data by state, depth, and water cut. Portions of the data were omitted where no 
depth or water cut information was available. These plots provided guidance for 
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Item/Description 

1 .  Distribution of oil wells 
by production rate 
bracket for select 
well depths and 
geographic areas 

2. Well Lifting Cost 
(less water d isposal 
cost) 

3 .  Wel l Water Disposal 
Cost 

4. Well Surface and 
Subsurface 
Maintainance Cost 

5 .  Normal Daily Expense 
( Including Well/Lease 
Level, Labor, 
Overhead, and 
Supervision) 

Curve 

oil rate (BOEID) 

$/Day/ I � 
Well

-
� 

liquid rate (BUD) 

1 00,000 

�BW

1::�b 
0 50 1 ,000 J' 

water rate (BW/D) 

$/Day/ I � 
Well

-
� 

liquid rate (BUD) 

$/Day/ 7

0 

[ -----
Well lL! 

1 0  oil rate (B/D) 

Source 

Dwight's and E IA. 
In some cases, well production 
rates are based on lease/ 
field averages. 

EIA "Cost and Indices 
Report." 

Developed by E IA. 
· Calibrated by NPC. 

E IA "Cost and Indices 
Report." 

EIA "Cost and Indices 
Report." Costs are based 
on "typical" 1 0  well oil lease 
producing 1 00 8/D/well of 
flu id. 

EIA Economic Model Operating Cost Components. 
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further refining of the EIA cost algorithms. The final step of the calibration pro
cess was to eliminate all data where rate information was not provided, eliminate 
survey data with rates greater than 21 BOE/D and include full-field water han
dling cost curves. Survey data were then segregated into rate brackets so that a 
closer correspondence to the EIA rate curves could be established. 

Results of the calibration efforts indicated that water handling (injection 
and disposal) costs vary significantly from area to area and, in some cases, from 
well to well within an area and make it impossible to precisely estimate each 
wells operating costs. The water handling information utilized in the cost curves 
represents an average and provides a relatively accurate cost over a broad spec
trum of wells . Very few cost data were provided by survey participants on wells 
with rates less than one barrel of oil equivalent per day-a majority of which are 
probably Class 2 intermittent producers. The small operators owning these very 
low rate wells have developed unique operating practices to maintain their pro
duction. When prices fall,  these operating practices may deviate substantially 
from what optimum operations would normally include. For example, mainte
nance may be performed less frequently than normal.  These conditions make 
considering a cash flow analysis problematic, since few operating cost data are 
available and the mode of operations for these wells is radically different from 
higher rate wells . As previously demonstrated, small cost increases or produc
tion rate decreases can cause significant swings in costs on a per BOE basis for 
these low rate wells. 

Although survey information and the calibration process had several short
comings, it is believed that an adequate correlation between actual cost data and 
the cost algorithms exists to provide a high degree of confidence that the general 
population of wells can be represented with the EIA cost algorithms .  
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COST ALGORITHM CALIBRATION 

EXAMPLE 

OKLAHOMA 4,000 FEET 
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COST ALGORITHM CALIBRATION 

EXAMPLE 

ROCKY MOUNTAINS 4,000 FEET 
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COST ALGORITHM CALIBRATION 

EXAMPLE 

WEST TEXAS 4,000 AND 6,000 FEET 
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APPENDIX F 
SECTION III 

WELL LEVEL ECONOMIC ANALYSES 
THESE DATA DEAL WITH WELULEASE LEVEL BEFORE FEDERAL INCOME TAX 

CASH FLOW ONLY AND DO NOT ADDRESS FULL COSTS OF OPERATIONS. 

MATERIAL IN APPENDIX 
EXAMPLE OF ECONOMIC STATUS OF OIL WELLS BY 

PRODUCTION RATE BRACKET, 1992-PRODUCTION AND 
WELLS AT $ 14 PER BARREL DOMESTIC OIL PRICE 

• LOWER-48 STATES ONSHORE 

MATERIAL IN WORKING PAPERS 
THE FOLLOWING ANALYTICAL RESULTS ARE AVAILABLE FROM THE NPC 

IN THE FORM OF WORKING PAPERS: 

ECONOMIC STATUS OF OIL WELLS BY PRODUCTION RATE 
BRACKET, 1992-PRODUCTION AND WELLS AT $8, $ 10,  $ 12 ,  
$14, $ 16, $ 18, AND $20 PER BARREL DOMESTIC OIL PRICE 

• LOWER-48 STATES ONSHORE 

• EASTERN STATES 

• MIDCONTINENT 

• GULF COAST 

• PERMIAN BASIN 

• RocKY MouNTAINs 

• CALIFORNIA 



PRODUCTION 

Economic Status of Oi l  Wells by Production Rate Bracket for 1 992, 

Onshore Lower-48 States 

($1 4.00/ Bbl Domestic Oil  Price) 

Production 

Rate Annual Economic Uneconomic 

Bracket Production Production Production 
(BOE/Day) Wells (BOE) (Percent) (Percent) 

0-1 1 93,1 71 26,854,848 84.3 1 5.7 

1 -2 76,543 38,006,537 88.4 1 1 .6 

2-3 45,842 38,1 02,298 88.0 1 2.0 

3-4 31 ,571 36,687,21 5 88 . 8  1 1 .2 

4-5 23,604 35,035,606 89.6 1 0.4 

5-6 20, 1 69 36,675, 1 44 9 1 .6 8.4 

6-7 1 5 ,534 33,480,067 91 .7 8.3 

7-8 1 2,899 31 ,864,81 3 91 .6 8.4 

8-9 1 1 ,277 31 ,508,673 91 .8 8.2 

9-1 0 1 1 ,622 37,263,71 6 93.2 6.8 

Subtotal 0-1 0 442,232 345,478,91 7 90.0 1 0.0 

1 0-1 1 8,862 31 , 1 75, 1 87 93.1  6 .9  

1 1 - 1 2  7,931 30,01 4,809 92.7 7.3 

1 2- 1 3  6,764 27,788,799 93.2 6.8 

1 3- 1 4 6,343 28,61 3,679 93.6 6.4 

1 4-1 5 6,455 30,993,773 93.7 6.3 

Subtotal 0-1 5 478,587 494,065, 1 64 91 .0 9.0 

1 5-20 21 ,750 1 23, 1 78,837 93.0 7.0 

20-25 1 7,830 1 30,920,323 95.3 4.7 

25-30 1 3,063 1 1 9,248, 1 98 96. 1  3 .9  

30-35 9, 1 08 92, 1 56,990 95.8 4.2 

35-40 5,303 62,327,340 95.7 4.3 

40-45 4,1 85 53,222,790 96.3 3.7 

45-50 3,275 . 49, 1 94,837 96.6 3.4 

>50 32,957 921 ,41 5,281 98 . 0  2 . 0  

Total 586,058 2,045,729,760 95.5 4.5 

Note 1 :  For determining Production Rate Brackets, a well's production rate is its annual production divided by 

the number of days the well produced during the year. A well that averaged 9.5 barrels per day for half of the 

year and nothing for the other half year would be in the 9-1 0  bracket, not the 4-5 bracket. 

Note 2: An Uneconomic well can no longer produce enough income to meet normal lease operating costs. 

Note 3: The oil production data in this table does not include lease condensate from gas wells. The official 

Energy Information Administration production data for crude oil production (including lease condensate) in 

1 992 is published in the Petroleum Supply Annual 1 992, DOE/EIA-0340(92). 

Source: Energy Information Administration, Office of Oil and Gas; Dwight's EnergyData, Inc.; and Petroleum 

Information Corp. 

Energy Information Administration 
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WELLS 

Economic Status of Oil Wells by Production Rate Bracket for 1 992, 

Onshore Lower-48 States 

($ 1 4.00/ Bbl Domestic Oil  Price) 

Production 

Rate Annual Economic Uneconomic 

Bracket Production Wells Wells 
(BOE/Day) Wells (BOE) (Percent) (Percent) 

0-1 1 93,1 71 26,854,848 66.9 33. 1  

1 -2 76,543 38,006, 537 88.6 1 1 . 4 

2-3 45,842 38, 1 02,298 88. 1  1 1 . 9 

3-4 31 ,571 36,687,21 5 89. 1 1 0.9 

4-5 23,604 35,035,606 89.7 1 0.3 

5-6 20, 1 69 36,675, 1 44 91 .7 8.3 

6-7 1 5,534 33,480,067 92.0 8.0 

7-8 1 2,899 31 ,864,81 3 92.0 8 . 0  

8-9 1 1 ,277 31 ,508,673 92.2 7.8 

9-1 0 1 1 ,622 37,263,71 6 93.3 6.7 

Subtotal 0-1 0 442,232 345,478,91 7 79.7 20.3 

1 0- 1 1 8,862 31 , 1 75, 1 87 93.6 6.4 

1 1 - 1 2  7,931 30,01 4,809 93.3 6.7 

1 2- 1 3 6,764 27,788,799 93.6 6.4 

1 3- 1 4 6,343 28,61 3,679 94. 1 5 .9  

1 4- 1 5 6,455 30,993,773 94.2 5.8 

Subtotal 0-1 5  478,587 494,065,164 80.8 1 9.2 

1 5-20 2 1 ,750 1 23,1 78,837 93.5 6.5 

20-25 1 7,830 1 30,920,323 95.8 4.2 

25-30 1 3,063 1 1 9,248, 1 98 96.3 3.7 

30-35 9, 1 08 92, 1 56,990 96.3 3.7 

35-40 5,303 62,327,340 96.3 3.7 

40-45 4, 1 85 53,222,790 97.0 3.0 

45-50 3,275 49, 1 94,837 97.0 3.0 

>50 32,957 921 ,41 5,281 98.7 1 . 3 

Total 586,058 2,045,729,760 83.7 1 6.3 

Note 1 :  For determining Production Rate Brackets, a well's production rate is  its annual production divided by 

the number of days the well produced during the year. A well that averaged 9.5 barrels per day for half of the 

year and nothing for the other half year would be in the 9-1 0 bracket, not the 4-5 bracket. 

Note 2: An Uneconomic well can no longer produce enough income to meet normal lease operating costs. 

Note 3: The oil production data in this table does not include lease condensate from gas wells. The official 

Energy Information Administration production data for crude oil production (including lease condensate) in 

1 992 is published in the Petroleum Supply Annual 1 992, DOE/EIA-0340(92). 

Source: Energy Information Administration, Office of Oil and Gas; Dwight's EnergyData, Inc.; and Petroleum 

Information Corp. 

Energy Information Administration 
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APPENDIX F 
SECTION IV 

AFTER TAX ECONOMIC ANALYSES 

MATERIAL IN APPENDIX 
• MARGINAL WELL CREDIT METHODOLGY 

• DETAILED MARGINAL WELL CREDIT RESULTS 

MATERIAL IN WORKING PAPERS 
DETAILED BASE CASE AND REGIONAL ANALYSES TABLES ARE 

AVAILABLE FROM THE NPC IN THE FORM OF WORKING PAPERS. 



After Tax Economic Analyses 

MARGINAL WELL CREDIT METHODOLOGY 

Each category of marginal wells is allocated among three operator classes: 
small independents (producing less than 1,000 BOE per day), large independents, 
and integrated companies, based on classifications provided by the Energy Infor
mation Administration (EIA). The operator class allocation is used to determine 
the proportion of wells in each category that are currently entitled to percentage 
depletion and other federal tax benefits. 

For each category of wells, the average oil equivalent production rate (6 MCF 
of gas set equal to 1 BOE), water production rates, and well depth was used to con
struct a representative typical well. For purposes of revenue estimation, the value 
ratio of a barrel of oil to an MCF of gas was assumed to be 10 MCF to one barrel, 
with associated gas production estimated using average gas:oil ratios for each 
region. The production, revenues, costs, and taxes were calculated for each year of 
the analysis and used to determine the after-tax cash flow for each operator/tax 
situation. 

The 1992 average production rate for each typical well was determined from 
the data provided by the EIA. Production in future years for each representative 
well was projected using a characteristic decline rate. This formula decreases 
decline rates as the production rate decreases . The decline formula was cali
brated using EIA published reserve data for lower-48 oil and associated gas and 
published Interstate Oil and Gas Compact Commission (IOGCC) data for remain
ing reserves from existing oil wells producing less than 10 barrels per day. 

The 1992 average water production rate for wells in each category was pro
vided by the EIA. Future water production was projected separately for low water 
cut wells and high water cut wells . The dividing line between low cut and high 
cut wells was assumed to be a 60 percent water cut. Water production from low 
cut wells was assumed to decrease each year in proportion to the decrease in oil 
and gas production. Water production from high cut wells was assumed to in
crease each year such that gross fluid production remains constant. 

Operating and maintenance cost equations were supplied by the EIA for 
each region. The operating and maintenance costs supplied by the EIA were di
vided into four components: water disposal costs, daily operating costs (including 
lease-level labor and supervision), lifting costs, and maintenance costs . Addi
tional costs for thermal oil recovery were also supplied for California heavy oil 
wells. The correlation equations for these costs are a function of oil equivalent 
production rate, water production rate, and well depth. Using the projections for 
oil equivalent and water production for each category of wells, and the mid-point 
depth for the category, annual operating and maintenance costs were calculated 
for each representative well. 

Depreciation, depletion, and amortization (DD&A) costs are input as $4.00 
per barrel, which is based on companies reporting in the EIA FRS database and 
for companies profiled in the Oil and Gas Journal top companies database. 
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Lease-level general and administrative (G&A) costs are included in the EIA 
operating and maintenance costs. This includes only the component of G&A that 
are attributable to operations at the lease level and excludes that associated with 
fixed corporate overhead and administration. In order to address the range of 
economic circumstances U.S. operators currently find themselves in, two cost ap
proaches to determining economic limit were used, as follows: 

• As a "marginal cost" economic limit: the individual well or property has 
negligible effect on overall company cash flow or profitability. The after
tax cash flow is the before-tax cash flow less state and federal taxes, plus 
tax credits. That is, corporate overhead and DD&A reduce tax liability 
but do not reduce cash flow after taxes. 

• As a "full cost" economic limit: the well or property (or a large number 
of properties with comparable economics) is central to the company's 
cash flow or financial viability. In this case, the after-tax cash flow 
recognizes corporate overhead (estimated at $1 .00/BOE) and other costs 
(estimated at $4.00/BOE, as discussed in Chapter Five) as items that 
directly reduce cash flow after taxes. / 

The former is the "textbook" definition of economic limit and may in some 
cases be appropriate for companies with diversified activities. The latter is rep
resentative of a company whose properties are predominantly marginal, and that 
the company's overhead structure is at risk, or when properties can't generate 
positive cash flow. Taken together, they represent the range of situations facing 
operators; this range is used for estimating all benefits and costs. 

Royalty costs are based on an average royalty rate of 12.5 percent. Severance 
and ad valorem taxes are calculated using a combined rate of 10 percent. 

For each operator class, it was assumed that 50 percent of producers are 
subject to alternative minimum tax (AMT). Moreover, 45 percent of the indepen
dent operators were assumed to have no tax liability. The wells allocated to each 
operator size class were further allocated to taxable situations based on these per
centages . 

Before-tax cash flow was determined annually, for a typical producer repre
senting the average production and costs for wells in each category, by subtracting 
operating and maintenance costs, royalties, production taxes, and lease level over
head expenses from gross revenues.  Taxable income was determined annually 
for each typical producer by subtracting corporate overhead, depreciation, deple
tion, and amortization from before-tax cash flow. 

State income tax was calculated annually for each typical producer by mul
tiplying taxable income by an assumed 5 percent state income tax rate. No state 
income tax was assessed for the fraction of wells that are assumed to have no tax 
liability. "Negative taxes" resulting from negative taxable income on the project 
are assumed to be used to offset other taxable operations of the company. Two 
sensitivity runs with no "negative taxes" illustrate the impact of this assumption. 
Federal income tax was calculated annually for each typical producer by multi
plying state taxable income less state income tax paid by a federal income tax rate. 
The federal income tax rate for operators not in AMT was 34 percent for indepen-
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dents and a 35 percent for integrated companies. For operators in AMT the tax 
was to be 20 percent. No federal income tax was assessed for the fraction of wells 
assumed to have no tax liability. As with state taxes,  "negative taxes" are 
assumed to offset other taxable activities. 

In cases where federal tax credits are made available, tax credits were 
calculated annually for each typical well based on the well production, specified 
credit qualification criteria, credit value ($/BOE), credit phase-out formula, and oil 
price. For wells allocated to the standard federal tax category, 100 percent of the 
federal tax credit was added to the after-tax cash flow. 

For wells allocated to the no taxable income category, the credit was still 
applied to the after-tax cash flow, since the credit is specified to be transferable. In 
this case, the value of the credit was reduced to a market price and adjusted for 
taxes on the credit sales revenue (sales of credits would be taxable income). The 
market price was assumed to be 80 percent of the credit amount. The effective tax 
rate for credit sales was· assumed to be 20 percent, and was allocated proportion
ally between state and federal taxes. 

A category of wells (i.e . ,  rate, depth, water cut, operator size, and tax situa
tion) was assumed to be abandoned when its after-tax cash flow turns negative . 

. That is, when the well reaches its economic limit. The abandonment of the entire 
category is not assumed to occur in a single year, because the typical well used in 
the cash flow analysis represents a distribution of wells in the category. Aban
donment of a well category are instead distributed evenly over three years. 

Once the number of remaining wells and the production of oil, gas , and 
water have been calculated annually for each category of wells, overall costs and 
benefits were estimated. Total production, gross revenues, state and federal taxes, 
federal credit costs, total operating and maintenance expenditures, and well 
abandonments were determined directly by aggregating the results for each well 
category. 

The total additional employment for the economy as a whole (direct and 
indirect) was estimated based on imports avoided by virtue of the credit. Each 
million dollars in imports avoided was assumed to result in 3 .2  direct industry 
jobs and 9.0 total incremental jobs in the nation. These employment multipliers 
are those suggested by the Department of Commerce in the Regional Input
Output Modeling System (RIMSII), and are comparable to those assumed by 
Coopers & Lybrand in their study of marginal well employment impacts for the 
IOGCC. Personal income taxes paid per typical petroleum industry employee was 
assumed to be $9,000 per year, with $2,250 paid in state income taxes,  and $6,750 
paid in federal income taxes. 

DETAILED MARGINAL WELL CREDIT RESULTS 

The following tables contain detailed results that correspond to the incremen
tal and full cost summary tables found in Sections A, B, and C at the end of Chapter 
Five. Detailed base case and regional analyses tables are available as working papers. 
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Incremental Costs & Benefits 
of Marginal Oil Well Credit 

Wells Saved # of Wells 
(average over period) 

Wells Receiving Credit # of Wells 
(average over period) 

Incremental Production MMBOE 

Credit Paid 1 994 $MM 

Net Federal Cost 1 994 $MM 

State & Local Revenues 1 994 $MM 

Employment Labor-Years 

GOP 1 994 $MM 

Imports Avoided 1 994 $MM 

Credit Cost ($/BOE) 1 994 $ 

Net Cost ($/BOE) 1 994 $ 

Credit Cost ($/Well) 1 994 $ 

Net Cost ($/Well) 1 994 $ 

$8-$1 6 STEP PRICE TRACK; FULL COST BASIS; $3 CREDIT; 
NEGATIVE TAXES ALLOWED 

$8-$1 6 Phase-Out $1 0-$1 8  Phase-Out 

5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 

23, 1 45 23,767 1 8 ,794 24,463 26,392 2 1 ,338 

73, 1 5 1 36,576 1 4,068 1 70,707 1 63 ,075 1 44,954 

1 05 1 91 3 1 1 1 1 2 2 1 2  362 

878 878 878 1 , 1 69 1 ,605 2 ,6 1 6  

732 6 1 7  472 996 1 ,276 2 ,064 

1 97 363 592 221 434 767 

23,773 36, 1 89 53,825 30,6 1 9  53,808 95,876 

2, 1 65 4,342 7,452 2,349 4,894 8,73 1 

1 ' 1 80 2,350 3,993 1 ,28 1 2,646 4,702 

8 .40 4 .6 1  2 .82 1 0 .47- 7.57 7.23 

7.00 3 .24 1 . 52 8 .92 6.02 5 .70 

37,934 36,941 46 ,7 1 7 47,786 60,8 1 3  1 22,598 

3 1 , 626 25,960 25 , 1 1 5  40,71 4  48,347 96,729 

$14-$20 Phase-Out 

5 yrs 1 0  yrs 25 yrs 

26,71 7 30, 1 66 25,640 

1 72,961 1 66 ,849 1 49,256 

1 22 242 441 

1 ,666 2,863 5,677 

1 ,453 2,425 4,844 

265 548 1 ,046 

41 ,906 82,858 1 66,494 

2 ,606 5,665 1 0 ,740 

1 ,41 7 3,060 5,791 

1 3 .70 1 1 .84 1 2 .86 

1 1 . 94 1 0.03 1 0.98 

62,357 94 ,909 221 ,41 2 

54,385 80,380 1 88 ,924 



Incremental Costs & Benefits 
of Marginal Oil Well Credit 

Wells Saved # of Wells 
(average over period) 

Wells Receiving Credit # of Wells 
(average over period) 

Incremental Production MMBOE 

Credit Paid 1 994 $MM 

Net Federal Cost 1 994 $MM 

State & Local Revenues 1 994 $MM 

$8-$20 CYCLE PRICE TRACK; FULL COST BASIS; $3 CREDIT; 
NEGATIVE TAXES ALLOWED 

$8-$1 6 Phase-Out $1 0-$1 8 Phase-Out 

5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 

1 8 ,485 20,752 20,959 2 1 ,455 25 , 1 56 23,988 

1 1 5 ,224 1 1 7,934 50,539 1 54,475 1 59,063 71 ,572 

82 1 67 333 1 00 2 1 1 398 

70 1 1 ,281 1 ,351 1 ,045 2 ,026 2 ,245 

576 1 , 055 82 1 1 ,097 1 ,736 1 ,6 1 7 

1 74 325 71 0 222 422 853 

Employment Labor-Years 20,96 1 4 1 ,044 71 ,2 1 6  30,203 60,8 1 5 97,408 

GOP 1 994 $MM 1 ,908 3,653 8,71 2 2 ,364 4,650 1 0 ,3 1 9 

Imports Avoided 1 994 $MM 1 ,034 1 ,990 4,653 1 ,287 2,544 5,542 

Credit Cost ($/BOE) 1 994 $ 8 .52 7 .66 4.05 1 0.44 9 .60 5 .64 

Net Cost ($/BOE) 1 994 $ 7.00 6 .3 1  1 .46 8 .83 8 .23 4.06 

Credit Cost ($/Well) 1 994 $ 37,922 6 1 ,729 64,458 48 ,707 80,537 93,588 

Net Cost ($/Well) 1 994 $ 3 1  ' 1 60 50,838 39, 1 7 1 4 1 ,203 69,009 67,409 

$14-$20 Phase-Out 

5 yrs 1 0  yrs 25 yrs 

28,607 33,571 28,867 

1 59 ,564 1 66,446 75,078 

1 32 285 5 1 3  

1 ,733 3,530 4,047 

1 ,496 3 ,094 3,2 1 7  

3 1 5  6 1 5 1 ' 1 45 

47,982 98,531 1 47,369 

3,202 6,398 1 3 ,233 

1 ,727 3,481 7, 1 08 

1 3.09 1 2 .39 7.89 

1 1 .30 1 0.86 6 .27 

60,580 1 05, 1 50 1 40, 1 93 

52,295 92, 1 63 1 1 1 ,441 



Incremental Costs & Benefits 
of Marginal Oil Well Credit 

Wells Saved # of Wells 
(average over period) 

Wells Receiving Credit # of Wells 
(average over period) 

Incremental Production MMBOE 

Credit Paid 1 994 $MM 

Net Federal Cost 1 994 $MM 

State & Local Revenues 1 994 $MM 

1 994 AEO LOW PRICE TRACK; FULL COST BASIS; $3 CREDIT; 
NEGATIVE TAXES ALLOWED 

$8-$1 6 Phase-Out $1 0-$1 8 Phase-Out 

5 yrs 1 0  yrs 25 yrs 5 yrs 10  yrs 25 yrs 

1 ,040 776 351  6,928 7,7 1 2 3,332 

1 80,091 1 1 1 ,233 42,782 232,9 1 9 221 ,41 1 85, 1 58 

4 6 7 32 58  63 

89  96  96  770 1 ' 1 50 1 ' 1 50 

82 89  87 696 1 ,046 1 , 042 

1 5  1 7  1 7  94 1 59 1 69 

Employment Labor-Years 2,345 2,838 2 ,945 1 9 ,3 1 4 30,557 3 1 ,285 

GDP 1 994 $MM 1 03 1 59 1 82 822 1 ,493 1 ,624 

Imports Avoided 1 994 $MM 5 1  82  92 439 806 897 

Credit Cost ($/BOE) 1 994 $ 2 1 .93 1 5 .50 1 3 .83 23 .71  1 9 .90 1 8 .35 

Net Cost ($/BOE) 1 994 $ 20.2 1  1 4.37 1 2 .53 21 .43 1 8 . 1 0  1 6 .63 

Credit Cost ($/Well) 1 994 $ 85, 544 1 23 ,648 273,624 1 1 1  ' 1 50 1 49, 1 1 2  345, 1 42 

Net Cost ($/Well) 1 994 $ 78 , 8 1 6  1 1 4 ,632 247,972 1 00,468 1 35 ,628 31 2 ,729 

$14-$20 Phase-Out 

5 yrs 1 0  yrs 25 yrs 

1 7, 266 1 8 ,939 1 0 , 1 24 

243,257 232,638 1 20,5 1 9 

75 1 53 1 98 

2 ,000 3,363 3,750 

1 , 821 3, 054 3,365 

223 427 537 

48, 555 86, 1 50 1 0 1 ,033 

1 ,867 3, 932 5,265 

1 ,0 1 3  2 , 1 37 2 ,91 7 

26.78 22.02 1 8. 90 

24.38 1 9.99 1 6 .96 

1 1 5, 832 1 77,570 370,424 

1 05,465 1 6 1 ,255 332,394 



$8-$1 6 STEP PRICE TRACK; FULL COST BASIS; $6-$2-$1 CREDIT; 
NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$1 6 Phase-Out $10-$1 8 Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 36 , 841  34,628 23,839 40,323 41 ,546 29 ,82 1 
(average over period) 

Wells Receiving Credit # of Wells 74,468 39,234 1 5 ,090 1 86,566 1 78,229 1 53 ,437 
(average over period) 

Incremental Production MMBOE 1 21 2 1 4  337 1 30 245 402 

Credit Paid 1 994 $MM 1 ,038 1 ,038 1 ,038 1 ,388 1 ,9 1 5  3, 1 80 

Net Federal Cost 1 994 $MM 872 751 605 1 ' 1 88 1 ,548 2,566 

State & Local Revenues 1 994 $MM 225 407 642 261 500 856 

Employment Labor-Years 27,960 41 ,425 59,430 36,240 63,240 1 1 1 ,230 

GOP 1 994 $MM 2,508 4,867 8,039 2,738 5,654 9,685 

Imports Avoided 1 994 $MM 1 ,361  2,626 4,302 1 ,483 3,041 5, 1 94 

Credit Cost ($/BOE) 1 994 $ 8 .58 4 .85 3 .08 1 0 .68 7 .83 7 . 9 1  

Net Cost ($/BOE) 1 994 $ 7 .2 1  3 .5 1  1 . 80 9. 1 4  6 .33 6 .38 

Credit Cost ($/Well) 1 994 $ 28 , 1 75 29,976 43,543 34,422 46 ,093 1 06,636 

Net Cost ($/Well) 1 994 $ 23,670 21 ,688 25,379 29 ,462 37,260 86,047 

$14-$20 Phase-Out 

5 yrs 1 0  yrs 25 yrs 

43, 1 28 48,075 39,751 

1 89, 372 1 84,758 1 63 ,368 

1 40 279 501 

1 ,985 3,452 6,996 

1 ,743 2,967 6,066 

307 636 1 ' 1 96 

49 ,660 98,360 1 98,690 

3,006 6,544 1 2 , 1 90 

1 ,633 3,525 6,559 

1 4. 1 5  1 2 .38 1 3.97 

1 2 .43 1 0.64 1 2 . 1 2  

46,026 71 ,804 1 75,994 

40,41 5 6 1  ' 7 1 6 1 52,599 



$8-$20 CYCLE PRICE TRACK; FULL COST BASIS; $6-$2-$1 CREDIT; 
NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$1 6 Phase-Out $1 0-$1 8  Phase-Out $1 4-$20 Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 27,492 30, 1 66 27,241 34,546 38,71 6 32,824 40,833 48 ,827 38 ,937 
(average over period) 

Wells Receiving Credit # of Wells 1 2 1 , 1 05 1 25,075 53,459 1 64,780 1 71 ,229 77,255 1 69, 1 96 1 80 ,405 8 1 ,823 
(average over period) 

Incremental Production MMBOE 94 1 88 362 1 1 5  240 439 1 46 3 1 6  559 

Credit Paid 1 994 $MM 8 1 9 1 ,5 1 5  1 ,605 1 ,229 2,420 2,697 2,036 4,225 4, 874 

Net Federal Cost 1 994 $MM 601 1 , 1 59 934 1 ,044 2,090 2,01 5 1 ,689 3,622 3,851 

State & Local Revenues 1 994 $MM 2 1 1 388 791 256 482 941 364 7 1 0  1 ,280 

Employment Labor-Years 24,240 47,350 79, 1 00 35, 1 69 70,864 1 1 0,31 3 55,080 1 1 4,290 1 67,820 

GDP 1 994 $MM 2 , 1 65 4,098 9,373 2 ,708 5,298 1 1 ,308 3,506 7,082 1 4,336 

Imports Avoided 1 994 $MM 1 , 1 74 2,237 5,0 1 1 1 ,461 2 ,885 6,063 1 ,897 3,848 7,706 

Credit Cost ($/BOE) 1 994 $ 8 . 75 8 .05 4.44 1 0 .72 1 0.08 6 . 1 4  1 3 .99 1 3.36 8 .71  

Net Cost ($/BOE) 1 994 $ 6 .42 6 . 1 6  2 .58 9 . 1 0  8 .71  4 .59 1 1 .6 1  1 1 .45 6 .88 

Credit Cost ($/Well) 1 994 $ 29,791 50,222 58,9 1 9  35 ,576 62,507 82, 1 66 49 ,861  86, 530 1 25 , 1 77 

Net Cost ($/Well) 1 994 $ 2 1 ,861  38,421 34,287 30,22 1 53,984 6 1 ,388 41 , 363 74, 1 8 1 98, 903 



1 994 AEO LOW OIL PRICE TRACK; FULL COST BASIS; 
$6-$2-$1 CREDIT SCENARIO; NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $1 0-$1 8  Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 1 1 , 1 72 1 1  ,651 5 ,1 1 5  
(average over period) 

Wells Receiving Credit # of Wel ls 237, 1 63 225,350 86,673 
(average over period) 

Incremental Production M MBOE 37 66 72 

Credit Paid 1 994 $MM 878 1 ,323 1 ,323 

Net Federal Cost 1 994 $MM 797 1 , 1 97 1 , 1 93 

State & Local Revenues 1 994 $MM 59 1 1 0  1 22 

Employment Labor-Years 21 ,959 35,029 35,885 

GOP 1 994 $MM 923 1 ,726 1 ,880 

Imports Avoided 1 994 $MM 489 91 6 1 ,0 18  

Credit Cost ($/BOE) 1 994 $ 24.03 1 9.92 1 8.36 

Net Cost ($/BOE) 1 994 $ 21 .81 1 8.02 1 6.56 

Credit Cost ($/Well) 1 994 $ 78,591 1 1 3,551 258,659 

Net Cost ($/Wel l) 1 994 $ 71 ,340 1 02,736 233,243 



$8-$16  STEP PRICE TRACK; MARGINAL COST BASIS; $3 CREDIT; 
NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$16  Phase-Out $10-$1 8 Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 27,224 25,246 1 3,237 28,849 28,947 1 9,357 
(average over period) 

Wells Receiving Credit # of Wells 1 1 9, 1 67 59, 584 22,9 1 7 290, 1 20 281 ' 1 94 236,6 1 4  
(average over period) 

Incremental Production MMBOE 1 06 1 88 243 1 1 0 203 3 1 9  

Credit Paid 1 994 $MM 1 ,300 1 ,300 1 ,300 1 ,765 2,491 4,073 

Net Federal Cost 1 994 $MM 1 ,254 1 ,277 1 ,290 1 ,693 2,396 3,940 

State & Local Revenues 1 994 $MM 1 80 306 376 206 377 603 

Employment Labor-Years 33,955 44,964 5 1 ,945 43,941 7 1 ,043 1 1 7, 1 47 

GDP 1 994 $MM 2,043 3,963 5, 1 1 4 2 , 1 37 4,341 7,033 

Imports Avoided 1 994 $MM 1 ,278 2,460 3,288 1 ,337 2,685 4,363 

Credit Cost ($/BOE) 1 994 $ 1 2.25 6 .9 1  5 .36 1 6.03 1 2 .25 1 2 .76 

Net Cost ($/BOE) 1 994 $ 1 1 .82 6 .79 5 .32 1 5.38 1 1 .78 1 2 .35 

Credit Cost ($/Well) 1 994 $ 47,752 51 ,493 98,2 1 3 6 1 , 1 8 1 86,053 2 1 0,41 7 

Net Cost ($/Well) 1 994 $ 46,062 50 ,582 97,458 58,686 82,771 203,546 

$14-$20 Phase-Out 

5 yrs 1 0  ·yrs 25 yrs 

3 1  ,0 1 2 33,868 27,383 

292,283 286, 1 1 5  244,640 

1 1 6 226 439 

2,556 4,520 8,921 

2,427 4,289 8,548 

250 498 990 

60,51 0 1 1 4,45 1  227,51 6 

2,264 4,883 1 0 ,035 

1 ,41 1 2,993 6,024 

22 . 1 1 20.02 20.33 

20,99 1 9 .00 1 9 .48 

88,420 1 33,458 325,787 

78,261 1 26 ,638 3 1 2, 1 66 



$8-$20 CYCLE PRICE TRACK; MARGINAL COST BASIS; $3 CREDIT; 
NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$1 6 Phase-Out $10-$1 8  Phase-Out $14-$20 Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 1 8 ,726 1 9 ,339 1 6,728 22, 1 95 23,794 1 9 ,8 1 8 28,773 32 ,066 24,601 
(average over period) 

Wells Receiving Credit # of Wells 1 82 ,430 1 92 ,998 82 ,9 1 6 244,497 256, 1 38 1 1 6,3 1 9 249,324 263,535 1 1 9 ,768 
(average over period) 

Incremental Production MMBOE 67  1 37 270 76 1 60 309 94 205 376 

Credit Paid 1 994 $MM 998 1 , 945 2,066 1 ,499 3,036 3,407 2 ,463 5, 1 72 6,008 

Net Federal Cost 1 994 $MM 943 1 ,879 1 ,974 1 ,4 1 0 2,91 6 3 ,250 2 ,307 4,938 5,71 6 

State & Local Revenues 1 994 $MM 1 35 256 5 1 0  1 72 336 632 239 482 832 

Employment Labor-Years 25,748 49 ,9 1 7 73,657 36,838 74, 1 54 1 05, 572 58,295 1 21 ,239 1 65,058 

GOP 1 994 $MM 1 ,404 2,727 6,471 1 ,6 1 5  3,2 1 1 7,440 2,067 4,2 14  9,024 

Imports Avoided 1 994 $MM 881  1 ,688 3,888 1 ,006 1 ,977 4,437 1 ,272 2,574 5,365 

Credit Cost ($/BOE) 1 994 $ 1 4.92 1 4. 1 6  7.65 1 9.8 1  1 9.01  1 1 .02 26. 1 3  25.25 1 6.00 

Net Cost ($/BOE) 1 994 $ 1 4.09 1 3. 68 7 .31  1 8.63 1 8.26 1 0.5 1  24.47 24. 1 1  1 5.22 

Credit Cost ($/Well) 1 994 $ 53,294 1 00 ,573 1 23,504 67,538 1 27,597 1 71 , 91 1 85, 600 1 6 1 ,294 244,21 4 

Net Cost ($/Well) 1 994 $ 50,357 97, 1 60 1 1 8 ,004 63,528 1 22 ,553 1 63, 989 80, 1 79 1 53, 997 232,345 



1 994 AEO LOW PRICE TRACK; MARGINAL COST BASIS; $3 CREDIT; 
NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$1 6 Phase-Out $10-$1 8 Phase-Out $14-$20 Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 864 544 2 1 1 6,735 6,458 2 ,528 1 3, 839 1 6 ,454 7,948 
(average over period) 

Wells Receiving Credit # of Wells 259,561 1 60,047 61 ,557 332, 1 1 9  3 1 4,075 1 20,798 339,223 324,071 1 67,338 
(average over period) 

Incremental Production MMBOE 2 3 3 1 8  33 34  3 8  86  1 06 

Credit Paid 1 994 $MM 1 1 8 1 31 1 3 1 987 1 ,494 1 ,494 2 ,528 4,294 4,794 

Net Federal Cost 1 994 $MM 1 24 1 41 1 41 937 1 ,423 1 ,423 2,371 4,048 4,531 

State & Local Revenues 1 994 $MM 1 0  1 3  1 3  75 1 1 9 1 2 1 1 71 321 376 

Employment Labor-Years 2 ,676 3,048 3,049 2 1 ,702 33,822 33,941 54,379 95,432 1 08,381 

GOP 1 994 $MM 54 76  76 428 808 831  905 2 , 1 01  2,644 

Imports Avoided 1 994 $MM 34 54 54 256 485 494 530 1 ,246 1 , 573 

Credit Cost ($/BOE) 1 994 $ 50.64 39.09 38.99 55.29 44.96 43.95 66.25 49.7 1  45.29 

Net Cost ($/BOE) 1 994 $ 53.22 42.08 41 .96 52.49 42.83 41 .86 62 . 1 4  46 .86 42 .81  

Credit Cost ($/Well) 1 994 $ 1 36,574 240,853 620,288 1 46 ,544 231 ,359 590,945 1 82 ,677 260,968 603, 1 53 

Net Cost ($/Well) . 1 994 $ 1 43 ,5 1 9 259,239 667,638 1 39, 1 20 220,364 562,861  1 71 ,332 246,01 8 570,064 



$8-$1 6 STEP PRICE TRACK; MARGINAL COST BASIS; $6-$2-$1 CREDIT; 
NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$1 6 Phase-Out $1 0-$1 8 Phase-Out $14-$20 Phase-Out 
of Marginal Oil Well Credit 
' 

5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 40, 1 34 34,389 1 6 , 926 43,854 42,247 26,8 1 6  47 , 1 24 5 1 , 702 42,062 
(average over period) 

Wells Receiving Credit # of Wells 1 23,909 6 1 , 954 23,829 305, 1 25 294, 1 94 244,074 308,395 303,949 259,320 
(average over period) 

Incremental Production MMBOE 1 1 8  203 258 1 24 225 354 1 31 256 502 

Credit Paid 1 994 $MM 1 ,5 1 7 1 ,5 1 7  1 ,5 1 7  2,063 2,9 1 6 4,835 3 ,000 5,324 1 0 , 7 1 1 

Net Federal Cost 1 994 $MM 1 ,469 1 ,490 1 ,502 1 ,989 2,8 1 5 4,672 2,852 5,074 1 0 ,285 

State & Local Revenues 1 994 $MM 201 332 403 237 424 687 286 574 1 t 1 50 

Employment Labor-Years 39,0 1 0  50,470 57,050 1 7,950 28,775 47, 837 70,480 1 33,250 268,390 

GOP 1 994 $MM 2,301  4,3 1 0  5,469 2,443 4,857 7,859 2,6 1 2  5,6 1 6  1 1  , 6 1 0 

Imports Avoided 1 994 $MM 1 ,4 1 1 2,634 3,468 1 ,491 2 ,946 4,784 1 , 594 3,378 6,854 

Credit Cost ($/BOE) 1 994 $ 1 2 .85 7.47 5.88 1 6 .64 1 2 .94 1 3 .67 22.90 20.82 2 1 .35 

Net Cost ($/BOE) 1 994 $ 1 2 .44 7 .34 5 .82 1 6.04 1 2 .49 1 3.2 1  2 1 .77 1 9. 84 20.50 

Credit Cost ($/Well) 1 994 $ 37,798 44, 1 1 3  89,624 47,042 69,022 1 80,300 63,662 1 02, 974 254,647 

Net Cost ($/Well) 1 994 $ 36,602 43,328 88 ,738 45,355 66,632 1 74,222 60,521 98, 1 39 244,520 



$8-$20 CYCLE PRICE TRACK; MARGINAL COST BASIS; $6-$2-$1 CREDIT; 
NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $8-$1 6 Phase-Out $10-$1 8 Phase-Out $14-$20 Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 27;503 27,489 22,495 34 , 1 42 36 , 2 14  27,886 39,943 47,048 33,948 
(average over period) 

Wells Receiving Credit # of Wells 1 87,909 1 98,853 85 ,559 253,951 267,3 1 2  1 21 ,487 257,958 277,249 1 26, 942 
(average over period) 

Incremental Production MMBOE 75 1 51 293 88  1 82 341 1 05 231 41 4 

Credit Paid 1 994 $MM 1 ' 1 6 1 2,257 2 ,399 1 ,749 3,558 3,998 2,876 6,095 7,099 

Net Federal Cost 1 994 $MM 1 ,050 2 , 1 1 3  2,2 1 8  1 ,655 3,427 3,826 2,651 5,762 6,702 

State & Local Revenues 1 994 $MM 1 60 299 571 1 98 380 695 277 561 938 

Employment . Labor-Years 29,640 57,240 82 ,930 42 ,963 86, 1 55 1 20,460 67,460 1 41 ,050 1 89,930 

GDP 1 994 $MM 1 ,597 3,031 7,049 1 ,9 1 8  3,726 8 ,234 2 ,328 4 ,81 5 9,962 

Imports Avoided 1 994 $MM 973 1 ,838 4, 1 76 1 , 1 57 2,243 4,860 1 ,403 2,873 5,851 

Credit Cost ($/BOE) 1 994 $ 1 5.47 1 4.95 8 . 1 9  1 9.9 1  1 9 .58 1 1 .73 27.41 26.37 1 7. 1 3  

Net Cost ($/BOE) 1 994 $ 1 3.99 1 3 .99 7.58 1 8 .84 1 8.85 1 1 .22 25.27 24.93 1 6. 1 8  

Credit Cost ($/Well) 1 994 $ 42 ,2 1 3  82 , 1 07 1 06,644 5 1 ,227 98,250 1 43,272 72 ,003 1 29,549 209, 1 1 7  

Net Cost ($/Well) 1 994 $ 38 , 1 77 76,869 98,598 48,474 94,633 1 37,204 66,370 1 22,471 1 97,422 



1 994 AEO LOW OIL PRICE TRACK; MARGINAL COST BASIS 
$6-$2-$1 CREDIT SCENARIO; NEGATIVE TAXES ALLOWED 

Incremental Costs & Benefits $1 0-$1 8 Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 9,777 1 0,655 4, 1 69 
(average over period) 

Wells Receiving Credit # of Wells 335, 1 62 31 8,272 1 22,41 2 
(average over period) 

Incremental Production M M BOE 21  41 42 

Credit Paid 1 994 $MM 1 ,1 36 1 ,71 9 1 ,71 9 

Net Federal Cost 1 994 $MM 1 ,077 1 ,643 1 ,643 

State & Local Revenues 1 994 $MM 87 1 42 1 44 

Employment Labor-Years 25, 1 41 39,387 39,521 

GOP 1 994 $MM 51 5 1 ,007 1 ,031 

Imports Avoided 1 994 $MM 300 581 593 

Credit Cost ($/BOE) 1 994 $ 52.97 41 .97 41 . 1 1 

Net Cost ($/BOE) 1 994 $ 50.22 40. 1 2  39.29 

Credit Cost ($/Well) 1 994 $ 1 1 6, 1 86 1 61 ,331 41 2,352 

Net Cost ($/Well) 1 994 $ 1 1 0, 1 52 1 54, 1 98 394, 1 21 



$8 FLAT PRICE TRACK; $8-$1 6 CREDIT PHASE-OUT 
(NEGATIVE TAXES ALLOWED) 

Incremental Costs & Benefits Full Cost Basis Marginal Cost Basis 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wel ls 28,647 1 7,474 6,721 37,247 23,096 8,883 
(average over period) 

Wells Receiving Credit # of Wells 1 49,054 74,527 28,664 270,625 1 35,31 3 52,043 
(average over period) 

Incremental Production M M BOE 1 29 1 54 1 54 1 53 1 87 1 87 

Credit Paid 1 994 $MM 1 ,803 1 ,803 1 ,803 3,008 3,008 3,008 

Net Federal Cost 1 994 $MM 1 ,672 1 ,633 1 ,537 2,999 2,978 2,868 

State & Local Revenues 1 994 $MM 1 81 239 324 206 285 41 6 

Employment Labor-Years 37,625 39,420 39,420 64,030 66,4 1 7  66,41 7 

GOP 1 994 $MM 1 ,640 1 ,956 1 ,956 1 ,787 2,209 2,209 

Imports Avoided 1 994 $MM 958 1 , 1 39 1 , 1 39 1 , 1 86 1 ,446 1 ,446 

Credit Cost ($/BOE) 1 994 $ 1 3.95 1 1 .71 1 1 .71 1 9.61 1 6.05 1 6.05 

Net Cost ($/BOE) 1 994 $ 1 2.94 1 0.60 9.98 1 9.55 1 5.89 1 5.30 

Credit Cost ($/Well) 1 994 $ 62,939 1 03, 1 81 268,271 80,759 1 30,238 338,61 8 

Net Cost ($/Wel l) 1 994 $ 58,366 93,453 228,693 80,517  1 28,939 322,858 



$14 FLAT PRICE TRACK; $1 4-$20 CREDIT PHASE-OUT 
(NEGATIVE TAXES ALLOWED) 

Incremental Costs & Benefits Full Cost Basis Marginal Cost Basis 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 28,829 1 8,390 7,073 24,71 1 1 5,746 6,056 
(average over period) 

Wells Receiving Credit # of Wells 233, 1 08 1 1 6,554 44,828 332,885 1 66,442 64, 1 06 
(average over period) 

Incremental Production M M BOE 1 34 1 68 1 68 75 94 94 

Credit Paid 1 994 $MM 2,71 7 2,71 7 2,71 7 3,534 3,534 3,534 

Net Federal Cost 1 994 $MM 2,466 2,385 2,257 3,333 3,271 3,096 

State & Local Revenues 1 994 $MM 327 444 579 242 348 526 

Employment Labor-Years 66,891 71 ,275 71 ,275 76,591 78,801 78,801 

GOP 1 994 $MM 2,982 3,755 3,755 1 ,51 9 1 ,905 1 ,905 

Imports Avoided 1 994 $MM 1 ,642 2,067 2,067 952 1 , 1 98 1 , 1 98 

Credit Cost ($/BOE) 1 994 $ 20.28 1 6. 1 4  1 6. 1 4  47.36 37.71 37.71 

Net Cost ($/BOE) 1 994 $ 1 8.41 1 4. 1 6  1 3.40 44.67 34.90 33.03 

Credit Cost ($/Well) 1 994 $ 94,244 1 47,747 384, 1 43 1 43,01 1 224,435 583,531 

Net Cost ($/Well) 1 994 $ 85,538 1 29,694 31 9, 1 06 1 34,877 207,733 51 1 ,209 



$1 4-$20 STEP PRICE TRACK; $1 4-$20 CREDIT PHASE-OUT 
(NEGATIVE TAXES ALLOWED} 

Incremental Costs & Benefits Full Cost Basis Marginal Cost Basis 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 20,693 1 7,256 7,748 1 6,624 1 2,443 4,845 
(average over period) 

Wells Receiving Credit # of Wells 94,759 47,380 1 8,223 1 34,392 67, 1 96 25,845 
(average over period) 

Incremental Production M M BOE 91 1 53 1 73 46 66 67 

Credit Paid 1 994 $MM 1 ' 1 1 1  1 ' 1 1 1  1 ' 1 1 1  1 ,431 1 ,431 1 ,431 

Net Federal Cost 1 994 $MM 945 871 849 1 ,336 1 ,335 1 ,335 

State & Local Revenues 1 994 $MM 231 369 41 1 1 35 1 72 1 73 

Employment Labor-Years 35,096 46,291 49,31 6 34,548 37,936 38,077 

GOP 1 994 $MM 2,556 4,51 8 5,049 1 ,209 1 ,804 1 ,826 

Imports Avoided 1 994 $MM 1 ,394 2,455 2,835 723 1 ,091 1 , 1 1 0 

Credit Cost ($/BOE) 1 994 $ 12 . 1 9 7.26 6.42 31 .40 21 .69 21 .37 

Net Cost ($/BOE) 1 994 $ 1 0.37 5.69 4.90 29.32 20.24 1 9.94 

Credit Cost ($/Well) 1 994 $ 53,690 64,383 1 43,397 86,078 1 1 5,006 295,375 

Net Cost ($/Well) 1 994 $ 45,668 50,475 1 09,580 80,364 1 07,291 275,559 



$14-$20 SAWTOOTH PRICE TRACK; $1 4-$20 CREDIT PHASE-OUT 
(NEGATIVE TAXES ALLOWED) 

Incremental Costs & Benefits Full Cost Basis Marginal Cost Basis 
of Marginal Oil Well Credit 

5 yrs 10  yrs 25 yrs 5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 20,693 27,627 20, 1 89 1 6,624 20,905 1 5,995 
(average over period) 

Wells Receiving Credit # of Wells 94,759 92,635 50,310  1 34,392 1 31 ,874 71 ,781 
(average over period) 

Incremental Production M M BOE 91  225 431 46 1 1 2 21 1 

Credit Paid 1 994 $MM 1 ' 1 1 1  2, 1 35 2,957 1 ,431 2,775 3,904 

Net Federal Cost 1 994 $MM 945 1 ,777 2,359 1 ,336 2,61 5 3,71 5 

State & Local Revenues 1 994 $MM 231 544 995 1 35 301 51 1 

Employment Labor-Years 35,096 73,942 1 21 ,095 34,548 69,301 1 05,242 

GOP 1 994 $MM 2,556 6,259 1 2, 1 46 1 ,209 2,946 5,651 

Imports Avoided 1 994 $MM 1 ,394 3,403 6,633 723 1 ,729 3,300 

Credit Cost ($/BOE) 1 994 $ 1 2. 1 9  9.48 6.86 31 .40 24.80 1 8.52 

Net Cost ($/BOE) 1 994 $ 1 0.37 7.89 5.48 29.32 23.37 1 7.62 

Credit Cost ($/Well) 1 994 $ 53,690 77,280 1 46,467 86,078 1 32,741 244,080 

Net Cost ($/Well) 1 994 $ 45,668 64,322 1 1 6,846 80,364 1 25,087 232,264 



$8-$20 CYCLE PRICE TRACK; FULL COST BASIS 
(NO NEGATIVE TAXES) 

Incremental Costs & Benefits $10-$18 Credit Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 

Wells Saved # of Wells 1 5,91 6 1 8, 1 08 
(average over period) 

Wells Receiving Credit # of Wells 1 49,561 1 53,687 
(average over period) 

Incremental Production M MBOE 73 1 56 

Credit Paid 1 994 $MM 1 ,025 1 ,975 

Net Federal Cost 1 994 $MM 890 1 ,709 

State & Local Revenues 1 994 $MM 1 76 340 

Employment Labor-Years 26, 1 97 53, 1 48 

GOP 1 994 $MM 1 ,740 3,445 

Imports Avoided 1 994 $MM 945 1 ,882 

Credit Cost ($/BOE) 1 994 $ 1 4.03 1 2.67 

Net Cost ($/BOE) 1 994 $ 1 2. 1 8  1 0.96 

Credit Cost ($/Well) 1 994 $ 67,454 1 09,070 

Net Cost ($/Well) 1 994 $ 58,570 94,380 

1 994 AEO LOW PRICE TRACK; FULL COST BASIS 
(NO NEGATIVE TAXES) 

25 yrs 

1 9,441 

68,722 

309 

2, 1 90 

1 ,654 

701 

83,839 

8,088 

4,335 

7.09 

5.35 

1 1 2,650 

85,079 

Incremental Costs & Benefits $1 0-$1 8 Credit Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 5, 1 30 5,936 2,507 
(average over period) 

Wells Receiving Credit 
(average over period) 

# of Wells 231 , 121 21 9,635 84,475 

Incremental Production M M BOE 23 41 44 

Credit Paid 1 994 $MM 764 1 , 1 42 1 , 1 42 

Net Federal Cost 1 994 $MM 693 1 ,043 1 ,041 

State & Local Revenues 1 994 $MM 76 1 23 1 30 

Employment Labor-Years 1 7,837 27,950 28,453 

GOP 1 994 $MM 576 1 ,057 1 , 1 48 

Imports Avoided 1 994 $MM 306 564 635 

Credit Cost ($/BOE) 1 994 $ 33.57 27.96 25.82 

Net Cost ($/BOE) 1 994 $ 30.45 25.54 23.53 

Credit Cost ($/Well) 1 994 $ 1 48,934 1 92,395 455,532 

Net Cost ($/Well) 1 994 $ 1 35,093 1 75,71 6 41 5,244 

F.IV-20 



1 994 AEO HIGH PRICE TRACK; FULL COST BASIS 
(NEGATIVE TAXES ALLOWED) 

Incremental Costs & Benefits $14-$20 Credit Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 

Wells Saved # of Wells 7,703 6,822 
(average over period) 

Wells Receiving Credit # of Wells 200,302 1 00,1 51 
(average over period) 

Incremental Production MMBOE 32 54 

Credit Paid 1 994 $MM 942 942 

Net Federal Cost 1 994 $MM 850 850 

State & Local Revenues 1 994 $MM 1 1 6 1 83 

Employment Labor-Years 23,680 28,241 

GOP 1 994 $MM 908 1 ,71 0 

Imports Avoided 1 994 $MM 504 941 

Credit Cost ($/BOE) 1 994 $ 29.25 1 7.47 

Net Cost ($/BOE) 1 994 $ 26.40 1 5.25 

Credit Cost ($/Well) 1 994 $ 1 22,287 1 38,079 

Net Cost ($/Well) 1 994 $ 1 1 0,344 1 20,489 

$8-$20 CYCLE PRICE TRACK; FULL COST BASIS 
(WELLS DRILLED AFTER 1 995 ONLY) 

25 yrs 

4,464 

38,520 

73 

942 

850 

238 

32,943 

2,532 

1 ,425 

1 2.86 

1 0.80 

21 1 ,023 

1 77,1 97 

Incremental Costs & Benefits $10-$1 8 Credit Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 1 ,883 4,894 5,742 
(average over period) 

Wel ls Receiving Credit # of Wells 1 3,002 25,671 1 2,287 
(average over period) 

Incremental Production M MBOE 29 1 1 1  1 88 

Credit Paid 1 994 $MM 67 430 470 

Net Federal Cost 1 994 $MM 1 9  278 1 71 

State & Local Revenues 1 994 $MM 57 1 83 359 

Employment Labor-Years 6,079 25,350 39,61 5  

GOP 1 994 $MM 751 2,41 1 4,725 

Imports Avoided 1 994 $MM 404 1 ,297 2,542 

Credit Cost ($/BOE) 1 994 $ 2.28 3.88 2.50 

Net Cost ($/BOE) 1 994 $ 0.66 2.50 0.91 

Credit Cost ($/Well) 1 994 $ 35,582 87,863 81 ,853 

Net Cost ($/Well) 1 994 $ 1 0,090 56,804 29,781 
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1 994 AEO LOW OIL PRICE TRACK; FULL COST BASIS 
(WELLS DRILLED AFTER 1995 ONLY) 

Incremental Costs & Benefits $1 Q-$1 8 Credit Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 2, 1 31 3,869 4,451 
(average over period) 

Wells Receiving Credit # of Wells 1 8,580 27,885 57,568 
(average over period) 

Incremental Production M M BOE 31 93 280 

Credit Paid 1 994 $MM 1 39 323 1 ,21 2 

Net Federal Cost 1 994 $MM 95 1 85 775 

State & Local Revenues 1 994 $MM 53 1 66 524 

Employment Labor-Years 7,697 21 ,203 72,020 

GOP 1 994 $MM 695 2, 1 90 6,899 

Imports Avoided 1 994 $MM 374 1 , 1 78 3,71 2 

Credit Cost ($/BOE) 1 994 $ 4.45 3.49 4.33 

Net Cost ($/BOE) 1 994 $ 3.06 2.00 2.77 

Credit Cost ($/Well) 1 994 $ 65,227 83,484 272,298 

Net Cost ($/Well) 1 994 $ 44,580 47,81 6 1 74, 1 1 8  

$8--$20 CYCLE PRICE TRACK; MARGINAL COST BASIS 
(NO NEGATIVE TAXES) 

Incremental Costs & Benefits $1 Q-$18 Credit Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 1 9,674 20,209 1 7,330 
(average over period) 

Wells Receiving Credit # of Wells 225,095 232,829 1 05,378 
(average over period) 

Incremental Production M M BOE 74 1 48 282 

Credit Paid 1 994 $MM 1 ,41 6 2,824 3, 1 55 

Net Federal Cost 1 994 $MM 1 ,262 2,522 2,707 

State & Local Revenues 1 994 $MM 1 78 344 627 

Employment Labor-Years 1 2,01 3 23,736 33,742 

GOP 1 994 $MM 1 ,600 3,041 6,849 

Imports Avoided 1 994 $MM 989 1 ,865 4,070 

Credit Cost ($/BOE) 1 994 $ 1 9. 1 3  1 9.02 1 1 .20 

Net Cost ($/BOE) 1 994 $ 1 7.05 1 6.99 9.61 

Credit Cost ($/Well) 1 994 $ 71 ,974 1 39,737 1 82,053 

Net Cost ($/Well) 1 994 $ 64, 1 46 1 24,793 1 56,202 
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1 994 AEO LOW PRICE TRACK; MARGINAL COST BASIS 
(NO NEGATIVE TAXES) 

Incremental Costs & Benefits $1 0-$1 8 Credit Phase-Out 
of Marginal Oil Well Credit 

� 5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 6,972 5,841 2,286 
(average over period) 

Wells Receiving Credit 
(average over period) 

# of Wells 31 6,397 296,802 1 1 4, 1 55 

Incremental Production M M BOE 14 29 29 

Credit Paid 1 994 $MM 952 1 ,440 1 ,440 

Net Federal Cost 1 994 $MM 876 1 ,321 1 ,321 

State & Local Revenues 1 994 $MM 69 1 1 9 1 21 

Employment Labor-Years 20,436 31 ,999 32, 1 1 5  

GOP 1 994 $MM 346 71 5 732 

Imports Avoided 1 994 $MM 201 409 41 8 

Credit Cost ($/BOE) 1 994 $ 66.03 50.1 8 48.95 

Net Cost ($/BOE) 1 994 $ 60.76 46.03 44.91 

Credit Cost ($/Well) 1 994 $ 1 36,554 246,51 6 629,847 

Net Cost ($/Well) 1 994 $ 1 25,653 226, 1 44 577,797 

1 994 AEO HIGH PRICE TRACK; MARGINAL COST BASIS 
(NEGATIVE TAXES ALLOWED) 

Incremental Costs & Benefits $14-$20 Credit Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 5,297 2,851 1 , 1 86 
(average over period) 

Wells Receiving Credit # of Wells 275,508 1 37,754 52,982 
(average over period) 

Incremental Production M M BOE 1 5  1 7  1 8  

Credit Paid 1 994 $MM 1 , 1 81 1 , 1 81 1 , 1 81 

Net Federal Cost 1 994 $MM 1 ,099 1 ,099 1 ,099 

State & Local Revenues 1 994 $MM 74 78 82 

Employment Labor-Years 25,625 25,937 26, 1 77 

GOP 1 994 $MM 408 463 503 

Imports Avoided 1 994 $MM 234 279 31 2 

Credit Cost ($/BOE) 1 994 $ 79.77 70.71 65.92 

Net Cost ($/BOE) 1 994 $ 74.23 65.80 61 .34 

Credit Cost ($/Well) 1 994 $ 223,973 41 4,226 996,1 39 

Net Cost ($/Well) 1 994 $ 207,492 385,465 926,975 
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$8-$20 CYCLE PRICE TRACK; MARGINAL COST BASIS 
(WELLS DRILLED AFTER 1 995 ONLY) 

Incremental Costs & Benefits $1 0-$1 8  Credit Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 1 ,883 4,894 5,742 
(average over period) 

Wells Receiving Credit # of Wells 1 6,026 30,081 1 4,448 
(average over period) 

Incremental Production M M BOE 25 50 1 1 9  

Credit Paid 1 994 $MM 77 484 530 

Net Federal Cost 1 994 $MM 37 41 2 324 

State & Local Revenues 1 994 $MM 48 87 248 

Employment Labor-Years 5,671 1 9,603 32,926 

GOP 1 994 $MM 632 1 , 1 46 3,267 

Imports Avoided 1 994 $MM 340 61 6 1 ,757 

Credit Cost ($/BOE) 1 994 $ 3.08 9.60 4.45 

Net Cost ($/BOE) 1 994 $ 0.77 8.24 2.72 

Credit Cost ($/Well) 1 994 $ 40,892 98,897 92,302 

Net Cost ($/Well) 1 994 $ 1 9,650 84, 1 85 56,426 

1 994 AEO LOW OIL PRICE TRACK; MARGINAL COST BASIS 
(WELLS DRILLED AFTER 1995 ONLY) 

Incremental Costs & Benefits $10-$1 8  Credit Phase-Out 
of Marginal Oil Well Credit 

5 yrs 1 0  yrs 25 yrs 

Wells Saved # of Wells 2 , 131 3,869 4,451 
(average over period) 

Wells Receiving Credit # of Wells 20,864 32,71 8 73,053 
(average over period) 

Incremental Production M M BOE 28 76 1 98 

Credit Paid · 1 994 $MM 1 50 364 1 ,466 

Net Federal Cost 1 994 $MM 1 1 1  250 1 , 1 58 

State & Local Revenues 1 994 $MM 47 1 37 370 

Employment Labor-Years 7,569 20, 1 01 67,297 

GOP 1 994 $MM 61 7 1 ,802 4,867 

Imports Avoided 1 994 $MM 332 970 2,61 8 

Credit Cost ($/BOE) 1 994 $ 5.42 4.77 7.40 

Net Cost ($/BOE) 1 994 $ 3.96 3.29 5.85 

Credit Cost ($/Well) 1 994 $ 70,389 94,081 329,364 

Net Cost ($/Well) 1 994 $ 52,088 64,61 6 260,1 66 
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Glossary of Terms 

Abandonment - The temporary or permanent shutting-in of a well and ceasing 
further production, usually accomplished by placing cement in the well . 

Barrels of Oil Equivalent (BOE) - Expressing produced hydrocarbon volumes, 
both oil and gas, as a 42 gallon barrel. Gas is converted on a BTU basis of 
6 MCF per barrel of oil; therefore, 1 barrel of oil plus 6 MCF of gas would 
equate to 2 BOEs. 

Capital Development Cost - Also called "Investment," these are costs incurred 
for the infrastructure, wells, and producing facilities required for oil and 
gas operations. Typically, operating costs or the expenses to produce hydro
carbons are not included in the capital development costs. 

Cash Flow - This is the inflow or outflow of cash associated with the operation of 
producing hydrocarbons. The inflow of cash includes revenue from oil and 
gas, while outflows include payments of royalties, state and local taxes, and 
all the expenses associated with producing and marketing the hydrocarbon. 

Economics - As used in this report, economics refers to cashflow calculations 
considering only the cost incurred to produce hydrocarbons and does not 
address any of the costs associated with capital investment for facilities or 
wells. The classical economics parameters of return on investment, payout, 
and net present value were not addressed in any fashion in this report. 

Energy Security - Minimizing the amount of energy supplied from sources exter
nal to the country. 

Enhanced Recovery Technology - Advanced techniques utilized in oil and gas 
production operations in order to recover a greater percentage of the re
source base. Many of these technologies are described in greater detail in 
petroleum engineering literature. 

Inactive Wells - Wells that have been temporarily or, in some cases, perma
nently idled and under foreseeable price conditions, there are no plans by 
the operator to re-establish production. 

Independents - As  established in the tax code, refers to oil and gas producers 
and refiners with less than 50,000 barrels of oil per day of recovery through
put and less than $5 million in annual gross retail sales. 

Lease or property - An area of land on which wells are to be or have been drilled, 
usually having one owner, but may have multiple lessors. For the purpose 
of this report, a property or a lease may be used interchangeably. 

Majors - Refers to producers that do not fit the classification of independents, 
used interchangeably with "integrated." 
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Operating Cost (Expense) - Costs incurred to produce and market oil and gas. 
Lease level costs are those costs which are allocated only to the well or lease 
(termed "Marginal Cost" in this report) while there are many additional 
administrative and other overhead costs (termed "Full Cost" in this report). 

Original Oil or Gas in Place - The same as "Resource." This is the volume of hy
drocarbons in a geologic strata prior to any production from the reservoir. 

Primary Production - The stage of producing a reservoir prior to the use of 
advanced technologies for increasing recovery through secondary or 
enhanced oil recovery techniques. 

Profit - For the purposes of this report, cashflow was the only factor considered as 
profit. This is the amount of cash remaining after royalty and state and 
local tax deductions and payment of all expenses associated with producing 
and marketing the hydrocarbons. 

Regulatory - Dealing with federal, state, and local agencies which have jurisdic
tion over oil and gas operations and have established rules and regulations 
governing these operations. 

Reserves - Reserves are that portion of the resource which, based on technol
ogy and economic criteria, are expected to be produced during the life of a 
well. Typically, these are termed proved reserves. 

Resource - Used to describe the original, untapped oil or gas volume existing in 
geologic strata. This resource becomes a reserve as wells are drilled into 
the resource and begin to produce the portion of it that is recoverable. Vary
ing levels of technology are required to increase the percentage of resource 
which is recoverable above certain levels. Due to the nature of oil and gas 
producing strata and the physics of producing the resource, there will 
always be some percentage of the resource which remains unproducible. 

Resource Access - Refers to wellbores which have been drilled into and are pro
ducible from a resource base. 

Secondary Recovery Operations - Operations following primary recovery where 
the natural energy of the reservoir is supplemented through the injection of 
water or gas for pressure maintenance and to improve the percentage of 
resource recovered. More detailed description and definition of this term 
can be found in petroleum engineering literature. 

Seismic - An exploration technique using sound or vibrational waves emitted 
from the surface to aid in describing subsurface geologic strata and struc
ture. 
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